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Session One.  
Transmission Cost Allocation: What Lies Ahead? 
 
With the first filings of beneficiary pays methodologies under FERC Order 1000, transmission planning and cost allocation 
constitute a major step in electricity market design. The high level principle is clear but the details of implementation could be 
complicated. Are the proposals a step forward? How do the various proposals in different regions compare and contrast in dealing 
with transmission expansion to include reliability, economic, and public policy benefits? How are the benefits defined and 
measured? How well do the cost allocations meet the standard for assigning costs commensurate with benefits? The initial filings 
address the challenge of assigning costs within regions. What do the current filings say about the next major step for addressing 
transmission cost allocation across regions, with filings due in April 2013? What do the developing rules imply about regional 
consistency of cost allocation rules and how will this affect the opportunities and procedures for the broader cost allocation problem? 
How will the transmission cost allocation rules interact with the rest of electricity market design, development of renewable 
resources, and innovations of and for the smart grid? What will be the impacts of the rules in planning and investment in 
transmission systems? 
 
Speaker 1.  
Good morning everyone. I’m really glad to be 
here. I wanted to tell you a little bit today about 
Order 1000 and particularly what CAISO is 
filing today in compliance with the region 
requirements and also about what we’re 
anticipating working on towards the 
interregional compliance filing.  
 
Probably many of you are aware of this, but 
what FERC Order 1000 is intended to 

accomplish is really building on ways to 
improve planning in broader geographic regions 
and footprints and cost allocation. It’s requiring 
actually formally setting up processes to 
consider interregional planning and interregional 
transmission expansion and to allocate costs. It 
requires adding a public policy category to 
transmission upgrades, which hasn’t existed, in 
general, before. It requires cost allocation that 
aligns with the benefits of a facility, promotes 
and expands competition for building facilities, 
and so on. Then there are two compliance filings 
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that I said everyone is required to make--today 
for the regional requirements, six months from 
now in April for the interregional requirements.  
 
As we took this up in California to think about 
how the ISO would become compliant with 
Order 1000’s regional requirements, we realized 
that a lot of the job was already done, much of it 
due to the fact that in 2010 we substantially 
revised our transmission planning process. At 
that time, in a way, the handwriting was on the 
wall with regard to California’s environmental 
policy. Although it was not state law yet, there 
was a governor’s Executive Order expanding the 
twenty percent renewable portfolio standard to 
thirty-three percent.  
 
As a result, our interconnection queue is flooded 
with projects to build wind and solar (solar 
probably the biggest one) in areas of the state 
that were identified as rich in primary resources 
but didn’t have very good transmission. This 
was in contrast to the way transmission planning 
is traditionally done, where you look at load 
growth and you look at constrained areas, and 
occasionally there are some incremental 
increases in generation. Now it was really a 
wholesale change of the supply fleet that was 
going to be driving a lot of transmission--new 
generation plants developing in areas where they 
hadn’t been before.  
 
The transmission planning problem was very 
different, in that if you think about the normal 
categories of why you build transmission, 
they’re put in the category of either being 
reliability projects, because they’re going to 
solve a foreseen reliability problem at some 
point in the future, or they’re economic projects, 
because you do an economic cost benefit 
assessment, you determine that the benefits are 
higher than the cost and therefore its worthwhile 
to build a project. If you think about 
transmission going to areas where they’re 
building renewable generation, that transmission 
wouldn’t fall into either of those categories. That 
was the problem we were seeing. They weren’t 

justified under the traditional reliability or the 
traditional economic cost benefit basis.  
 
We recognized late 2009 that we needed to 
create a new category of transmission, and that’s 
where the “public policy” category was created. 
We filed that with FERC in 2010, and at the end 
of the year FERC approved that. Since the end 
of 2010 we’ve had a public policy category in 
our transmission planning process.  
 
We are already qualified under the terms of the 
Order to be a regional planning entity, so we 
didn’t have to create a new process, we needed 
merely to make some refinements to the one that 
we have. As a regional planning entity we 
include three major IOU’s: PG&E, Southern 
California Edison, and San Diego Gas & 
Electric, and several smaller public utilities. We 
have a regional cost allocation and a local cost 
allocation that I’ll get into in a minute. Having 
done the public policy driven category in 2010, 
at the same time we created a competitive 
structure--what we call “phase three” of our 
planning process. That is, after we’ve identified 
the upgrades that we want to build in the public 
policy or the economic categories, we now have 
a competitive solicitation for entities who are 
interested in building and owning those 
facilities, and they don’t have to be incumbent 
transmission owners or transmission providers. 
They can be completely independent companies. 
We’ve got that structure already in our tariff. We 
have not yet run the competitive solicitation, but 
anticipate we may do so next year.  
 
The current cost allocation is this postage stamp 
rate for high voltage facilities, two hundred kV 
or larger, and that was something we evolved to 
over a ten year transition period. Facilities below 
two hundred kV are recovered within the 
participating transmission owner’s tariff. 
They’re local, based on that particular 
transmission owner’s footprint. As we translate 
that into the Order 1000 language, high voltage 
is “regional,” and low voltage is “local.” Then 
there’s one passage in the Order that talks about 
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how to be local a facility has to be within a 
transmission provider’s footprint or service area. 
We have a provision in the filing that says, 
“Well, if we happen to build a low voltage 
transmission facility that goes outside the 
footprint and connects two of our participating 
transmission owners (PTOs), then we’ll 
characterize that as regional as well, at least for 
purposes of competitive solicitation,” 
(competitive solicitation is, I think, a lot of the 
reason for this categorization.)  
 
Another question related to Order 1000 
compliance is where are you opening up 
competition? Another part of our filing was to 
enhance and clarify the competitive 
opportunities we started out with in 2010--
economic projects and public policy driven 
projects would be open to competition. What 
Order 1000 does is require that we expand that 
to include reliability projects as well, provided 
they’re in the regional category. That is, 
provided that they’re being subject to the 
regional cost allocation. That means projects 
above two hundred kV would be open to 
competition. What’s in the local category stays 
with the incumbent PTO’s, as well as projects 
where you’re just upgrading existing facilities. 
That would also stay with the PTO’s.  
 
We were asked to clarify how stakeholders can 
engage in discussing public policy requirements. 
We’ve taken a pretty narrow view so far, in the 
sense that public policy requirements that make 
it into transmission planning as planning 
objectives have to be mandates. They have to be 
something that’s in the law that’s really a 
requirement that both parties have to comply 
with, because we don’t want to build 
transmission for something that ends up not 
being used. For the most part stakeholders are 
supportive of what we’re filing today. There’s 
some disagreement about a few little details (not 
necessarily little, depending on your point of 
view), but certainly not the basic substance of 
what we’re filing.  
 

One of the details was this default backup 
responsibility to build—this provides that if a 
competitive developer is awarded a project and 
for some reason had problems and doesn’t 
complete it, we can still rely on our participating 
transmission owners and require one of them, 
because the project was, after all, found to be 
needed in our planning process.  
 
There are also some parties that wanted us to 
have a competitive solicitation that was based on 
a really strict formula, with all the different 
criteria listed and point values and waiting 
factors and all of that. Since we haven’t done 
this before we felt that that would be very 
arbitrary to try and set something up at this 
point, having never done it, and moreover too 
restrictive, because there are a lot of subtleties 
that come into play regarding the timing, for 
example, when something is needed.  
 
Moving on to interregional compliance, this has 
not been something that we’ve been able to get 
into much earlier than now, because there were 
certain things that had to be finalized with these 
current filings. Columbia Grid, Northern Tier 
and WestConnect are the three other regional 
planning entities in the West. The four of us 
have been having some conversations as a 
group, and now we’ve set up a little bit more of 
a formal structure with two work groups.  
 
We have two areas of focus that we think are the 
main requirements of the Order, and one is the 
process. How will we accept proposals, how will 
we consider, how will we look into our 
transmission planning needs to try and identify 
potential interregional projects? Once we 
identify them, how will we determine who gets 
the benefits--whether each area will approve 
them or not? We needed basically to lay out a 
coordinated process whereby we’ll all do that. 
We’re trying at this point to get one set of rules 
that works for all four of us. We could comply 
with the Order by each pair of entities having 
rules for how they’re going to do this, but 
considering that the West is an interconnected 
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region, it would certainly be better if we can 
have one set of rules that everyone is happy 
with. One will be on the process; another will be 
on the actual cost allocation provisions 
themselves.  
 
In order to engage in this effort our working 
hypothesis is that each region’s compliance 
filing with the regional requirements is going to 
be accepted. I don’t know what other kind of 
working hypothesis we could have. And all three 
are different. We have not yet looked into the 
details of everything, because some of the 
planning entities kept the regional requirements 
kind of close, and we haven’t really been able to 
put them side by side and compare. After the 
filings come in today we’ll be able to put them 
side by side and start looking for commonalities 
and differences.  
 
One of the important things that the ISO and 
others filed for clarification on after Order 1000 
came out, and that was clarified in 1000A, was 
that one region can’t decide to build something 
and decide that another region is getting the 
benefits and should pay for it. Any interregional 
facility that’s going to be approved to go ahead 
and be built and recover costs through the 
interregional cost allocation has to be approved 
in the planning process of each of the regions 
that is participating in the project and is going to 
get a share of the cost allocation. Having said 
that, then the process that we’re going to design 
for interregional compliance has to allow both 
for some interregional collaboration on deciding 
whether the project is worthwhile and should go 
forward as well as for each individual planning 
process of each region to evaluate and determine 
whether it offsets or eliminates the need for 
regional projects or provides benefits that 
regional projects would have provided. That’s 
part of the process.  
 
We’re expecting that as we look into the cost 
allocations in each of the different regional 
filings there will be some indication there of 
where they intend to go, because in certain sense 

the ISO started with already having a regional 
structure and already being a regional planning 
entity, but other entities, particularly like 
WestConnect, have had to do something that 
looks like an interregional type of cost allocation 
and approval process. We expect to look for 
those filings as indicators of where we think 
parties will want to go, at least in initial 
discussions on the interregional piece of this.  
 
Now, finally, where this all might go in the way 
of transmission development. It’s really too 
early to speculate on what the ultimate outcomes 
will be in terms of what kinds of new projects 
are going to get approved, but we do have some 
evidence based on what we’ve seen coming to 
CAISO in the way of what might be elevated to 
interregional projects. There are really two main 
categories that we’ve seen, mostly stemming 
from California’s thirty-three percent RPS and 
the fact that there are areas outside of California 
that are promising to develop the generating 
resources that could provide that, areas rich in 
wind, rich in solar energy. The idea is, “Well, 
then we should build transmissions that connect 
these regions to California that enables energy to 
come from these renewable resources, and since 
California has the thirty-three percent RPS, 
California is the beneficiary, so therefore 
California should pay for the lines.” You might 
imagine that there’s not too much of an appetite 
for that in California, but beyond the question of 
whether we like it or not, from the ISO 
perspective that’s really more of a resource 
planning issue, not a transmission planning 
issue. It starts, in other words, with, “Where 
does California want to procure its resources 
from?”--which is the state’s policy decision, not 
the ISO’s policy decision. When we go back to 
our public policy category in transmission 
planning, the way we do that is, given the 
resource rich areas that potentially could provide 
renewable generation to meet thirty-three 
percent RPS, there’s too many of them to build 
transmission all over the state to connect these 
regions. There’s uncertainty about where they 
are actually going to develop, because the 
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projects that are in the connection queue are all 
over the place. We have to rely on the state to 
provide us generation development scenarios or 
portfolios that express how they see the build-
out of generation to meet the thirty three percent 
RPS, and transmission then responds to that.  
 
Speaker 2. 
Good morning I want to start by telling you that 
it is truly an honor for me to represent the 
accomplishments of the PJM transmission 
owners on the issue of cost allocation. Finding a 
compromise in this case was a very hard-fought 
success. The transmission owners sought to 
allocate costs on the principle of Order 1000. No 
one has a glass ball in terms of system needs, 
especially with integration of renewables and 
unknown public policy mandates.  
 
If you’ve been following this issue within PJM, 
you’ll know that it has been a highly contentious 
issue for nearly a decade within PJM. Some of 
the complicating factors include PJM’s size and 
diversity. PJM’s footprint covers a large area, 
coordinating with municipal electricity in all or 
part of thirteen states and the District of 
Columbia. According to the website, PJM has an 
area of two hundred fourteen thousand square 
miles and a population of about sixty million 
customers, with a peak demand of almost a 
hundred sixty four thousand megawatts. In PJM 
the Transmission Owners are represented by 
fourteen parties--all of these zones that you see 
up on this map—so there were fourteen parties 
at the table talking about cost allocation. When 
you added up all of the business people and the 
lawyers, there were quite a few people in the 
room talking about cost allocation for the past 
year.  
 
We have reached a successful compromise. We 
believe that it provides a fair, just, and 
reasonable balance for all stakeholders. I will 
say that the Transmission Owner agreement 
pertains only to those projects that are approved 
by the PJM board on or after the compliance 
filing effective date of Order 1000 and does not 

resolve pending appeals pertaining to pre-Order 
1000 issues such as the Opinion No. 494 
remand. The transmission owners believe that 
since the cost allocations are aligned with those 
who benefit and the methodology provides a 
level of regulatory certainty, that this should 
result in transmission built based on need.  
 
To provide a little bit more background about 
PJM, within PJM the Transmission Owners 
(TOs) have the right and responsibility to file 
section 206 compliance filings for rate and rate 
design of transmission service in PJM. Any 
decision on how to comply with the FERC 
directive must be authorized by the transmission 
owners by a two thirds majority vote and the 
TO’s must give thirty days’ notice to PJM and 
the Member Committee. PJM can file the tariffs 
on behalf of the transmission owners.  
 
This next slide is a graphic that’s meant to 
illustrate the time and effort that all stakeholders 
have put into this issue at PJM. Since as early as 
fall 2003 the PJM transmission owners and other 
stakeholders have been litigating this issue, and 
generally the eastern and western portions of 
PJM have eventually landed on polar opposite 
positions related to cost allocation. Today, 
generally, the eastern states advocate for 
socialization of higher capacity transmission 
facilities and the western states argue that 
historic infrastructure needs in the east do not 
benefit the west in proportion to load ratio share. 
Then they also argue that five hundred kV is not 
a fair cut off for regional facilities.  
 
Those that support “postage stamp” cost 
allocation (also termed socialization of cost 
based on load ratio share) argue that this 
methodology captures the full spectrum of 
benefits, including those benefits that are 
difficult to quantify, and they also argue that this 
method appropriately captures the changes in 
system over time. On the other end of the 
equation, the opponents of socialization argue 
that load ratio share fails to determine specific 
quantification of regional benefits, and that five 
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hundred kV is not a fair cut off for regional 
facilities, since double circuit 345 kV serves a 
similar purpose in the western part of PJM.  
 
On the other end of the spectrum are supporters 
of what’s termed distribution factor analysis 
(DFAX), and those supporters reason that 
beneficiaries can be determined mathematically 
through power flow analysis that determines 
what loads contribute to the violation. Those that 
oppose DFAX argue that it’s a static analysis 
and does not consider system changes over time, 
and that it fails to account for difficult to 
quantify system-wide benefits, because it 
focuses on power flows related to the violation.  
 
The TO’s have been working actively together 
with PJM since August of 2011 to share cost 
allocation views and negotiate a compromise. 
The final compromise was overwhelmingly 
supported by the transmission owners 
representing over ninety nine percent of the PJM 
system. It’s been open for stakeholder comments 
since mid-July. Two stakeholder meetings have 
been held and the TO’s have also met with 
representatives from most of the PJM state 
commissions in an effort to develop a 
comprehensive proposal.  
 
I’ll get into a little bit of the elements related to 
the proposal for regional cost allocation 
principles. The principles apply, as I said, to our 
projects that are approved by the PJM board on 
or after the effective date of the compliance 
filing. We’re proposing that that effective date 
be February 1, 2013. There are key elements of 
principles for regional cost allocation such as 
distinguishing between regional facility projects, 
which are defined as double circuit 345 kV and 
500 kV and above, and lower voltage projects.  
 
In general, the principles allocate fifty percent of 
cost to specifically identified beneficiaries and 
fifty percent of cost on a postage stamp basis 
using non-coincident zonal peak load ratio share 
for regional facilities. For lower-voltage projects 

the principles allocate a hundred percent of cost 
to specifically identified beneficiaries.  
 
This slide gives you a summary of the principles 
by project type for Baseline Reliability and 
Operational Performance projects within PJM. 
Those costs are allocated fifty percent postage 
stamp and fifty percent using a new term we call 
Solution-based DFAX for Regional Facility 
Projects, and on a 100% Solution-Based DFAX 
for lower voltage projects. Solution-Based 
DFAX was a critical element related to the 
compromise of the cost allocation for PJM. At a 
high level it’s a power flow analysis that focuses 
on the reinforcement identified to resolve the 
violation. It’s a significant step, we believe, in 
the direction of mathematically determining 
beneficiaries, and I’ll talk to you a little bit about 
this in the next slide.  
 
Rounding out the summary of principles by 
project type, for Market Efficiency projects the 
cost will be allocated fifty percent postage stamp 
and fifty percent to the zones that benefit 
through decreased load payments for Regional 
Facility projects. For lower voltage, 100% of 
cost will be allocated to zones that benefit 
through decreased load payments.  
 
Just to give you a little summary of the 
difference between the current methodology and 
the proposed methodology, as I said, the 
definition of Regional Facility projects will now 
include double circuit 345 kV, and that 
recognizes that voltage levels serve comparable 
purposes in the west as they do at five hundred 
kV in the east. Regional facilities are allocated 
fifty-fifty, as I indicated. We’re introducing the 
application of Solution-based DFAX, which is 
used for Baseline Reliability and Operational 
Performance projects and that provides for 
annual updates throughout the life of the asset. 
For regional Market Efficiency projects, fifty 
percent of cost will be allocated to zones that 
benefit through decreased load payments.  
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I want to just spend a little bit of time talking 
about this concept of Solution-based DFAX. As 
I said, it’s a power flow analysis that measures 
the response factor of the reinforcement 
identified to resolve the violation. The method 
will be applied to Baseline Reliability and 
Operational Performance projects within PJM. 
There are significant advantages over the current 
violation-based DFAX. Solution-based DFAX 
eliminates the complexities related to the current 
methods, such as who caused the violation, and 
under what scenario was the violation realized, 
and has the significant improvement that the 
method can be recalculated annually. PJM has 
indicated that it’s not administratively 
burdensome for them to recalculate this 
annually, which allows for identification of 
changing beneficiaries over time. Also, it uses 
the current planning models. The power flow 
analysis determines the zone’s use of the new 
facility at peak load conditions and then a 
production cost analysis determines the total 
energy use in each direction over eight thousand 
seven hundred sixty hours in a year, and the 
mathematical combination of both those results 
determines relative benefit over time.  
 
Regarding the concept of “public policy” 
projects, which is a critical component of Order 
1000, there are multiple ways for public policy 
to be included in the PJM planning for 
transmission. PJM filed a filing this past 
February whereby public policy will be a 
consideration for planning scenarios. Public 
policy projects that do not require PJM board 
approval can be classified as supplemental 
projects where the cost is the responsibility of 
the developer, and PJM is currently working on 
tariff revisions to incorporate the resolution 
related to “State Agreement Approach,” which 
provides for the states to determine the need for 
transmission and recommend cost allocation. If a 
separate “public policy” or “multi-driver” 
project category is added to the tariff, then the 
transmission owners will propose a cost 
allocation methodology.  

I just want to round out the recommended 
proposal that is to be filed related to Order 1000. 
For aging infrastructure, replacement cost will 
be allocated the same way as the original 
facility, unless replaced as part of a PJM-
directed project. Generation interconnection will 
continue to be allocated on a “but for” basis. 
Cost allocation of direct current facilities will be 
similar to AC lines--where DFAX analysis is 
needed for DC lines, an AC proxy will be used. 
All PJM board-approved RTEP projects that 
cost less than $5 million will be allocated to the 
zone where the facility is being built.  
 
This slide just indicates all of the principles that 
were indicated in Order 1000 and 1000-A. The 
PJM transmission owners believe that we are in 
compliance with this Order. I want to close with 
this quote from Henry Ford that seems to get to 
the heart of our efforts among the PJM 
transmission owners, “Coming together is a 
beginning; keeping together is progress; working 
together is success.” Working together by 
enabling each other’s points of view and 
building on common ground proved to be the 
key to success in this instance. I believe 
continuing to work together through forums 
such as this policy group here today will ensure 
future progress as the industry evolves.  
 
Moderator: Clarifying questions? 
 
Question: I had a question in regards to 
Operational Performance transmission upgrades. 
It sounds like it’s somewhat of a new category, 
and I was wondering if it’s related to the off-
peak problems that PJM is having, or is this 
related to renewable energy or both? 
 
Speaker 2: Operational Performance and 
Baseline Reliability projects have been 
categories of RTEP projects within PJM. So 
they’re not related to integration or renewables 
necessarily. 
 
Question: You mostly described cost allocation, 
and I want to back up from that. I’d like to 
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understand a little bit more about how the 
decision is made as to what projects are built.  
 
Speaker 1: Well, under our transmission 
planning tariff the ISO conducts the 
transmission planning process for the entire 
system, but it’s done in collaboration with 
participating transmission owners who do 
certain kinds of the studies. We identify 
reliability needs first, anticipating where they 
will be and when they will arise. The PTO’s are 
required to propose potential solutions, but then 
the ISO engineers and the engineers of the 
PTO’s get together and then ultimately decide 
what would be the most cost-effective solutions 
and propose them. We have several stakeholder 
meetings during the course of the annual cycle 
where all of our tentative proposals are put out 
for comment and we get comments. Then 
ultimately the ISO produces the plan that has all 
the recommended upgrades that we’re going to 
take to our board for approval. 
 
Question: So do you have anything like a 
certificate at the end that says, “This is the best 
solution?” 
 
Speaker 1: I don’t know that it’s one 
optimization that puts everything together and 
comes up with an optimal system, but the 
engineers are doing power flow studies and a 
variety of things. I don’t know that it’s quite the 
integrated formal structure you’re suggesting. 
 
Speaker 2: Within the PJM, the process is 
similar to what you just described. I would just 
add that cost allocation follows planning, so to 
the extent PJM determines the need for a project 
for reliability or operational performance, or 
they agree that there’s an economic project that 
meets the benefit threshold, then these cost 
allocation principles would be applied to those 
projects that are board approved. 
 
Question: I have a very simple definitional 
question, what does DFAX stand for? 
 

Speaker 2: Distribution factor analysis.  
 
Question: Speaker 2, you’ve got various 
formulas for different types of projects in your 
filing--is it clear that all the projects are what 
they are--that they are reliability projects, or 
public policy projects, or efficiency projects, or 
do you anticipate disputes about into what 
category a project would fall? 
 
Speaker 2: That’s a great question. Actually, 
within PJM’s reliability transmission expansion 
plan, which is the RTEP process, there are 
defined project types. There’s Baseline 
Reliability, Operational Performance, and 
what’s termed Economic or Market Efficiency. 
Then to the extent that they changed their tariff 
to include the State Agreement approach that 
related to the resolution that’s been passed by 
our state commissions, then that will be a 
separate project type. Right now there is no 
project type called “public policy” and there’s 
no project type yet called “multi-driver.” 
 
Question: It seems to me that there might be 
disputes as to which bucket your project falls 
into, and therefore which formula is used. Is that 
a fair assessment? 
 
Speaker 2: I don’t foresee that, simply because 
the board will approve it as a particular project 
type. 
 
Question: Speaker 2, on slide nine, when you’re 
defining the Solution-based DFAX 
methodology, I could interpret “non-contingency 
flow” two ways. One is ignoring the 
contingency constraints and doing a power flow, 
the other way would be what I would call pre-
contingency security-constrained power flow, 
where you reflect the contingency constraint, but 
you look at the flows on the system that are 
dispatched satisfying all of those constraints, but 
the contingencies haven’t occurred. Is it the 
ignoring the contingency constraints meaning, or 
is it the enforcing the contingency constraints 
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but assuming the contingency hasn’t occurred 
meaning? 
 
Speaker 2: I guess probably the best way to 
answer that question is that my understanding is 
that PJM will be employing DFAX in the same 
way that it employs it today, but it will be 
looking at the solution--in other words, how 
power flows over the new line every year, rather 
than at the violation, so I believe the latter of 
what you just described is how the analysis will 
be conducted.  
 
Comment (later): It is the power flow without 
considering any contingency constraints. 
 
 
Speaker 3. 
Thank you for bringing me back here. I am 
going to talk to you about the work the 
Southwest Power Pool (SPP) Regional State 
Committee has done. The interesting thing about 
SPP is that they delegated cost allocation to the 
State Committee. SPP basically said, “Well, as 
long as the states can agree on what a reasonable 
cost allocation looks like we’ll file it at FERC.” 
The Regional State Committee (the RSC) 
developed a highway/Byway sort of a postage 
stamp approach for the internal projects, and 
then started to focus on what they call “seams” 
cost allocation, interregional cost allocation--that 
was before Order 1000 even came up. They 
realized that none of the projects that SPP is 
planning are along the seam or close to the 
seam, so Missouri and Arkansas didn’t get any 
projects. They realized there’s something going 
on with interregional projects, and they realized 
that there’s just no way to allocate cost in any 
meaningful fashion, and that created a barrier. 
They looked into this, and we helped them with 
that, and there is a report on the HEPG website, 
Seam Cost Allocation, that has quite some detail.  
 
We did a lot of work with the states 
documenting the problems and going all the way 
to diagnosing the problems. They have operating 
agreements that include interregional planning 

provisions. We looked at those interregional 
planning provisions and saw what was listed in 
there that isn’t working quite as well as it could. 
We looked at a dozen or so examples from 
around the country and Europe where 
interregional planning and cost allocation has 
been discussed. There is some experience out 
there, not a lot. PJM, as you all know, has 
interregional tariffs for reliability and market 
efficiency projects--not that anything really got 
built under those tariffs, but they are at least on 
the books. We tried to figure out what is the best 
practice, what can we learn from these systems 
that worked and didn’t work? We also looked at 
barriers--what is different about interregional 
projects? There are just a tremendous amount of 
barriers from just the uncertainty that one RTO 
doesn’t know what the other RTO is doing or 
what the other RTO planning process is looking 
like. There is always a data and models problem, 
because if SPP studies something and says, 
“Here is an interregional project that makes 
sense,” and then goes to MISO, goes to Entergy, 
the first answer is, “Well, you didn’t use our 
latest model, we don’t know if we can trust that 
analysis.”  
 
The other problem is that there are really 
different project types. We looked at case 
studies of interregional projects that actually 
have been built and some that have been 
proposed. Most interregional projects are not the 
same type of project in the neighboring RTOs. It 
might be a reliability project for SPP, but it 
might be a market efficiency project for Entergy. 
We realized that the different types of projects, 
or how different RTO’s look at the projects, 
creates a barrier. SPP does not have the 
categories of this is a reliability, this is a market 
efficiency project. It’s just all transmission 
projects, and they have multiple attributes. Even 
reliability projects provide market efficiencies 
most of the time. They don’t have the 
distinction. MISO has the distinction--so how do 
you plan across if the project definitions don’t 
even fit?  
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Then the other item that we will talk more about 
is that interregional planning and cost allocation 
immediately deteriorates to the least common 
denominator approach because folks can only 
agree on where their processes overlap.  
 
What should an interregional planning 
framework or cost allocation look like? What we 
found is that a framework needs to be quite 
flexible. Formulaic frameworks just don’t work 
well. SPP has some neighbors that are FERC 
jurisdictional. They have some neighbors that 
are not jurisdictional that are public power. The 
project types are a big problem too. Any 
framework needs to be flexible enough to 
accommodate different types of neighbors in 
different types of projects. You also need to 
work well with the internal planning process that 
you already have, because once you allocate 
costs of a “seams” project your share of those 
costs will still have to be recovered internally, 
and the question is, how would you do that.  
 
Even though the initial charge of the effort was 
just to focus on cost allocation, we realized that 
on the interregional perspective it’s very hard to 
do the planning first and cost allocation later, 
because a lot of the ISO’s don’t even know 
when it’s worth planning for a project if they 
don’t have some indication of what cost 
allocation might look like.  
 
What we found is that a bunch of things need to 
fall in place for this to work, and we came up 
with the “seven building blocks.” The absence 
of any one of those building blocks can prevent 
interregional projects from happening. The 
building block up there is that you need regular 
interregional planning meetings. SPP has 
interregional agreements with MISO and others 
that specify interregional planning meetings 
already. There are some improvements that need 
to be made. Another building block is regular 
exchange of planning data and model--for a 
large part that’s happening as we speak. Another 
building block is that there needs to be a more 
clearly specified process of how each RTO 

could propose or how they would analyze seams 
projects. Another is that we need to specify 
evaluation criteria and benefit metrics. Then we 
need to have seams cost allocation principles--
how do you use the benefit metrics to come up 
with cost allocations? The sixth building block is 
interesting here, because once you know how to 
share costs you still need to figure out how 
people actually pay each other. That’s more 
difficult than you would think, because people 
can’t just write checks to each other, for the 
most part. Then, seven, whatever cost allocation 
comes out you have to integrate back into the 
internal processes. Then we have an optional 
building block here, and that is, for certain types 
of projects you might be able to develop some 
very formulaic mechanisms. If there’s a 
reliability project, for example, both neighbors 
maybe can use something like MISO or PJM 
have for their interregional reliability projects to 
speed up the process.  
 
Let me talk a little bit more about these building 
blocks. I won’t go through everything I have 
here, but on the interregional planning meetings 
what we find is that you really need to involve 
state commission representatives, because 
almost all interregional projects are multi-state, 
and if you don’t get the state buy-in at the outset 
in these planning meetings it’s very hard to get 
them through later, because all the permitting is 
at the state level. You really want state 
representatives to be part of that. We have some 
case studies that show that these types of 
projects really go much more smoothly if the 
state signed off early on.  
 
On the exchange of planning data building 
block, we found it’s not good enough to just 
exchange data. What you really need to do is 
develop power flow models and other planning 
tools and try to endorse those models so that 
each neighbor knows this is accurately 
representing the neighboring systems. That’s not 
happening right now, because MISO has its 
version of it and PJM doesn’t necessarily agree 
with what MISO is modeling on the PJM side of 
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the seam and vice versa. You really want some 
joint models.  
 
On process, one thing that is interesting is that 
there’s not even a process specified of how TO’s 
who have a great idea for a seams project would 
propose that internally to the ISO so the ISO 
could then go to its neighbor and say, “Let’s 
look at this.” We need more specificity on how 
such projects can even be brought up internally, 
and then whatever SPP would have to do 
initially before they even approach MISO--what 
kind of analysis would have to be done.  
 
Then once we get allocated costs, how will that 
be recovered internally through the local charge 
or the postage stamp charge? We can do better 
there.  
 
With respect to a lot of seams projects, one thing 
we found is, “Well, how do you define a seams 
project?” As I will explain, we actually found 
that the requirements of Order 1000 aren’t quite 
enough to make them workable, because if you 
define a seams project only as a project that 
physically crosses the seam, you’re missing a 
whole lot of projects that are really seams 
projects. The Michigan Phase Angle Regulators 
is a good example. It is a seams project. It 
regulates power flows in MISO, in PJM, in the 
New York ISO, and in Ontario, but it’s all 
located in MISO--so does that make it not a 
seams project? We don’t think so. We think that 
seams agreements between the RTOs on a 
voluntary basis should go beyond Order 1000 
and really define seams projects as projects that 
have significant benefit in more than one of the 
RTOs.  
 
We also think that once you specify a project 
you should be able to propose projects 
unilaterally, so that SPP can say “Look, we did 
all of this analysis, we think we have a really 
good project that would make sense to you, too,” 
and then propose that formally unilaterally, so 
you don’t have to wait for a three year cycle of 
joint regional planning to develop these project 

ideas. Of course, this could apply to individual 
projects that fix this certain need or to a portfolio 
of projects -- a seams project or several seams 
projects that would be part of the MISO multi-
value project portfolio, for example.  
 
On the evaluation criteria and benefit metrics 
building block, this is an area that I think is 
critical because we need to recognize the 
challenge that different projects have different 
benefits in different RTOs -- one project might 
have a reliability benefit in PJM but have a 
public policy benefit in MISO, for example. The 
difficult thing with interregional projects is that, 
if we look at what the ISOs are doing, how 
MISO and SPP are talking, or MISO and PJM, 
the natural tendency is to say, “Well, we don’t 
agree with all the benefit metrics that you have, 
and they are different enough, and we can’t find 
an agreement on new benefit metrics that work 
for both of us, so why don’t we just take the 
benefit metrics that we all agree upon?” Most of 
these RTOs have production cost as one of many 
metrics. They say, “Well, we’ll use just the 
production cost to analyze seams projects, 
because we can agree on how to calculate that, 
and then we don’t need to get into all of the 
other benefit metrics.” We already know from 
five or six years’ worth of experience that you 
can’t justify any major transmission project 
solely based on the production cost. That’s just 
fuel cost savings. There are other benefits 
beyond just production cost that you build 
transmission for. There are reliability benefits, 
there are market competitiveness benefits, there 
are lower cost wind generation benefits, and so 
on.  
 
So what are we going to do about this? It took 
MISO probably four years to come up with its 
six benefit metrics that they quantified, and it 
took SPP four or five years to come up with 
another six benefit metrics. The only thing they 
agree on is sort of the production cost. One thing 
we recommend is not to worry about it. Use 
your six benefit metrics to calculate your share 
of the benefits, and SPP can use its six benefit 
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metrics to calculate their share of the benefit. 
You end up with dollars of SPP benefits and 
PJM or MISO benefits, and then you just use 
those dollars for the cost allocation. You don’t 
care whether PJM calculated its benefits with a 
different set of metrics, because that’s PJM’s 
share. If you do that you can use the existing 
benefit metrics that all the stakeholders have 
already accepted. Then if you allocate cost that 
way you really have the same benefit-cost ratio 
in each of the RTOs.  
 
When it comes to cost allocation methodologies, 
I think there are some principles that should go 
beyond the six principles that Order 1000 came 
up with. We can discuss those later. You can 
take the benefit dollars for cost allocation, but in 
many cases you don’t need to calculate 
everything. You might use power flows to 
calculate shares for cost allocations. In many 
cases you could actually use the physical 
location. If forty percent of the circuit miles are 
in one RTO and sixty percent of the circuit miles 
are in the other RTO and forty sixty is about 
right, why don’t you just use that rather than 
doing a lot of calculations?  
 
Next, how do people pay each other? The big 
problem is that non-jurisdictional entities will 
not be able to just write a check to their 
neighbor. They need to get something for it. 
They need to get transmission service for it, or 
transmission facilities. In most cases what you 
can do is once you know the cost allocation you 
just split the interregional projects into two 
pieces, and the forty percent share is just like an 
internal project owned by SPP TOs and the other 
sixty percent is an internal MISO projects owned 
by MISO TOs. Then you can use internal 
processes to recover those costs. Sometimes you 
can do a transmission service contract. One 
thing we found is important is that you do want 
to assign rights to what each entity is paying for.  
 
Let me just close by saying that this is a unique 
opportunity to really make interregional 
planning work. I’m afraid that we won’t realize 

these opportunities because this is a lot of work 
and the Order 1000 minimum requirements 
won’t quite be good enough. My hope is that 
there will be at least some of the RTOs willing 
and able to put in a little bit more than the 
minimum to make seams allocation and seams 
planning work better than it does today. Thank 
you. 
 
 
Speaker 4. 
Let me start out by just talking about New York 
for a minute and about transmission in New 
York. When the New York ISO was formed the 
development of the markets was very quick, and 
the model we used for the markets was 
locational energy markets and locational 
capacity markets. What that did was that sent a 
very strong signal to investors to put generation 
in the right spots, as opposed to my experience 
in New England, where when we opened the 
markets it was a single-price market for the 
whole pool and a single-price capacity market 
for the whole pool. Then all the new generation 
tended to locate in New England at the 
intersection of the pipeline and the transmission 
line--at the easy spots, which wasn’t necessarily 
near the load. A lot of generation was built in 
pockets of places where there wasn’t much load.  
 
In New York that didn’t happen. The generation 
was built primarily downstate. Eight percent of 
it, I think, was built below the critical interfaces 
from north to south, where the load was, and as 
a result over the past ten years there hasn’t been 
a justification for reliability transmission 
projects, whereas in New England when I got 
there, we created the planning processes. We 
definitely could show we had reliability 
problems and we needed to build transmission or 
some other generation had to get built to solve it.  
 
Some people look at New York and say, “Why 
hasn’t any transmission been built?” Well, that’s 
the answer. You can’t go build transmission just 
because it’s a nice thing to do. You’ve got to go 
get in front of a judge and commission first to 



 
 

13 
 

convince them that you need it. You’ve got to go 
get in front of a judge eventually and say, “I 
need to take that persons land.” When you do 
that, if you can’t explain why, you’re not going 
to get it. You have to have a solid need to build 
something. I like to say the sun, the moon, and 
the stars all have to line up to get something 
done. It has to be exact, because you’re going to 
go take somebody’s land. That’s why this is so 
difficult when you get outside of reliability and 
you get into, “Let’s do an economic study and 
let’s do a public benefits study.” You can see 
why this gets so difficult.  
 
Two years ago a study was done in the Midwest 
to look at moving all the wind power across the 
country to get that generation to the east coast. 
Multiple AC projects were shown on a plan, and 
we simply asked in the northeast, “What were 
the alternatives that were looked at?” and there 
weren’t any. Two years ago, everybody was 
convinced in Washington that this was a great 
plan. Now, when you look at what’s happened in 
two years, gas prices have changed, load has 
fallen off, and you look at the studies that we’re 
running, those plans don’t look so good now. 
Again, that’s why planning is difficult when you 
start getting out of reliability into economics and 
even into public policy.  
 
In New York we have had some transmission 
built basically by merchants responding to 
capacity prices and energy prices downstate. We 
have had two DC lines and one AC line built 
down into southeastern New York and Long 
Island to import capacity from other regions. I 
also want to mention that we’ve been working 
on economic planning in New York now for the 
past three years, and the process is based on 
having production cost savings as the first 
threshold to show that the project is justified. I 
once had the same opinion as Speaker 3 that 
that’s ridiculous, you shouldn’t just look at 
production costs. I actually got chewed out for 
including things beyond production cost in one 
of our reports. So I got five PhD economists in 
the room to talk about including project benefits 

beyond production costs. All five of them 
opposed this. All five of them said, “No, you 
really have to look at production cost, because 
when you start looking at LMPs and all of these 
other things, those ebb and flow with changes in 
the market over time, and when you really need 
to look at production cost.” In New York, woven 
into all of our processes for transmission 
planning is a beneficiary cost model, which we 
really believe in. We’re very pro markets in New 
York. We’re looking for market solutions. We 
want to make sure planning processes are 
designed to integrate with the markets. This 
beneficiary pays concept has worked well for us 
for reliability and economic projects. We don’t 
have any economic projects yet, but because of 
this work looking at economic projects, good 
things are beginning to happen.  
 
We have a very old system in New York, and a 
lot of its going to need to be replaced in the next 
twenty years. We’ve been looking at from the 
point of view of, “If you’re going to replace it, 
why not replace it with something a little bit 
bigger? What’s the economic value of that 
increment, what are the production cost savings 
of that increment? And what are some other 
benefits of that as well? Are there some fuel 
diversity benefits by upgrading that corridor? 
Are there some capacity market savings? Are 
there some renewable benefits by being able to 
move more renewables?” All of those things can 
be looked at, but the basic threshold gets back to 
the production cost savings.  
 
Order 1000 has come along to say, “Look at 
economics. Look at public policy.” So we have 
been working with our participants and our 
transmission owners and our PSC and all of the 
other participants to come up with a plan, and 
we will be filing that plan today.  
 
We’ve also been working with all of our 
neighbors in the Eastern Interconnection to 
address some of the issues that Speaker 3 
mentioned, through the Eastern Interconnection 
Planning Collaborative. One of the major 
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benefits of having that collaborative is to get all 
the planners who are responsible for planning in 
their footprints to work together to develop 
models for the entire Eastern Interconnection 
that it can be a base for transmission planning to 
do security analysis and also economic analysis 
with production cost-like models. That process 
is now in place. We’re now completing a $16 
million two year study to look at renewables all 
across the Eastern Interconnection and a number 
of alternatives to meet those renewable goals, 
including heavy Midwest wind and local wind 
and all the various combinations including 
energy efficiency and a lot of other things. 
Those studies are pretty revealing, and show that 
there are many different ways to accomplish the 
objective at much different costs. All of them 
don’t involve major, major pieces of 
transmission across the Eastern Interconnection, 
though we have put that process in place.  
 
Back to our process in New York that we’re 
filing on Order 1000 and cost allocation. The  
public policy impetus could be a law that’s 
passed or a proceeding that our PSC goes 
through to identify public policy. Then that 
starts the process of defining the need. Always 
in transmission, you’ve got to start with coming 
up with what the need is. Our process, since 
we’re a one-state ISO, would be very similar to 
what the Speaker 1 explained. The process 
would be that the PSC identifies the need, the 
ISO performs studies and analysis, the PSC 
looks at the alternatives and picks the 
alternative, and the proposer could propose a 
cost allocation methodology, or the PSC or the 
regulator that is making the requirement a legal 
requirement could propose a cost allocation 
methodology.  
 
We have a default mechanism in the process so 
that if none of that happens, and the project still 
is a valid project that needs to go forward, then 
the cost allocation for that public policy benefit 
would be a socialization/load ratio share kind of 
process within our state. Envisioning something 
like what happened in ERCOT, where the PSC 

went out and said, “I want transmission built to 
these zones. That’s the public policy need. Go 
build transmission.” If that case were to happen 
in New York, and there wasn’t a proposal to 
identify who would pay for it, then the default 
mechanism would be socialization.  
 
I also want to mention that in New York we’re 
on the cusp of perhaps getting some 
transmission built because of economics and 
public policy—basically, the process that we’ve 
been going through the last two years looking at 
the corridors in New York and what that 
incremental cost is to upgrade the lines that have 
to be rebuilt anyways are showing some pretty 
substantial benefit [from potential upgrades]. 
We have the governor who has been working on 
something called the “Governor’s Energy 
Highway,” which basically is aimed at looking 
at the infrastructure and upgrading infrastructure 
to protect the state for the long haul. I think 
that’s going to lead to some transmission being 
upgraded in New York based on the projects that 
have the most value identified through the 
various processes to address these issues. That’s 
going to be on a faster track, probably, when 
Order 1000 gets implemented, but I think as it 
moves down the road it does tap into Order 
1000.  
 
We also have some activities in New York 
where the transmission owners who have had 
difficulty in the past working together on 
projects across the state will be working together 
trying to form a statewide Transco, similar to 
what has been done in other states like in 
Wisconsin and in Michigan. That’s where we 
are in New York with that filing. There has been 
tension within the pool with some who oppose 
it. Certainly the inner-city generators tend to 
oppose things that have the potential to add new 
transmission to the system. Some of the upstate 
large customers tend to oppose it.  
 
We did go through some process to really define 
what “public policy” is, and we got a lot of input 
from the FERC staff on that. One of the 
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proposals was to have a governor’s executive 
order be “public policy,” and that was taken out 
of our filing. Instead, we have public policy if a 
legal authority like the state legislature or 
congress passes a law, and also if our PSC goes 
through its normal public process to establish a 
PSC legal order. That’s where we are in New 
York.  
 
Another key step we put in our process is for our 
external market monitor to evaluate the project 
to see if it would have a positive or negative 
impact on the market.  
 
We’re looking forward to what happens next. I 
think some real progress will be made in the 
next couple of years to upgrade transmission that 
hasn’t been able to be justified by reliability 
because of the issues I laid out earlier. We are 
working with our neighbors, PJM and New 
England, on interregional cost allocation and I 
see how this is going very similarly to Speaker 
3. I have experiences all the way back to my 
TVA days and in New England of building new 
interconnections with other regions. Every time I 
ever did it both regions agreed that the line was 
important and needed to be done. It’s not going 
to happen if one of the regions says, “I see no 
benefit of that to me, I don’t want to play.” 
You’re not going to get it built. At the end of the 
day the two regions need to agree that that 
interconnection has value. Studies need to be 
done so that the two regions can see, relatively 
speaking, what that value is. In New England we 
did that with New Brunswick, and we both saw 
the need, and we decided to share the cost fifty-
fifty. That’s kind of what it takes to get 
interregional projects done, and going off to try 
to develop pre-described formulas to make that 
happen would just get things balled up in court 
for years and nothing would ever get built. 
 
Question: If there isn’t a mechanism to define 
how the pricing alternatives are going to be 
determined, how does the Public Service 
Commission make a judgment as to whether a 
line should be built or not? 

 
Speaker 4: The way our process works, flowing 
from the Public Service Commission, the cost 
proposal would probably come from there. 
That’s the desired outcome. You would go to 
this default method if for some reason the Public 
Service Commissioner said, “Yes, I want this 
project built, but I don’t want to tell you how to 
get it paid for.” Normally, the process would 
work such that if the public policy came from 
them, they would prescribe a cost allocation 
methodology. They could choose beneficiary 
pays based on some sort of transmission 
analysis, or whatever they chose to do. If we got 
no proposal from them or the regulatory 
authority or the developer, then you we would 
default to a socialized cost. 
 
Question: You mentioned the need to replace 
and potentially upgrade a whole lot of lines. I 
don’t want to harp on the same idea I mentioned 
before, but what I wanted to understand was, are 
those various upgrades considered jointly, as 
Speaker 3 recommends, or line by line? And 
perhaps to harp on my previous point, is it being 
done as part of a formal decision analysis 
process, or just as, “This line has some benefits, 
let’s build it; this line has some benefits let’s 
build it?” 
 
Speaker 4: Good question. The ISO has been 
running literally thousands of studies over the 
past three years to try to do an analysis like that 
and make that information available to the 
regulator and to the investors. The biggest bang 
for the buck lines, the ones that add the most 
megawatt value at the lowest cost are the ones 
that I think are going to surface to the top. It 
turns out that most of them are no brainers, that 
anybody who’s dealt with New York for years 
would say, “Wow, why didn’t we do that twenty 
five years ago?” The lines that go north to south 
and across west to east are the high priority 
lines. We’ve done a boatload of analysis to show 
that. 
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General Discussion. 
Question 1: First, I would just like to make an 
announcement. The New Zealand Electricity 
Authority (some of you know this) yesterday 
posted their proposal for transmission cost 
allocation. It’s on their web, and the link has just 
been posted on the Harvard Electricity Policy 
Group’s web page. It’s interesting reading. I 
read it yesterday. It’s a beneficiary pays system. 
There’s a lot of citation to Order 1000, to New 
York, and other places like that. It’s different 
from everything we’ve discussed here this 
morning.  

Let me raise a concern I have as I sit here 
listening. I’m wondering what’s going to happen 
here, because what we see are proposals and 
arguments which seem so different, seem 
internally inconsistent, seem disconnected from 
the fundamentals, but look like committee 
products of stakeholders negotiating with each 
other. I don’t know what’s going to happen.  

Let me just suggest a couple of things. It seems 
to me that the principles and the rules for intra-
regional cost allocation and interregional cost 
allocation should be the same, and they should 
look the same. Then you should say, “Well, 
there are some practical realities and we can’t 
quite do that,” so it’s going to be slightly 
different because of the practical realities, but 
the starting point should be the same. It’s not 
even close here, it seems to me. The facts are 
that people keep saying (and I’m not alone in 
this) that we don’t have “reliability” lines, we 
don’t have “market efficiency” lines and we 
don’t have “public policy” lines. We have lines. 
We have reliability benefits and market benefits 
and public policy benefits, but they apply to all 
lines. So there should be a methodology which 
includes all of those benefits for the lines, as 
opposed to allocating the lines to the benefits. 

The allocation principles across regions and 
within regions should be similar or substantially 
the same, but they’re completely different, as we 
can see, with respect to the degree of 
socialization and all of that kind of thing. The 

cost allocation should be a mix across generation 
and loads, but we have a lot of these 
methodologies which say, “Well, let’s assume 
it’s only the loads,” and the allocation doesn’t 
get applied to the generation.  

I’m just at sea here in terms of what’s going to 
happen. I suppose FERC could be a place where 
this gets rationalized, but I’m not optimistic 
about that. This seems like it’s going to end up 
in the courts, and what are they going to do? Are 
they going to mumble and say, “Well, you 
know, whatever, if everybody agrees it’s OK?” 
Is that where we’re going, or are we going to 
have to go through again the agony we went 
through before we got to efficient electricity 
market design for short term operations--bid-
based, security constrained economic dispatch 
with locational prices, as you all know? We took 
a long time to get there. I hope we don’t have to 
do that again here. I just don’t see the 
connection to the first principles of beneficiary 
pays being followed through in these designs, 
and I wonder where that’s leading us. 

Speaker 4: I think you laid out some very good 
points there, and they point to how complex 
these can get when you start looking at a 
transmission project proposal for a project that’s 
going to be there minimum of forty years. Over 
the life of that facility so many things can 
change. I think the more complex it is the more 
simple you need to make it, if you really want to 
get anything done. I think it’s always going to 
require a lot of analysis to get transparency 
around all of the facts, but if you’re talking 
about an interregional project that crosses 
multiple states…  

Let’s say we’re talking about two regions. Then 
the two regions need to see enough analysis to 
know that the project is worthwhile. The need to 
look at all of the studies, the reliability impact, 
the system adequacy impact, transmission 
security impacts, the fuel diversity impacts, the 
economic impacts, and then decide if it is 
worthwhile. If either region says, “No, it’s not 
worthwhile,” then the project is dead, so why go 
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any further? If the two regions both say, “Yes, 
this makes sense,” then they need to reach 
agreement on who’s going to pay for what. 
Many times in my career when that decision has 
been raised it’s been either, “We’ll split it fifty-
fifty,” or, “I’ll pay up to my border and you pay 
everything on your side of the border,” and it’s 
done, end of story. When you start trying to put 
a predetermined formula around that, with all 
this complexity, I don’t think everybody will 
agree from here until the end of time. I think you 
need to try to make it simple and then let the 
projects be proposed and analyzed, and if they 
make a lot of sense they will happen. If they 
don’t, they won’t.  

Unfortunately, many times when you’re trying 
to do a study to justify something for economics, 
it’s hard to show that a project has a lot of value 
over the long haul. Because who can sit at the 
table and predict that they have the right 
assumptions on the cost of gas and all of those 
other things? Also, when you have a process 
that’s open to merchants and not just 
transmission, the things that do make a lot of 
sense the private sector usually steps forward 
and does, like the DC lines that we had built into 
New York, responding to the market signals. We 
now have a DC line being proposed, a new one 
being built next year from New Jersey, and we 
have a DC line from Canada being proposed to 
come into New York--all merchant facilities, 
although the ones into New York City have been 
backed up by some long-term contracts to get 
financing. I think the more complex you make it, 
the more you just doom everything. 

Speaker 3: I’m not sure I fully agree with 
Speaker 4. Simpler would be nice, but on 
transmission planning and cost allocation the 
complexity is just mind boggling, so it seems 
like we’re going in the opposite direction, 
making everything more complex, because 
different RTOs have different metrics, have 
different processes--and the interregional stuff is 
then even more complex.  

But I’m also much more hopeful than the most 
recent questioner that a lot of transmission is 
getting built. We built about two billion dollars a 
year of transmission in the nineties, and now 
we’re building about ten billion a year of 
transmission. Maybe the right transmission is 
getting built for the wrong reasons with the 
wrong justifications--and reliability is sort of an 
interesting thing, because a reliability 
justification for transmission line is like the 
trump card that you have, because you can get 
anything through the permitting process if you 
can make your reliability point. Even if sixty 
percent of the project would be economic. So a 
lot of reliability transmission projects really 
have a big market efficiency component.  

It’s a very messy process, and maybe some lines 
are getting built for the wrong reasons. I do get 
the sense that a lot of the right lines are getting 
built--maybe not with quite the right analysis, 
but somehow it all works out in the end. So I’m 
somewhat hopeful. I do think, though, that we 
have learned a lot over the last several years. 
CAISO, SPP, and MISO all have some sort of 
multi-value project evaluation process in place 
now where they recognize a range of different 
benefits. It’s not perfect, but I think it is a lot 
better than where we started out with five years 
ago.  

The only frustration is that the way things are 
going, I really think there’s a huge risk that we 
will end up with a least common denominator 
approach to interregional projects. It might take 
another five years before people realize that the 
tariffs they put in place just won’t get anything 
built. We already have tariffs on the ISOs books 
mostly for market efficiency projects that have 
never been able to justify a new project. As the 
earlier questioner says, you don’t build a line 
only for market efficiency--that might be the 
primary motivator, but there are other benefits, 
including reliability benefits or avoided 
reliability projects--stuff that you would have to 
build anyway. It’s a messy process but I’m 
actually hopeful that we end up with some pretty 
decent outcomes. 



 
 

18 
 

Question 2: I actually wanted to go back to the 
idea of justifying transmission project based on 
operational performance. It seems like PJM is 
making a distinction between transmission lines 
that are needed for reliability as opposed to 
“operational performance,” and I don’t 
understand what that is. I understand reliability, 
transmission overloads, stability, voltage issues, 
or what have you, but I’m not sure what the 
distinction is between these things and 
operational performance. It sounds good and it 
sounds right. We can relate to it, because our 
assets are located within the western side of 
PJM, and there’s a lot of wind. During off peak 
there are a lot of operational issues. It’s very 
difficult for PJM to operate the system with way 
too much wind. We end up with binding 
transmission constraints or calls to go to 
minimum or what have you. I’m really 
interested in actually trying to plan the system to 
deal with operational performance, but I wasn’t 
really sure if that was based on your criteria. It 
sounds a little bit nebulous to me. I was also 
curious if PJM has ever justified a transmission 
line based on operational performance. 

Speaker 2: I’ll start. I am aware that there were 
recent changes to the PJM manuals that included 
light load criteria that you just described related 
to planning for operational performance 
projects. I think generally it’s going in that 
direction, and that would be a great example of 
the type of criteria that would be indicated for 
operational performance projects in PJM. 

Speaker 1: I kind of wanted to go back to the 
discussion of question 1 and this whole 
simplicity versus complexity question. I want to 
sort of start with a discouraging thought, then an 
encouraging one. The discouraging one being 
that while I was talking this morning a whole 
bunch of emails were going by between the ISO 
and the other western regional counterparties 
trying to figure out the process by which we’re 
going to get our filing in in April. Now, this is 
not the process we’re going to put in place for 
interregional planning. This is the process to 
design the process. That in itself is proving to be 

very complex, because you get work done in 
small groups--everybody knows that--but then 
everybody wants to participate in the small 
groups, because they don’t want to be left out. 
We’re struggling with those kinds of things.  

On the question of actually identifying and 
approving upgrades, I want to throw something 
out that is perhaps is naively simplistic, but I’d 
like to at least have the opportunity to let people 
shoot it down if it’s really a bad idea. It seems to 
me that a lot of the complexity we’re talking 
about already has to be dealt with by the 
regional planning entities and by the public 
utility transmission providers because they have 
to perform transmission planning on an annual 
or bi-annual cycle whatever they do. In CAISO 
we have to identify reliability problems and then 
identify projects to mitigate those. We have to 
now deal with public policy requirements and 
identify projects that are going to meet those 
public policy requirements. We have to do 
congestion studies and look at areas where 
congestion is bad enough that it could justify 
building an upgrade to relieve congestions. The 
framework of Order 1000 says that if there’s an 
interregional project that has merit each regional 
planning entity needs to approve it, needs to find 
that its needed. From California ISO’s 
perspective, say there’s an interregional project. 
Then I look at my transmission plan without that 
project and I say, “OK, what upgrades in my 
plan can now be avoided or deferred as a result 
of this interregional project?” That translates to a 
cost savings for me--there’s my benefit. I don’t 
have to put it in categories; I don’t have to do 
complex studies. I simply have to say, “What 
upgrades and additions will this thing defer or 
eliminate,” and if that cost tradeoff is beneficial 
I vote yes, and that also then provides the basis 
for a formula for allocating benefits, and the 
other regions do the same thing. It’s just an idea 
that we’re throwing around as a way to say, 
“Use the complexity that already has to be done 
in each region’s own planning process and then 
take that as the basis for taking just the next 
step.” 
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Speaker 4: I wanted to piggyback on what was 
just said and tie it back into the question about 
operational benefits as well. Exactly the way 
Speaker 1 described that process is the way most 
of the interconnections I have experience with 
have been built around the Eastern 
Interconnection. Just for example, back when I 
was at TVA, we were facing the need to build a 
two hundred mile, five hundred kV line to 
Memphis for reliability. We did studies with our 
neighbors at Entergy and found that a new 
twenty mile inter connection with Entergy at 
five hundred kV obviated the need for the line 
we were going to build and some things they 
were going to build. We saw the need for the 
line, and we shared the cost fifty-fifty, and got it 
done. That’s the way things can get and have 
been getting done for actually fifty years. In 
New England, for the new interconnection with 
New Brunswick, a lot of the benefits were 
operational benefits. We were able to see that we 
could remove a lot of special protection schemes 
that we had out in the system because we had 
such a limited transmission interface. By having 
another 345 kV interconnection we could 
eliminate those and also see some transfer 
capability benefits for both parties and reliability 
benefits and other operational benefits. I’ve seen 
on projects in the past that sometimes with a 
new interconnection a benefit is being able to 
lower your operating reserve requirements 
between the two regions. 

Moderator: Did Speaker 1 and Speaker 4 just 
solve our problem? What did they get wrong? 
No takers? 

Follow-up: Although it’s great to be identifying 
the benefits, I would observe that for assets that 
last forty, fifty, a hundred years to be doing 
incremental one at a time planning seems to me 
to be fundamentally going to miss a lot of 
benefits. Now maybe the particular lines to be 
upgraded are so obvious that it’s clear, and that 
might have been the case in Memphis, but I 
suspect if we start building large scale 
interconnections to bring wind power from the 
middle of nowhere--for example from West 

Texas to East Texas--there are so many 
alternatives there. There are so many different 
ways you can do it, that you need to think 
carefully, not just about incremental piecemeal 
activities, but embed it in a long-term planning 
frame. Perhaps we just disagree on that. 

Speaker 4: No. I would have respond to that by 
saying that the decisions have always been put 
in a long term planning framework. The studies 
that we did that justify the new innerconnection 
weren’t just two year studies. They were long 
range studies. 

Follow-up: Studies that included all of the 
incremental upgrades for the next fifty years that 
you were going to plan and considered those? 

Speaker 4: No, not the next fifty years. 

Follow-up: Then I claim that’s myopic design. 

Speaker 4: I disagree with you. 

Comment: I’m going to respond to question 2 
here. In some sense it might be myopic 
planning, and it may be suboptimal if you have a 
pretty good idea of what’s happening in the 
future. By doing something a more “myopic” 
plan or upgrade, like the twenty mile upgrade 
between Entergy and TVA, you’re actually 
exercising the real option to wait for better 
information so you don’t commit yourself to a 
large project that’s very expensive that you find 
out years from now you may not need. For 
example, in PJM when we had the board 
approving projects in the RTEP such as PATH 
and MAPP and then all of a sudden the need for 
them went away because the market 
fundamentals changed. We saw demand fall off 
with the recession, and maybe some other things 
that happened to keep demand down since we’ve 
been in the recovery, and then we’ve seen this 
huge shift in natural gas, where a lot of our gas 
generation is in the east, all of a sudden 
obviating the need for those lines, and they’ve 
since been taken out of the architecture. I think 
that there’s a balance to be struck here. We can’t 
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just say myopic is good all the time or long term 
is good all the time. I think we have to be very 
careful on how we do that. 

Question 3: My question is almost a two part 
question. The last thing Speaker 4 said in his 
presentation was that both regions to need to 
agree if a project is going to get built, which 
seems consistent with what Speaker 1 and 
Speaker 3 basically said--all of the regions need 
to have a project in their plan, in other words, 
agree and approve it, before it goes ahead. I was 
just going to ask whether this means that we 
have a veto power for any region that doesn’t 
want to go ahead, but it seems like that is almost 
self-evident. As an economist would put it, 
Pareto superiority seems to be a necessary 
condition here, which may not be desirable.  

Then I got to thinking about cost allocation 
based on benefits, and I think there’s a timing 
issue and a complexity here, because for a 
region evaluating the benefits of a project, 
doesn’t it need to know what its cost allocation 
is first, in order to determine whether there are 
benefits? In the example Speaker 4 just 
described in response to the last question, if in 
fact his region can benefit from something that’s 
done in another region, he’s going to chip in 
fifty percent of the cost, and that makes it 
worthwhile, therefore beneficial now, to the 
other region to do it. That changes the calculus. 
That makes the other region decide to do 
something that it might not have otherwise 
decided--so don’t we first have to get an 
agreement among regions on cost allocation? 
That may be difficult, as Speaker 3 has 
described, but don’t we need that first in order 
for this veto power to at least be based on a 
complete assessment? 

Speaker 3: Well, you can calculate the benefits 
without knowing the cost allocation. It’s just that 
you can’t calculate a benefit-cost ratio without 
knowing the cost allocation. For one region to 
figure out whether a project is desirable for 
itself, you do need to know the cost allocation, 
and that’s why I think you do need to have an 

interregional agreement that gives each region a 
sense of how cost allocation would be done. You 
might not know exactly what the cost allocation 
will be, but you’ll at least know the direction of 
where this will likely go, and then that gives you 
that information to start out. Then ultimately 
you’d have to get the other region involved. 
Once you have the principles in place, we’ll say, 
“Here’s how we’re looking at the benefits, 
here’s how we use that to allocate cost.” But I 
don’t think you need to know the precise 
number ahead of time, as long as you know 
there is a framework under which you can get 
cost allocation, because then you are encouraged 
to pursue the project. Right now in SPP, the 
default is that whatever SPP plans, they pay a 
hundred percent of the cost. Some of the seams 
projects never even get initiated because they 
say, “Well, if I have to pay a hundred percent 
I’m not going to build it,” and there’s no 
framework in place to share cost in any form or 
fashion. I think once you have a framework and 
SPP knows, “Well, this might be a fifty-fifty or 
sixty-forty,” then these planning processes can 
go ahead. 

Question 4: I want to repeat again that I think 
it’s somehow putting the cart before the horse to 
think about cost allocation without a systematic 
framework to connect the reasons why we’re 
building things, whether its myopic or non-
myopic, to an analysis of the lines proposed, so 
that you’ve got a causal connection between 
what we are trying to do and therefore who the 
beneficiaries are and what we’re going to build. 
I think a lot of the discussion of cost allocation 
presupposes that someone’s come up with a 
transmission plan--unclear how they did it, and 
to my mind disconnected from the fundamental 
reason for building a line, whether its production 
cost benefits, whether it’s changes in the value 
of lost load, whether it’s the value of 
reliability… How did that translate to particular 
lines? It seems to me that if you make that 
connection it’s much more straightforward to do 
cost allocation. The beneficiaries become clear, 
right? It becomes clear that, “This is what I got 
out of it.”  
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Speaker 3: The good news is there’s a lot less 
myopic transmission planning than you might 
think, because I think the ISOs have recognized 
that, particularly with wind integration and sun, 
they have to look at the bigger picture. They 
have to look forty years out, whereas the process 
started with ten years out, and they do look at 
alternatives. For example, MISO’s approach, 
where they use different transmission and wind 
combinations to figure out the optimal solution. 
It’s not an optimization model, but it’s an 
iterative process of portfolios of projects trying 
to figure out what’s reasonably optimal. I think a 
lot more of that is happening today than the 
previous question suggests. Now not every RTO 
is quite doing it that way, but I think in many 
places that transmission process has become 
much better than it used to be. 

Follow-up: So why hasn’t that become the basis 
of allocating the benefits? 

Speaker 3: It is, is has. In SPP and MISO that’s 
exactly how people are doing it. They plan the 
portfolio. They look at all the benefits, and if the 
benefits are reasonably evenly distributed across 
a footprint then it might be a postage stamp in 
SPP. They reallocate costs if the benefits aren’t 
evenly distributed. 

Follow-up: So why are we still talking about 
formulaic postage stamp plus DFAX in PJM? 
Why haven’t they adopted what you’ve talked 
about? 

Moderator: Speaker 2, would you like to take 
that one? 

Speaker 2: I believe PJM calls it multi-need or 
multi-driver analysis. Let me back up a minute, 
though. There are categories that PJM approves 
projects for. If they determine that a project 
needs to be built on the basis of reliability, then 
it is board approved as a reliability project, and 
then what I described to you earlier would apply 
in terms of cost allocation. When the 
transmission owners were working on 
developing a methodology for cost allocation 

they thought in terms of those buckets. If this is 
a reliability project we landed on fifty percent 
postage stamp and fifty percent beneficiary 
pays--mathematically determined beneficiaries 
through the solution-based DFAX for the higher 
voltage facilities. For market efficiency or 
economic projects, it’s fifty percent postage 
stamp and fifty percent to those zones that 
benefit through decreased loan payments. In 
terms of a multi-driver or multi-need project 
type, PJM is talking with stakeholders about this 
concept. I think probably the biggest issue right 
now within PJM is what is the basis for each of 
the different elements with the drivers. How do 
you weigh each of them for purposes of cost 
allocation? There’s discussion going on around 
that issue and I don’t expect it to be resolved. 

Follow-up: Precisely my point –- 

Moderator: Excuse me, stop arguing 
[LAUGHTER]. Did you have a clarifying 
question on her response? 

Follow-up: The clarifying question is that I don’t 
think that’s anything like what Speaker 3 has 
just described or going anything near it.  

Speaker 3: It’s an evolving process. You’ll have 
to give it a little bit of time, I think. 

Speaker 1: Let me just address from the 
California ISO perspective. We’ve got four 
times as much generation in our interconnection 
queue as we’re going to need to meet the RPS. 
We have, like, fifteen thousand megawatts of 
gas-fired plants on the coast that have to shut 
down or repower within the next decade. We 
have a governor’s mandate for twelve thousand 
megawatts of distributed generation, which 
could change the whole sense of where 
renewable energy develops. We don’t know 
what the fleet’s going to look like ten years from 
now. So how do we take that uncertainty into 
account? That’s the new problem that we’ve had 
to deal with in transmission planning that really 
comes about because of these forces that are 
causing a massive change out in the supply fleet. 
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Given that uncertainty we’ve got to do this kind 
of iterative decision making. We get portfolios 
that describe what the generation build-out can 
look like. We plan for those portfolios. We look 
for least regrets facilities to approve, and then 
we do it again. We iterate each year. We get 
more information and better information. Within 
that context, we have a ten year planning 
horizon. We have to identify reliability 
problems. We have to approve mitigations for 
those problems. There is a lot of study and a lot 
of systematic work that goes into this, but you 
can’t eliminate the uncertainty about the future. 
You can just try to manage it in an intelligent 
manner. 

Question 5: With the exception of the California 
ISO presentation, I didn’t hear any discussion 
with respect to compliance with the provisions 
of competition in Order 1000. Did I miss 
something or does it just not rise to the level of 
importance? 

Speaker 4: No, I think I said in New York that, 
whatever need has been identified, our process 
at the ISO is that it is open to all resources—
transmission, demand response, generation--and 
also we don’t discriminate against different 
transmission entities. We have already many 
cases of merchant transmission being built. 
What’s happened in New York, as I mentioned 
earlier, is the market has responded for the 
reliability need that had been identified, and 
power plants had been built by merchants in the 
right places to obviate the need for transmission 
for reliability. 

Speaker 2: I do know that PJM is working on 
provisions of its tariffs related to right of first 
refusal and open competition for transmission 
builds in the region. 

Speaker 3: I think this will take some time to get 
going, but everybody has to file something on 
right of first refusal, and I think all the ISO’s 
will do so, except I don’t know if New York has 
a state exemption or not. I think this is going to 
be a few years’ worth of process. Even if 

everyone files something, I’m sure this is 
contentious enough that there will be court 
litigation over the right of first refusal. 

Question 6: Speaker 4, you have a somewhat 
unique situation in that your northern border has 
two entities, Quebec and Ontario, which are not 
directly subject to Order 1000, and the 
Commission has sort of waved its way around 
the extra territorial issues of trying to impose 
Order 1000 on them through reciprocity. How 
do you think about the idea of integrating your 
planning process with those of two provinces 
which have quite different models, both in terms 
of their planning and their stakeholder and 
approval procedures? 

Speaker 4: Well, both of those entities are 
members of the Eastern Interconnection 
Planning Collaborative. As such, their planners 
are at the table with our planners as we’re doing 
the various studies on the Eastern 
Interconnection Planning collaborative, and 
they’re also involved in more regional planning 
studies with New England, New York, and PJM, 
with agreements that we have with each other. 
You may know there are already new 
interconnections being proposed from Quebec to 
New England and also Quebec down to New 
York City. They are actively involved in the 
planning processes. If we were to have a project 
that made sense, then there would have to be 
some agreement between the parties to share the 
cost, which has been done in the past. 

Question 7: In the context of the implementation 
of Order 1000, CAISO is, I think, unique in one 
key aspect, and that’s the very aggressive stance 
on the renewable portfolio standard—thirty-
three percent by 2020. Does that renewables 
position in the future potentially conflict with 
the implementation of Order 1000 from the 
standpoint of cost allocation, in that you’re 
seeing a big build-out of renewables that many 
times is localized within the utilities systems? In 
addition, of course, the governor does have the 
initiative to build out distributed generation. It 
may well be that the future of California sees 
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more distributed small generation in and around 
the utilities systems. Do you see that as a 
challenge going forward? I think that same set of 
issues also operates where the other states that 
have similar prospects in terms of the relatively 
high percent of renewable resources in the 
future. 

Speaker 1: I think that’s part of the challenge of 
uncertainty that I spoke about a few minutes 
ago, that we don’t know for sure how much 
distributed generation is going to offset the need 
for larger central stations. But to the extent that 
we’re building, we envision a need and approve 
transmission that goes out to, say, the solar rich 
areas that any load serving entity in the ISO 
footprint could contract with for energy. It 
serves the system. A five hundred kV or two 
thirty kV line that’s going to go out to those 
areas falls under our regional cost allocation, 
which I think works for California because we 
have a pretty compact system and the nature of 
our backbone flows is itself pretty simple. I 
think our cost allocation will hold up in that 
regard, to the extent that we’re building more 
local facilities for generation in local areas and 
they’re serving just local areas. Those will be 
under two hundred kV facilities, more likely, 
and then be allocated based on the individual 
PTO service territory. 

Follow-up: Do the municipal utilities that have 
transmission provide a complicating factor in 
California this somewhat unique there? 

Speaker 1: I think for the most part they want to 
just make sure costs are kept down as much as 
possible. They feel that they’ve made their 
resource plans to comply with thirty-three 
percent renewables. They don’t need more 
transmission to get there, and therefore they 
don’t want to have to pay a share to upgrade 
transmission for that. I think that they make a 
good case. Their concern is, “Let’s make sure 
we do this as efficiently as possible--just the 
upgrades that are absolutely needed and not 
excess capacity.” 

Question 8: As if figuring out cost allocation for 
transmission alone wasn’t complicated enough, 
one of the issues that kind of has been raging in 
New England over the last decade is whether 
non-transmission alternatives should have 
comparable cost allocation treatment and be 
eligible for regional cost allocation the same as 
transmission. If a non-transmission alternative 
(generation, or energy efficiency) is cheaper and 
gets built and either defers, delays or eliminates 
a transmission solution, should it be eligible for 
similar cost allocation? It is now required in 
Vermont that that analysis be done and the least 
cost option be pursued. Our ISOs are doing this 
from a planning perspective, so I’m wondering 
what’s going on around the country outside of 
New England in terms of comparable cost 
allocation for non-transmission alternatives. 

Speaker 1: We don’t have a complete answer 
yet, but that conversation has opened up in the 
ISO planning processing. With the last 
stakeholder meeting we had a presentation on 
that very subject about how we consider non 
transmission alternatives. Before we even get to 
the cost allocation, there’s the question of would 
we approve a non-transmission alternative 
instead of a transmission project. Certainly there 
is great merit in doing that and figuring out how 
to do it. In the restructured world there’s a 
certain complication that we haven’t figured out 
a good answer for, which is that the ISO has the 
authority to see that transmission gets built. It 
does not have the authority to see that demand 
response gets put in, that a generator gets put in, 
etc. How do you have comparable certainty that 
something that you need to relieve the problem 
you’re trying to solve is actually going to be 
there? Under an integrated utility that wasn’t a 
problem. I think it is a problem in the ISO 
restructured context. We’re having discussions 
on that. We don’t have answers yet. 

Speaker 2: When I think of non transmission 
alternatives, what comes to mind to me most is 
storage, and certainly there are lots of different 
complicated factors related to non-transmission 
alternatives. For example, I think that if storage 
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is considered a transmission alternative it should 
be under the functional control of the 
transmission provider. There should be some 
sort of a system of accounts associated with 
recovery of cost. I think that clearly the benefits 
should be able to be quantified and outweigh the 
cost compared to a transmission solution. Those 
are the kinds of things that I think about when 
thinking about non-transmission alternative 
solutions. 

Speaker 3: Most RTOs do require that the 
transmission plans consider non-transmission 
alternatives, and in many of the analyses some 
of that is done, probably poorly--or I know it’s 
done poorly, because it’s an incredibly hard 
question and there certainly is no answer on 
whether a non-transmission alternative should 
receive transmission-type cost recovery. There 
are some FERC precedents that say short term 
storage that can prop up the transmission system 
that isn’t really a paid for in the energy market 
could be considered a transmission cost and be 
recovered through the transmission tariff. We 
just don’t have any good answers yet. The 
question is just incredibly complex, because of 
the different lifetimes of transmission solutions 
and demand response solutions. Can you really 
plan a demand response solution that needs to be 
subscribed to on a year by year basis as an 
alternative for a forty or fifty year transmission 
line? People have been trying to that, but I don’t 
think it’s done well and I don’t see it being 
resolved anytime soon. It just adds complexity. 

Moderator: Just as a clarification. If it can’t go 
to the whole forty or fifty years, can it be 
calculated as a deferral of that investment, and 
how can we take that into account? 

Speaker 3: It can, and I think some of it has been 
done, but just imperfectly, because as Speaker 1 
said, how do you rely on a market-based 
solution if we have to, for instance, address a 
reliability problem? You write reliability must-
run contracts for generation on a year by year 
basis. I haven’t seen any good solutions on that. 

Speaker 4: I think the other answers have been 
very good. I do think that we all look at them in 
terms of alternatives and our markets are open to 
all alternatives. Many times these resources have 
responded through the market. A key thing to 
me is these are market resources. They should 
respond to market signals and they should get 
paid through market signals. They should not get 
another payment through a regulated tariff like a 
long term transmission line that is there because 
it’s a backstop piece of infrastructure. I think if 
you were to go to paying for them through a 
tariff like you would a transmission line, you’re 
basically destroying the markets. 

Question 9: If we don’t have a beneficiary pays 
model, does it necessarily lead to excessive 
transmission being built from a public policy 
perspective? It seems that sometimes these 
questions of cost allocation really get treated as, 
“How do we get transmission built?” That’s a 
different thing than asking whether building 
transmission is a good idea. I’d like to hear 
people respond.  

I also wanted to point out one thing that I think 
is happening in the market that is leading to a lot 
of transmission being added in from a reliability 
standpoint, which is based on the NERC 
standards what you’re seeing is the system 
increasingly being planned to an N minus two 
standard while its being operated to an N minus 
one standard. So what you’re finding in the last 
several years is a massive amount of local 
reliability projects getting into the RTEP or the 
MTEP and other projects, and I’m just 
wondering, when we just say “reliability,” 
whether that is held to a public cost benefit 
analysis standard or whether it is just 
“reliability,” and we want N minus 2, and so 
therefore it gets into the plan and it gets spread 
over all the rate payers. 

Speaker 4: In New York we’ve always planned 
to an N minus one minus one standard. It’s a 
criterion in the NPCC, and New York City has 
an N minus two criteria based on New York 
State Reliability Council requirements. We 
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operate the system to those standards. Now 
sometimes we allow load shedding for those 
situations. I do think the new NERC definition 
for bulk power systems are making everybody 
take a stronger look at all of those things and 
question whether some of the solutions that 
might have been used in the past still can be 
used as solutions, and has been a great dialogue 
but I haven’t seen a wealth of new transmission 
being justified because of it. Maybe a minor 
amount, but not a wealth of it. 

Speaker 3: On your question about whether the 
lack of a beneficiary pays framework results in 
overbuilding of transmission, I have a two part 
answer. First of all, I think we do have a 
beneficiary pays standard, sort of, by the 
“roughly commensurate” standard that FERC is 
now trying to enforce. So even the postage 
stamps that you see are justified for portfolios 
that have widespread system-wide benefits. It’s 
not perfect, but given how imperfectly we know 
how to quantify benefits in the first place, I think 
it’s probably pretty good in most cases. Given 
how difficult it is to build transmission, how 
difficult it is to justify transmission or permit it, 
and how difficult it is to actually even calculate 
transmission-related benefits other than with 
respect to production costs, I’m not too 
concerned that we have a massive risk of 
overbuilding transmission. There might be 
transmission in some places that might not be 
justified based on a purely beneficiary pays 
concept but I think if anything we’re planning to 
underbuild transmission simply because it’s so 
hard to do. 

Question 10: As someone who built a two 
hundred twenty mile 230 kV line between 
Nevada and California, building a line is easy. 
It’s way easier than building a power plant. It’s 
permitting a line and getting the right of way 
that’s difficult, which leads into the comment 
that I wanted to make.  

I understand that there are a lot of economists in 
this group, but when I hear Pareto superiority  
being used in a discussion which should be 

political, I get very uneasy about whether we’re 
actually focusing on the issues. This is not a 
highly theoretical problem at this point. This is a 
political and market problem, and it’s going to 
be political and market forces that are going to 
determine and allow the building of large 
transmission systems across the larger areas 
where they may be needed, and because of the 
tremendous amount of change and uncertainty 
that has occurred and is still occurring—gas 
prices, for example. Six or seven years ago 
people had not yet determined that shale gas was 
a material source of gas supply, and yet when 
gas prices crashed a year ago or so, shale gas 
was about a third of the total gas supply. Seven 
or eight years ago we were running out of gas in 
twenty years and the price was twelve dollars or 
fifteen dollars, today its three dollars up from a 
dollar and a half. That’s a huge change. One of 
the reasons a lot of gas fired facilities are being 
planned and I underscore planned because 
they’re not being built yet they’re just being 
planned is that gas prices appear to be relatively 
low.  

It seems to me that before we sit down and have 
a conversation about how the cost of new 
transmission needs to be allocated, there needs 
to be a conversation about the criteria that 
determine whether new transmission needs to be 
built. One of the principle drivers in that whole 
conversation is going to be land use, because 
much of the land use that we’re talking about is 
not government land, it’s not federal land, its 
private land. As someone who just went through 
a condemnation proceeding for a four mile 
stretch of right of way on an existing road to 
build access to a FERC-mandated recreation 
area in New York State--it took fourteen months 
to get that very simple proceeding done. If you 
want to get a three or four or five hundred mile 
right of way through multiple jurisdictions, 
townships, land owners and so on, that’s a 
gigantic problem and there has to be a 
compelling need in order to get even one state 
court or one federal court to agree on that. If you 
go to federal court, that condemnation process is 
going to take three or four years in order to get it 
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done. I think that it’s important for a group as 
high-powered as this to take a step back and say 
how do we balance and how should we balance 
reliability versus cost versus all the efficiency 
versus all of the other things that we talked 
about.  

For example, one alternative to transmission is 
storage, and that’s true, but if you build a large 
pump storage facility, for example, the footprint 
of that pump storage facility is quite small 
compared to the footprint of a five hundred mile 
500 kV line or something like that. You have to 
take those kinds of factors into consideration 
first. I think we’re missing that and getting down 
into the grass of allocation of cost. I think that’s 
what leads to the problem that there are so many 
different theories and approaches and so on 
towards the problem, which, frankly, I don’t 
think is ripe for solution yet. I think the problem 
that needs to be solved is how do we determine 
when transmission needs to be built, not how do 
you allocate the cost of that transmission. 

Speaker 3: Let me follow up on that. First to 
defend the use of Pareto superiority, it is really 
what the politicians call a win-win situation. I 
think the latter we can all live with. The former 
expression is just for the geeks among us.  

I think you make a very, very good point. The 
reality with transmission is that you need to 
consider all of these things. Some people will 
say, “we know how to permit transmission, we 
know how to build transmission, we know how 
to plan transmission we just don’t know who is 
going to pay for it and if we don’t know who is 
going to pay for it the rest of it worthless.” Cost 
allocation is important to that, but I think what 
links it all together is that the need for 
transmission is increasingly going beyond strict 
reliability needs, to where you build 
transmission because it makes business sense, it 
makes economic sense. You need to figure out 
what the economic benefits from that are. Once 
you calculate economic benefits, then you can 
use those results for cost allocation. I think that’s 
how it links together.  

The other point you made on land use and so on, 
I think that’s a critically important point. It is 
undervalued right now, because as the 
infrastructure ages, as existing lines need to be 
rebuilt, you’re basically making a decision on 
what to do with the existing corridor for the next 
fifty years. It might be much more cost effective 
in the long term to upgrade that corridor from a 
230 line to a five hundred kV line, rather than 
just rebuild it at two thirty. Those option values 
aren’t always considered. People build single 
circuit 345 lines in the Midwest, forever 
forgoing the option to have a double circuit line 
there. I think we need to think about the option 
of land use and I think that is very important, 
because particularly in the east we just don’t 
have that many corridors to build things in. 

Comment: Speaker 3, I really agree with you on 
the upgrades and incremental improvements to 
existing transmission. I think that’s a very, very 
important option that has to be looked at very 
carefully. Even new transmission, in my view 
anyway, ought to be built with the idea that you 
may need to someday double circuit or upgrade 
or somehow otherwise improve the transfer 
capability of that new transmission. 

Question 11: Speaker 4, a clarifying question. 
You had mentioned that New York is open to 
new entrants, and I know that the New York 
Energy Highway Initiative is something that the 
state was putting forward. I guess I was a little 
unclear on something that you said where you 
indicated that the RTO is looking at various 
analyses. Are you using the input from the New 
York energy highway to look as a cost 
comparison? So looking at that private initiative 
to justify the rebuild of the existing 
infrastructure, or do you see both of these 
initiatives going forward? I’m just a little 
confused. 

Speaker 4: Over the past two years the NYISO 
has been working with all of the transmission 
owners in New York to make a twenty to thirty 
year study of the assets in New York, the age of 
the system, the condition of the system--so 
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we’re looking at how long are these lines going 
to last. Some of them are going to be ninety 
years old in the next ten years. Rather than just 
looking at one option of replacing them as they 
age out and need to be replaced, we’ve been 
running a number of studies to look at stress 
tests on the system, where are all the renewables 
going to locate, and where are the retirements 
going to be, and to evaluate which one of these 
circuits, if they were to be rebuilt on the same 
right of way with higher voltage or a second 
circuit, would add the most value. All of that 
work has been wrapped together in a report 
called STARS. Remember when I said to build 
anything all of the sun, the moon and the stars 
all have to line up? That’s the name of the study. 
That work has been input to the PSC and the 
governor’s task force that is looking at many 
alternatives. Now the governor’s office has 
opened up a wide net to bring in proposals from 
hundreds of people, and we’re waiting to see the 
governor’s action plan that should come out in 
the next few weeks. This report has been a piece 
of input that they have had to look at. 

Comment: I just wanted to comment on that 
quickly. I think what’s happening, between the 
governor’s highway and what Speaker 4 is 
describing is exactly what Order 1000 is all 
about. States want to have an influence over the 
public policy of their electricity system. They’re 
not willing to just let the markets work and hope 
that it comes out OK. They’ve got a lot of 
legitimate reasons to repower--renewables, 
energy efficiency programs, you name it. Order 
1000, I believe, is about providing the states 
their independence to move forward, but keep it 
within the market context so that the ISO can 
incorporate the public policy objectives and 
things like the energy highway. When we come 
out with that, you can incorporate that into your 
system planning appropriately. Without Order 
1000 there is this dynamic going on where they 
would plan around their system needs. Public 
policy was being set by the states, and the two 
didn’t meet well enough. I think they’re 
complimenting each other, and that’s the point 
of it. 

Question 12: I just wanted to quickly respond to 
the earlier question about non-transmission 
resources, because I think this is extremely 
important. This is a question about generation 
and demand side response and whether they 
could compete with transmission and be 
included in the same way. I think one of the 
principle reasons for having an explicit 
beneficiary pays methodology is because it 
provides a coherent answer to that question. The 
coherent answer to the question would be that it 
would go through the same tests. Now, one of 
the features in Order 1000 for all of these things 
is participant funding. You can build it and you 
can pay for it. That’s what Speaker 4 said is the 
answer, and that’s a coherent answer. When 
does it have to go into something where it’s 
mandated and therefore the cost allocation is 
forced on people? Well, the argument for 
transmission in doing that is that it’s lumpy and 
it comes in really large scales and it materially 
changes the whole market, and therefore you 
can’t have a participant funding justification for 
doing it. We should apply the same principles to 
demand and to generation. The answer to the 
question, “When does that happen for demand 
and generation?” is “Almost never.” But if it 
does, then it should apply. If the generation is so 
big that it materially changes the whole market 
and we can only capture those great economies 
through this project, then we should send it 
through the same mandated cost allocation and 
not the participant funding solution. I think 
that’s something that you lose when you start 
saying, “Well, five hundred kV, fifty percent 
socialized…” and so you forget why you’re 
doing it, because we don’t have this explicit 
beneficiary pays calculation, and everybody else 
comes up and says, “Me, too.” Then the whole 
thing is going to unravel, as Speaker 4 said, 
because now we go back to having FERC or the 
central planners or something making all of the 
investment decisions, undoing everything that 
we thought we were doing in the first place. I 
think this is a really important problem, and I 
think the transmission cost allocation problem is 
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a really important problem that needs to be 
addressed with that in mind. Thank you. 

Question 13: In terms of building transmission 
for renewables, why is it that we’re thinking 
about actually building transmission to facilitate 
wind and renewable portfolio standards? We 
already have an allocation methodology, at least 
in PJM. New generators interconnect. If they 
cause reliability problems, they have to pay for 
network upgrades, and so in a sense new 
generation gets allocated the cost of 
transmission based on the reliability problems 
that they cause. It’s in some sense the dual 
problem of the beneficiary pays--so we have that 
in place. To the extent that wind generation 
wants to inject at its full nameplate capacity, it 
could pay for those upgrades, but they’ve chosen 
not up to this point. Why given that we (at least 
in PJM) have something in place, why are we 
even addressing that, or why are we asking the 
question, should we build transmission out just 
for wind and other renewables?  

That begs a bigger question: what is the reason 
we want to have wind? Is it because of climate 
change policy? If so, then we should get the 
prices right there. Or is it for some other policy-- 
but somehow we need to reflect those costs in 
those prices.  

That brings me to the next question in terms of 
thinking about transmission planning and cost 
allocation: why don’t we think about the 
conceptually simple way, as Speaker 4 was 
talking about in his comments earlier? Let’s 
minimize production cost or maximize social 
surplus, subject to the NERC reliability criteria 
and subject to RPS standards and all of these 
other issues, and then allocate those costs based 
on beneficiary pays, whether it’s a straight 
DFAX-type methodology, megawatt mile, 
however you want to call it, like has been 
proposed in PJM or like is being done in Brazil 
or Argentina or in the UK for that matter? I’d 
like to get paid for relieving transmission 
constraints when I build a CT in a constrained 
area. Guess what? It happens in the UK today. I 

would like to get some reactions from the panel 
as we conclude here. 

Speaker 1: I’ll respond to your first question at 
least in terms of why have transmission planning 
to access renewables. Under the current 
paradigm, or prior to introducing this public 
policy category, what would happen is that 
generators would come into the interconnection 
queue. As long as they’re interconnection 
requests were in good standing and they met all 
of their obligations, they were funding the 
upgrades upfront, in most cases, but they would 
get paid back by rate payers within five years. 
Ultimately, rate payers will pay, and if you have 
now four times as much renewables in the queue 
as you actually need to meet the requirement, we 
end up having to plan transmission to 
accommodate all of those interconnection 
requests, with the potential for ratepayers to 
have to fully compensate them for the cost of 
those upgrades within five years. We had to 
move to a different paradigm, which is to say, 
“Sorry, we’re not building everything at rate 
payer expense to accommodate all of these 
requests.” We need a different way to do it. That 
led to this public policy category.  

Speaker 3: The problem with renewables is that 
you might build a hundred megawatt wind farm, 
but if you know that there are going to be forty 
of them in a certain region you might have to 
build a four thousand megawatt transmission 
system, and it’s incredibly lumpy. That 
lumpiness itself requires a solution, because 
otherwise if you just let the last guy who triggers 
the upgrade pay for it, you just you won’t get 
over that hump. So I think just from a lumpiness 
perspective there’s a role for planning. Of course 
as economists we can all agree that, “Yeah, if 
you build it for climate or carbon let’s reflect 
that in the price.” Then we’re not all economists, 
so it goes back to the politics and some second 
best solutions. 

Question 14: This is really more of an 
observation, so it will be short. There are so 
many different ideas that we’ve been talking 
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about on this panel--cost allocation, 
interregional planning, public policy planning… 
I was thinking about how many complicated 
issues there are. What strikes me the most about 
living through the planning process, is that when 
it comes down to it one of the things said earlier 
is right. The most practical concern is getting it 
sited. When you’re in these siting proceedings 
they ask all of these questions. They want to 
know that this is the only option left, that all 
other options have been considered, that other 
generation can’t solve this problem, that 
renewables and demand response can’t solve 
this problem, because at least in our experience 
you’re not getting through the permitting 
process if those other options are viable. We 
really look at transmission as the ultimate 
backstop to the problem. It doesn’t create 
energy, as we all know. It’s just moving it from 
one place to another. It’s not ultimately solving 
the problem, but sometimes you need it for 
reliability, and sometimes you need it to make 
sure there is not inappropriate congestion. At the 
end of the day all of these issues are coming up 
in the siting proceedings and I think it’s 
important to just keep that in mind--that 
ultimately there is a practical side of getting this 
all done, and while cost allocation is critical, it’s 
not the only issue when it comes down to it. 
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Session Two. 
Gas and Electric Coordination: Is It Needed? If  So, For What End? 
 
With the growth in the use of natural gas to generate electricity, questions have been raised as to whether 
coordination between the supply and deliverability of natural gas and the generation of electricity are 
sufficiently coordinated to assure reliability of supply. Do generation capacity requirements, for example, 
require a firm supply (or at least firm transportation) to meet the requirements of acceptable capacity? 
Or, are there sufficient incentives and/or penalties in place to suffice? What effect will firm pipeline 
capacity or gas supply arrangements have on tolling contracts? Would such pipeline capacity 
requirements shift risk from gas suppliers to electric generators? How would pipeline capacity and/or 
firm gas supply requirements interact with demand response markets? What tools, if any, do RTO’s lack 
that would necessitate the imposition of capacity or supply requirements? Do current pipeline 
arrangements lack market based mechanisms that help allocate scarce resources to those who value them 
most in close to real-time operations such as close to real-time capacity release? If so, why not address 
that issue rather than adding new RTO pipeline capacity requirements? Is there a need to better 
coordinate communications and operations between gas pipelines and RTO's? How about planning? How 
might RTO’s and pipelines coordinate their planning? 
 
Moderator: Good afternoon. Usually I’m the 
person who’s seen as the kind of transmission 
fanatic. So it’s nice to have a different subject 
matter to be associated with. Any of those of 
who you who are sponsors, and I don’t know 
who you are, but thank you for making this 
continued dialog occur. It’s the best in the 
nation. I hope it continues for a long, long time. 
And I appreciate the forum and the chance to get 
into, in this case, an issue that I’ve spent a little 
bit of time on.  
I’ll briefly introduce my motivation, and then 
we’ll go down with our excellent panelists to get 
a little bit more in depth discussion of this 
emerging issue. And in the case of New 
England, it’s more than emerging. I think it is 
essentially right in the laps of those of you who 
are up here. I would say that we’ve been turning 
towards using more natural gas to make 
electricity for a good ten to 15 years. It has 
accelerated recently. I would give five reasons 
for that. The first is that it’s often easier to build 
a CT, combustion turbine plant, than it is to 
build another type of fueled plant. It’s often 
easier, and sometimes politicians like to have 
power plants built in their state, even though 
transmission is often a better alternative than 
generation. But as we heard in the panel before, 
it’s extremely hard to build transmission. As we 
bring renewable power, intermittent resources, 
whether they’re wind or solar, into the grid in 

increasing numbers, we need more power 
backup to back them up when they are not 
available. We have, fourthly, a suite of EPA 
rules, that although they do not specifically 
target coal, they are certainly having a negative 
impact on the ability not only to build new coal 
plants, but to maintain the ones that are in the 
fleet now, and we’re going to see significant 
retirements, we already have, and will in the 
next few years. And then of course, the abundant 
supply of natural gas that we’ve been able to 
extract as a nation that has completely changed 
our view of the world. It’s really, I think, the 
second major revolution in American energy 
policy over the last 50 or 60 years, the first being 
the ’73 oil embargo, the second being the ability 
through hydrofracking and horizontal drilling to 
access a resource that we really weren’t even 
cognizant of, arguably, five or six years ago, to 
the extent it has transformed the energy markets.  
 
As a regulator, it’s a good problem to have. And 
having sat on the National Petroleum Council 
study that concluded about a year ago, that was 
about the prudent development of North 
American oil and gas resources to 2030 and then 
2050--still a good read, even though it’s a year 
old--it comes out clearly in that study that we 
just have enormous resources in North America, 
enormous. And technology will only allow us to 
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extract more. We, as a society, may decide to 
restrict some of that access. But we have 
incredible resources. And of course, in four short 
years, the debate at FERC now is not about new 
LNG import terminals. It’s about giving 
certificates for existing or new terminals to 
export gas. Talk about a complete 180 degree 
turn. It’s exemplified there.  
 
So our panelists today will talk about the issue 
of these two industries converging, industries 
that essentially have always kind of lived 
alongside each other, but in many cases are very 
separate, and have their own language, usually 
have people who grew up in one or the other, but 
only occasionally have been exposed to both. 
One industry where the fuel moves essentially at 
the speed of light, the other where it’s about 17 
to 30 miles an hour; one where you’re used to a 
60 or 90 day pile of coal for reliability purposes, 
and we’re now shifting to being dependent on 
the flow in a pipeline, or maybe two pipelines, 
but essentially a different contingency analysis 
related to reliability.  
 
 
Speaker 1. 
Good afternoon. Thank you for allowing me to 
speak this afternoon. When you look at gas 
pipelines and how they interact with the electric 
industry, we will interact at multiple state areas. 
I mean, we don’t just interact with one region. 
So the rules, the procedures that gas pipelines 
have are applicable to gas generators in Texas, 
MISO, TVA, the South, New York, New 
England…  
 
Nationwide, we have a standard uniform gas 
day, such that all the pipelines basically have the 
same scheduling paradigms. So you’re looking 
at a very standardized scheduling paradigm on 
the gas side. And when the gas industry looks at 
the electric industry, what we see are different 
pockets of scheduling procedures. So one of the 
issues that always comes up when you’re talking 
about gas/electric coordination is the scheduling 
differences. As I’ll indicate later, I think that’s a 

relatively minor issue. We actually allow hourly 
nominations. So it quickly becomes a capacity 
issue when you give that much nominating 
scheduling flexibility. And that’s what we’re 
seeing in New England, as I’ll show you. But 
even if we wanted, as a gas/electric industry, to 
get in a consistent scheduling timeline, what that 
really means is that the electric industry is going 
to have to decide what the electric day is and 
standardize it nationwide, in order to solve the 
coordination problem there.  
 
As the moderator said, power generation 
demand is growing. It’s growing nationwide. 
We expect it to double in the Northeast by 2025. 
We see gas as increasingly the fuel of choice. 
We believe it’s a reliable, responsible, and 
affordable choice. With that choice, though, 
needs to be a commitment for infrastructure, 
because gas will be reliable only if the 
infrastructure’s in place. In regions that have 
plenty of gas infrastructure, gas/electric 
coordination is not really a problem. That’s 
because there’s plenty of infrastructure. In some 
regions, they have the attitude, “Well, I know 
how to recover those costs I pay to pipelines, so 
when I need infrastructure, I’ll sign up for it.”  
The challenge is in the organized competitive 
markets on the electric side.  
 
We hear that the gas-fired generators cannot 
afford gas pipeline capacity, or that the natural 
gas industry doesn’t offer the type of services 
generators need. But what you have on this slide 
is basically a litany of the services that pipelines 
offer, everything from no notice firm 
transportation (when you need gas on a second’s 
notice) to firm transportation to secondary firm 
transportation, to capacity release to the good 
old interruptible transportation, and last and least 
to Park & Loan, which is basically lending out 
line pack. It’s at the bottom of the list for a very 
good reason. It is probably the most interruptible 
service that we can possibly have. Pipelines use 
line pack to move gas. Gas moves very slowly. 
But in point of fact, we pretend that it moves 
instantaneously. You can put gas in in Texas, 
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and we will deliver it at the same time in New 
York City and Boston. Line pack is how we 
accomplish that.  
 
In addition to that instantaneous teleportation 
that we do, we also use line pack to provide 
hourly flexibility. And what you have on this 
slide is really two graphs of loads. One is the 
electric load for the summer months of this year 
on the Algonquin gas transmission. That’s the 
pipeline that serves the New England area, 
contrasted to summer loads from a traditional 
local distribution company (LDC). And what 
you see from our perspective is that the loads are 
very similar. Our gas dispatchers, when we talk 
about the challenges of serving the electric 
generation market, are not worried about the 
transient flow of the rapid starts. What we’re 
worried about is that there’s just not enough 
infrastructure. And that is highlighted by this 
fact. This chart is, again from Algonquin, days 
with zero west to east interruptible capacity on 
Algonquin over the most recent three years, 
August through July of each period. This shows 
you the number of days that if a customer 
wanted to move gas on Algonquin on an 
interruptible contract, it would not be able to get 
scheduled at all, period. You’ve seen the 
dramatic increase last year—the number of days 
goes from 19 in 2009-2010 to 89 in 2010-2011 
to 292 in 2011-2012. We have basically run full, 
from the West, year round, every day. We’ve not 
scheduled any interruptible transportation. We 
frequently have scheduled secondary firm. So 
the facility is being fully optimized.  
 
So what does that mean in terms of whether we 
are allocating the capacity appropriately? The 
Federal Energy Regulatory Commission, with 
the straight fixed variable rate design, has really 
placed a premium value on firm service. If you 
want firm service, you’ve got to pay the cost. If 
you want new services that require expansions, 
the Commission policy is, you pay all those 
costs that are above the system rate. They’ve 
given pipelines the ability to do negotiated rates 
in order to assure cost recovery. The capacity 

release markets are essentially deregulated for 
short term transactions. For anything less than a 
year, the original capacity holder--not the 
pipeline, but the original capacity holder--can 
release that. In point of fact, over this last year, 
we have seen on Algonquin a very dynamic 
pricing paradigm for capacity release, with 
shippers willing to pay multiples of the rates that 
we would charge as a pipeline in order to get 
access to the capacity. Pipeline interruptible 
rates, though, are still there. They’re still 
regulated. The Commission in their wisdom, I 
guess, chose to keep pipeline as the backstop, as 
the market power regulator there, and to the 
extent we have interruptible transportation, we 
sell it at regulated rates.  
 
So what does that mean? We’ve got gas being 
used more. We’ve got scarce capacity. What is 
the gas/electric coordination issue? And I think 
it’s summed up by this slide. You’ve seen year 
over year dramatic increases in the average daily 
loads during the winter. It’s basically gone from 
200,000 MMcf to 400,000 a day on Algonquin. 
And you compare that to what generators have 
under contract as firm capacity that a pipeline is 
obligated to transport (a little over 100,000 
MMcf per day). And of that peak load from last 
winter, only about 20% of that is covered by 
firm contract. The rest of that is being used 
under capacity release, which is firm capacity 
release, but it’s probably moving on a secondary 
path basis, meaning it still can be scheduled off 
because of system constraints.  
 
So we’ve been talking about the fact that the 
system is constrained. We’re full. You see on 
this slide that essentially we’re full because the 
cheap gas is to the west. Not too long ago, we 
built an extensive expansion to move LNG 
imports east to west, and if the gas was still 
flowing that way, I probably wouldn’t be here 
talking, because the LNG would be flowing by 
all the generation plants on Algonquin. But 
that’s not what’s happening. The market wants 
to go to the west. As a result, we’re full from the 
west. And the challenge there is how quickly 
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conditions can change from a pipeline 
scheduling standpoint. I mean, we can be going 
into a cold winter spell, and we’ll have to 
schedule off electric generation.  
 
And people have challenged me, saying, “Well, 
why do you care if you schedule them off?” And 
the issue is, well, there is a lack of understanding 
generally in the marketplace about what it means 
to be scheduled off. They point to gas supply not 
being present. Well, that’s not the issue. It’s not 
lack of gas supply anymore. There’s plenty of 
gas. The issue is appropriate contracting. And 
that issue only crops up when it gets cold. I 
mean, quite frankly, if it doesn’t get cold, if the 
LDCs are able to release their capacity, the 
market has worked for the last ten years. I 
happened to be up here in 2004, and it was very 
cold up here. The gas industry actually was 
patting themselves on the back during that cold 
spell. The industry had met every firm 
obligation we had. The LDCs had had record 
send outs. They had met all their firm 
obligations. And yet, the electric industry was 
concerned about gas supplies. And that was 
because they didn’t have firm contracts to move 
gas. The supply was not there, because the 
transportation infrastructure wasn’t there.  
 
So we sell pipeline capacity. I think that’s pretty 
obvious to everybody. We’ve looked at what it 
would cost for the region to add capacity and 
what kind of benefits the region might acquire. 
And based on our studies, it will pay for itself. I 
mean, for every dollar you spend on 
infrastructure, you’ll save two dollars. So the 
challenge is, how do you capture that? How do 
you have a cost recovery mechanism that allows 
infrastructure to get built? It’s very similar to the 
discussion that was being had this morning 
about cost allocation. Except for us, it’s cost 
recovery, because we have no one to allocate 
these expansion costs to, unless people sign up 
for contracts. We don’t have ratepayers. We 
have customers who sign up. So that’s the 
challenge. It’s an issue for the electric industry. 
In our view, it’s not a reliability issue. Gas 

communication, gas coordination is important in 
terms of managing prices. But if you’re 
interested in avoiding the crisis, you either 
choose to build gas infrastructure, of you decide 
on what other backstop you want to have. So it 
becomes a cost/benefit analysis in our view.  
 
Question: On page six, you had days with zero 
west to east interruptible capacity. During those 
days, were the pipelines just full and just 
transporting the maximum quantity of gas 
possible? Or was it just a contracting issue, 
where you didn’t have the flexibility to offer 
more interruptible? 
 
Speaker 1: We were full. It’s very easy to get a 
contract for interruptible transportation (IT). If 
you have a credit profile, you can sign up for IT 
contracts within an hour and have gas flowing 
within the next scheduling paradigm. What we 
had during this time period--like I said, we have 
hourly nomination flexibility. What that means 
is, we give customers approximately 42 different 
nomination chances for any given 24 hour 
period, because we start nominating a day in 
advance. So they get 42 chances to fine tune 
their nomination. If you didn’t nominate that 
very first nomination period, you were not 
getting scheduled, because all the capacity was 
being taken, from the West.  
 
Question: Just a question on supplies coming 
down the Maritimes, from the Canadian supply. 
Is the reduction in the Canadian supply purely 
an economic factor? Or is it a national supply 
factor? 
 
Speaker 1: Probably both. Coming down the 
Maritimes, you have both the Canadian offshore 
production, which is the Sable Islands, and then 
the major expansion, the one that took the 
Maritimes from 400,000 a day to 800,000, was 
for LNG imports. Repsol is the significant 
capacity holder on that. And to get LNG 
available, you’re going to have to pay world 
LNG prices and make arrangements for that 
LNG to be there in the terminal ready to come 
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down when you want. So it’s that. The offshore 
Sable Island production is declining. There’s 
still some there, but there’s a market in Canada, 
also. Maritimes Canada has customers, and 
increasingly the production that comes in 
offshore Canada is being consumed in Canada. 
 
Question: You said that you need customers to 
sign up, that you don’t have rate payers. If 
someone has an existing electric generating 
facility that’s being interrupted multiple times a 
year, or if someone is contemplating building a 
facility, and they’re facing multiple interruptions 
per year if they don’t sign a contract, why 
wouldn’t they contract? 
 
Speaker 1: It’s expensive.  
 
Question: Well, it’s more expensive to sit there 
with a facility that’s not running. 
 
Speaker 1: That would be my response. The 
response I hear from the generators is, “It’s very 
expensive, and I cannot afford it. I will not get 
cost recovery through the electric market.” You 
know, beauty is in the eyes of the beholder.  
 
Question: Then they shouldn’t be in the electric 
market. 
 
Speaker 1: I can’t force anybody to pay. 
 
 
Speaker 2. 
Thank you. What I’d like to do is talk a little bit 
about how we got where we are and why. Also 
I’d like to describe a little bit about the role of 
the ISO in terms of solving this problem, and 
then some of the solutions that are being put 
forward in New England.  
 
Now, this is why everybody is worried about 
this issue. Back in 2000, New England was 
pretty well diversified--oil, coal, natural gas and 
nuclear. And if you look at last year, the oil and 
the coal, which were about 40% in 2000, have 
dropped all the way down to 6%. So that’s 34%, 

and you essentially add that to the natural gas in 
2000, and you’re up to over 50% of the electric 
energy in New England is coming from natural 
gas. So that’s a lot of energy, and we’ve had 
some increases in pipelines to serve that, but we 
haven’t had a large amount. So that’s sort of 
why the problem exists.  
 
It is a problem, but I think it’s a nice problem to 
have. This chart shows the benefits of using 
natural gas as a fuel for electric generation in 
New England. Natural gas sets the price for 
electricity directly 70% of the time, and then, 
through pump storage units, which are usually 
pricing off of the natural gas, another 20 or 30% 
of the time. So natural gas is essentially setting 
the price of natural gas most of the year. When 
gas prices were high in ’08, we were at around 
$11 billion in energy costs for the region. That 
dropped virtually in half by 2011 to $6 billion in  
wholesale energy costs. And it’s projected to 
drop around another third down to $4 billion in 
energy costs in 2012. So natural gas has brought 
significant economic benefits to the region, 
which means we really ought to work hard and 
solve this problem, because they think it does 
benefit the region greatly. I haven’t discussed 
the environmental benefits. I’m not familiar with 
that, but the natural gas has also cleaned up the 
air quite a bit in New England as well.  
 
Now, what is the problem? I’d like to start our 
discussion of that by talking about the 
differences between natural gas and typical fuels 
for electric generation. You know, before 2000, 
we really wouldn’t even think of having this 
problem. Electricity was coming from coal, oil, 
nuclear and hydro. The fuel was there. People 
knew how to manage it. You’d contract for coal 
or oil. You’d manage your nuclear fuel. The 
system dispatchers would know which plants 
were available. Anything that wasn’t broken was 
available. So it was a fairly straightforward 
process. That changes with natural gas. It’s sort 
of a just in time delivery system. So that’s 
tougher for folks to manage and requires 
coordination with the natural gas pipeline 
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system and a whole backdrop of contracting that 
has to be set up to deliver gas every day.  
 
Now, what sort of challenges does this pose to 
the operators? As I said, system operators 
assume all the plants are available, unless 
they’re on maintenance. So as they go through 
and do the planning for each day, the operators 
are assuming everybody’s available. They set up 
a plan. But in the past few years in New 
England, we’ve made calls to generators and 
said, “Please start.” The generators have said, 
“We’re unable to get gas.” So that sort of 
uncertainty makes the operators very nervous. 
Operators are not very fond of uncertainty. They 
don’t like things that they aren’t aware of 
happening. So that’s the biggest challenge.  
 
And one of the things that makes the challenge a 
bit worse in New England is that our non-gas 
fleet is primarily old oil and steam units. Those 
units take between 12 and 14 hours to start. So if 
we’re in a situation where a gas unit doesn’t 
come online, there aren’t a lot of other options. 
So the problem is fairly acute in that sense. And 
so that’s sort of the operational challenges.  
 
And then the planning challenge is, how do we 
set things up over the long term, provide the 
incentives for gas generators to be available 
when called? And this is sort of a policy point. 
So what’s the ISO’s role, or the RTO’s role, in 
improving the coordination of gas and electric 
markets? We really can’t make investment or 
resource choices. We can’t buy a generator or 
sign on the dotted line to build a pipeline. It’s 
really not what we do. We don’t have that really 
in our charter. Our job is really to modify our 
operational practices and improve our incentives 
to assure that the resources we need are 
available when we need them.  
 
And so what I’d like to do now is go into some 
of the operational changes that we’re 
contemplating, as well as some of the changes in 
incentives that we’ll be bringing to our 
committees. Over the past few years, we’ve 

made, I think, great strides in coordinating on a 
day to day basis with the pipeline operators. I 
think they’ve got a very good relationship, and 
have a very good idea of what’s going on in the 
pipelines on an hour to hour type basis. And I 
think that coordination is continuing to improve.  
 
One thing we are doing (in response to Speaker 
1’s comment about the standard electric gas day) 
is we are talking about moving our day-ahead 
market timing to give our gas resources better 
access to gas markets. Right now, offers in the 
New England electricity market must be 
submitted at noon time, and generators don’t 
receive their day-ahead market commitments 
until 4:00 pm. They have a chance to change 
their offers at 6:00 pm until 8:00, and then 
resources that are needed for reliability but 
aren’t in the day-ahead market are notified at 
10:00 at night. And the difficulty here is, a gas 
generator really must nominate gas by 12:30 in 
the afternoon to have the best chance of getting 
it in the next day. So in our markets, they know 
the price at 12:30, but they don’t know the 
quantity they have in the day-ahead market. So 
the gas generators that know they are going to 
run will just put a price in and go out and buy 
the quantity, and it’s no problem. The gas 
generator that’s on the margin is kind of in a 
tough spot. They’ve got to decide how much gas 
to buy before they know how much they’re 
going to run in the day-ahead market. So that’s 
really the problem. And generators that are 
committed at 10:00 pm are in a tougher spot, 
because if you’re a gas generator, and you get 
called at 10:00 at night, it may be difficult to get 
gas at all, because it may not be available. The 
gas industry has not yet gone to sort of a 24x7 
operation either, so there’s a couple of 
disconnects in that area.  
 
The other disconnect is the two operating days. 
This chart shows you a problem for a gas 
generator that might be needed early in the 
morning. It’s got to have gas on two operating 
days to be able to get called. It’s a 4:00 am or 
5:00 am ramp up until the peak at noon time. 
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The new gas day starts at 10am. So it’s got to 
know to buy gas on two days to be able to do 
that morning ramp.  
 
So the proposal, and I’ll just go through this 
quickly, is really to move the timeline up by 
three hours for the day-ahead market, and then 
generators should be able to get the quantity 
known to them by 12:30, hopefully by noon 
time to give them enough time to go to the gas 
market and sign up their gas. And then the most 
important change is to make commitments to the 
reliability units at 4:00 in the afternoon. If you 
make the commitment at 4:00 in the afternoon, 
then they’ll be able to go and get gas for the 6:00 
renomination cycle. So that should give them a 
much better shot than finding out at 10:00 pm. 
And the other benefit of moving it up to 4:00 is 
that the operators will have a longer lead time to 
call on the older, slower-moving steam units if 
they need them to meet the peak for the next 
day.  
 
And I think the market design changes are 
perhaps even more important and will be more 
effective in improving the coordination between 
the markets. The first one is a change that will 
be in effect by 2014, where we’ll allow 
resources to submit different offers during the 
operating day, and by hour. Right now, if we do 
call on a resource that hasn’t procured gas, they 
go out and buy gas. It might be 25% more 
expensive than when they made their offer. They 
have no way of putting that increased cost into 
the market now. Allowing us to have people to 
change offers hourly or within the operating day 
will give them the chance to put those increased 
costs into the market and price it appropriately 
and provide them an incentive to go out and get 
it. In fact, we have had cases where resources 
could have gotten gas, but it was more expensive 
than they had offered, so they didn’t. And that’s 
not a really good situation for the reliability of 
the system.  
 
I think the most controversial, but I think the 
most important change in the market design is to 

change the capacity market performance 
incentives so that we increase penalties 
significantly on resources that don’t provide 
energy when they’re called. Right now, if a 
generator, especially one that’s called on for 
reliability, doesn’t perform, it faces really no 
economic consequences. So that generator has 
no incentive to go out and sign a long-term 
contract, or to put in dual fuel, or to do anything 
to firm up their fuel supply. They’re foregoing 
the energy revenues, but a few hours of energy 
revenue may not be enough to drive them to a 
decision to invest to firm up their fuel supplies. 
So we’re talking about changing the pricing 
penalties in the forward capacity auction. 
Unfortunately, the forward nature of the forward 
capacity auction means that if we in fact come 
up with rules that we put in for the FCA in 
February of 2015, that really wouldn’t affect 
generators until the 2018 or ’19 time period. So 
that’s a long time away. But I think it’s really 
these capacity market performance incentives 
that are going to bring the generators to the table 
to talk about improving the region’s 
infrastructure.  
 
Some of the possible responses to these changes 
that we see generators making, are that they 
could procure intraday gas to respond to in-day 
commitments, and that’s something that the 
hourly offers will help with. They could contract 
for more flexible storage and service. And I 
think there are new pipeline products, or I guess 
products that really aren’t used much is probably 
a better description. So those are the things that 
the improved incentives would work with on the 
operational side.  
 
And then in terms of investments, and this is 
where it gets tricky, generators will have to 
decide, “Well, can I put in dual fuel? And if I 
put in dual fuel, how many hours of oil do I put 
in? Do I put in enough for one day, two days, 
five days? What are the permits associated with 
that? How do I manage all that?” Another 
option, similar to dual fuel, might be on-site 
fuel, LNG or oil for fast start generators. And 
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then I think the ultimate option would be to sign 
a contract to increase pipeline capacity into New 
England. So I think generators will have to make 
those decisions as they put their offers into the 
forward capacity market after we change the 
market rules. And the way that I think the ISOs 
and the RTOs can help resolve these problems is 
by actually pricing the responsiveness and the 
firmness that we need from generators.  
 
And then a couple of things that are just sort of 
from my limited observations in watching the 
gas/electric coordination issues unfold. I think it 
seems that the gas industry should look at 
shifting to a 24 hour operation. Electricity is 
working 24x7. I think there may be a lot of 
benefit to having gas go 24x7. This summer, 
actually, we had a situation where both 
Algonquin and the Tennessee pipelines were on 
maintenance at the same time. It seems some 
sort of coordination amongst the pipelines, and 
with the electric industry, while of course 
maintaining obligations to firm customers, could 
be made. Having two pipelines go down at the 
same time is something that I think should be 
avoided if at all possible. And then, in a way 
similar to the way that the utilities have 
coordinated transmission system operation, I 
don’t know if throughput on natural gas 
pipelines could be improved by increasing 
operational coordination between those 
pipelines. So thank you. I’ll be happy to answer 
any questions. 
 
Question: Say a power plant were to get firm gas 
and lock that in for many years, would they be 
able to pass through that cost in their energy 
offers? Or only through the capacity market? 
 
Speaker 2: The fixed cost would be recovered 
through the capacity market. And then the 
commodity cost would go through the energy 
market.  
 
Question: A parallel question for Speaker 1. If 
the need is more pipeline, but from the 
generating side of it, I only need it on the cold 

days, really having a product that gets generators 
to buy firm transportation on a cold day doesn’t 
really get the additional pipeline built, does it? 
You really need the pipeline built and the 
pipeline paid for for all the days. Is that correct? 
Is that cost going to be passed on just to that one 
generator who wants that? How does that work? 
 
Speaker 1: We definitely want to be paid for all 
365 days, or 356 days, depending the leap year. 
You know, on those pipelines that have 
unsubscribed capacity, the current Commission 
rules allow people to come in and contract for 
very short term capacity. So that’s always an 
option there. But the reality, in terms of New 
England, is that the capacity is under contract, is 
fully committed, and is being fully utilized. So 
we’re looking at building additional capacity. 
And yes, we could sign a contract for two days, 
but we would have a very high demand rate for 
those two days. Or we could give you 12 easy 
monthly payments. Whichever way you want. 
But that is the issue, how do you recover the cost 
of new capacity, because the Commission’s 
policy is, if you want to expand the capacity, 
you have to have a customer willing to pay you.  
 
Question: The scenario that you described where 
you call on a generator, and they say, “Sorry, we 
can’t operate, we don’t have enough gas,” is that 
something that happens often? Is that kind of the 
rare exception to the rule? Do you have a 
situation where generators are bidding into the 
market, kind of gambling that they’re going to 
have enough gas? Or is this just kind of a very 
unusual occurrence that happens only in really 
extreme circumstances? 
 
Speaker 2: It happens most often during off-peak 
hours, during the evening hours. You may ask a 
generator that’s scheduled to come off-line at 
10:00 at night, and say, “Oh, by the way, we 
need you to run through tomorrow until 
tomorrow morning’s peak.” They haven’t made 
arrangements for that gas. So they’re not able to 
fulfill that. So it’s those sorts of situations. And 
they’re reasonably frequent. 
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Question: It’s reasonably frequent that they 
respond to you by saying that they can’t operate 
because they don’t have enough gas? 
 
Speaker 2: Yes.  
 
Question: Wow. 
 
Speaker 2: To date it hasn’t caused reliability 
problems. Most of those cases have been in off-
peak hours or low load conditions, etc. So we 
haven’t really run into significant reliability or 
economic consequences.  
 
Question: I just want to follow up on that 
question. Does it ever happen that generators get 
interrupted, because they’re on an interruptible 
rate, and they just simply get interrupted? They 
get told, “You’re interrupted now?” 
 
Speaker 2: I don’t know what the specifics of 
why they can’t get gas are.  
 
Question: A similar question on this. When units 
bid for quick start or things like that--you must 
have gas units that are bidding for that. Do they 
all have firm gas in order to bid for a quick start? 
Or is it ever the case that if you lose a unit, and 
you want to replace it, say a nuclear unit goes 
down, and you’re calling up your gas CTs to 
come on line, are they like, “Sorry, we just don’t 
have the gas?” How does that work? 
 
Speaker 2: That’s happened. We have gas 
peaking units that don’t have firm capacity, and 
they haven’t responded all the times that they’ve 
asked to respond. But that’s really part of the 
problem.  
 
Question: Back in 2000, the region ran a lot 
more oil and coal units. We certainly have some 
of that capacity still available to us now. In 
scenarios that you’ve run, or in the experience 
from the ISO, do you see that the lack of gas 
capacity for the generators along the Algonquin 

pipeline creates vulnerability in a particular area 
within the region? Or the region in general? 
 
Speaker 2: I think it’s more general. The nature 
of the problem could affect anywhere on the 
pipeline, I think.  
 
Question: Speaker 2, you mentioned that those 
times when operations called on plants, and 
they’re not available, those rarely occur at peak 
times. Why is that so, versus the non-peak 
period? 
 
Speaker 2: That’s really more the operational 
coordination that’s been done ahead of time. As 
they go through the plan for the operating day, 
our control room makes sure that the resources 
that they’ve committed to have the gas to 
operate reliably. So they take it into account in 
the planning for the day.  
 
Question: This question is for Speaker 1. We’ve 
heard a lot of conversation about, for example, 
increasing the penalties on generators, and 
somebody asked, “Well, why wouldn’t the 
generator just be willing to pay for it if the 
consequences are severe?” But I think this is 
true. In the short to medium term, the holders of 
the firm rights, they also have the right to roll 
over their right to that firm transportation. And 
they’re never going to relinquish it as a practical 
matter. I think that’s true, isn’t it? 
 
Speaker 1: The traditional LDCs, or for that 
matter, anybody that has a long term (one year 
or longer) contract, if they’re paying max rate, 
they have that perpetual right to roll it over. So 
it’s not going to get reallocated away from them. 
 
 
Speaker 3. 
I think it’s important as we talk about 
gas/electric coordination to kind of set up what 
the similarities and differences are between 
electricity transmission in wholesale power 
markets and the gas pipeline system. I think the 
similarities are pretty apparent. We’re both 
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network industries. We both have multiple 
owners. We both sell firm and non-firm or 
interruptible transportation or transmission. We 
both have receipt and delivery points, to use the 
gas nomenclature, or point to point, and also we 
have network service and transmission on the 
electricity side.  
 
However, there are some key differences here. 
And some of them I want to highlight are, one, 
that there’s no RTO/ISO concept in the gas 
industry from an operational standpoint. All the 
pipelines operate on their own, I won’t say in 
isolation, but certainly there’s no coordinated 
effort, like there are with RTOs operating 
multiple transmission systems for the passive 
owners. There’s also no single market operator 
that operates as we do in RTOs, the bid-based 
security constrained unit commitment and 
economic dispatch on a daily basis, using prices 
to help manage reliability issues. And of course, 
there are the cost allocation issues we talked 
about earlier that are somewhat different. And 
then the siting issues that we did talk about this 
morning.  
 
In PJM, it’s a little bit different, I guess, than in 
ISO New England, in that we have a larger share 
of coal-fired generation, and it still remains a 
large share, although we’ve seen the share of 
coal come down considerably. Coal has come 
down from about 55% of total energy in PJM 
back in 2007 to about 42% year to date here in 
2012. Natural gas, by the same token, has almost 
tripled from just about 7 ½% in 2007 to just 
about 20% year to date in 2012. And you can see 
how those shares match up with the convergence 
in the coal/gas price spread. In 2008, we saw 
spreads on delivered prices here at $7.00 per 
million BTUs. That spread has narrowed to less 
than a dollar in delivered prices in 2012. And in 
the spot market, they’ve effectively converged 
year to date on average. So we can see why 
we’re seeing this move to natural gas. A lot of it 
is purely the economics.  
 

But unlike New England, in PJM, in spite of all 
the retirements that we’ve talked about in the 
past, to paraphrase Mark Twain, coal’s death has 
been greatly exaggerated. Even though we may 
have 18,000 megawatts of retirements of 
generation, most of them coal, either announced 
or that have already occurred, that still leaves us 
with about 60,000 megawatts of installed 
capacity to go forward. So we don’t have the 
same types of issues that New England may 
have with respect to that. Of course, in PJM, we 
are fortunate. We sit on top of the Marcellus 
shale and the Utica shale formations. You can 
see that this year we’re starting to see Marcellus 
shale gas trading at a negative basis to Henry 
Hub, so that the previous graphic I just showed 
you is really even more extreme when you look 
at PJM as a whole-- gas is just dirt cheap in 
some cases. And again, this is because of 
constraints on pipelines such as Tennessee, 
which runs right through the Marcellus shale 
region, and others. Texas Eastern also runs 
through part of that region.  
 
Where is that gas going? It’s not going to 
peakers. As you see in this graphic, on capacity 
factors of natural gas combined cycle and 
combustion turbine generation, combustion 
turbines (peakers) are running when you would 
expect them to. They’re running during the 
summer peaks. But again, they’re not running at 
really large capacity factors. Combined cycle 
gas, on the other hand, the movements are 
commensurate with what we’re seeing in natural 
gas prices, and in many parts of eastern PJM, 
we’re seeing gas combined cycle units running 
at 80% plus capacity factors today. So it is now 
being used as base load in some parts of the 
system.  
 
What’s going to happen in the future? Well, if 
you believe some forecasts, while we’re not 
going to see $2.00 or $3.00 gas maybe in the 
future, we’re probably looking at, on average, 
$4-4 ½, at least going forward in the forecast. 
This is from IHS CERA. It’s pretty consistent 
with EIA’s annual energy outlook. You can also 
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see the same thing with coal. Coal has actually, 
during the recession, the delivered price of coal 
has continued to rise here in the US. And it’s 
forecast to continue to rise, inexorably. Why is 
that? Pressure from export markets to China and 
India, and the delivered cost being affected by 
transportation fuels, such as oil, which has 
certainly not gotten any cheaper. So we’re still 
going to see this narrowed spread between coal 
and natural gas going forward. And that doesn’t 
seem to change.  
 
Here are the retirements that I mentioned, and 
the timing of some of those retirements that 
we’ll see by 2015, commensurate with the 
compliance date for the mercury in air toxic 
standards. But one of the other interesting things 
that we’ve seen going forward is the prevalence 
of natural gas in the interconnection queue. Back 
when I joined PJM in 2008, wind was the 
biggest generation resource in the queue. Wind 
has fallen off considerably. Gas generation in 
the queue has doubled in the last two years. All 
of a sudden, it’s become fashionable, for 
obvious reasons. And so effectively what we’re 
looking at is a potential second dash for gas, 
much like the first dash for gas that we saw here 
with the advent of restructuring and the 
beginning of RTO wholesale markets. We’re 
looking at another dash for gas, except instead of 
CTs, we’re probably looking at a lot of 
combined cycle units going forward.  
 
You could see this in the evolving resource mix 
in RPM. For the first time in May for the base 
residual auction for the 15th, 16th delivery, we 
actually had more gas capacity clear than coal 
fired capacity. And we’re also seeing a lot more 
demand response, which is also helping to make 
up for a lot of the coal retirements that are out 
there. And there is a relationship here between 
demand response and gas that I do want to 
address, especially during the winter peak 
periods that we should probably start thinking 
about. And of course, we don’t have a resource 
adequacy problem during the summer. 
Everything is great.  

 
So what I wanted to do is just provide this very 
quick background set us up to talk about 
coordination. Speaker 2, in his presentation, has 
already mentioned the issue with coordination, 
with timely nominations. We have the same 
timing issues as ISO New England, and similar 
to New York ISO in terms of coordinating the 
gas day and the electric day. And of course, we 
do have the possibility for intraday nominations.  
 
Here is the schedule that NAESB posts for 
intraday nominations. Some pipelines allow 
more nomination periods, as Spectra does. Not 
all pipelines offer that. And I think that’s the 
other key issue here, that not all pipelines are 
created equal or operate in the same way and 
offer the same types of products. I’ll note that 
Speaker 1 talked about no notice firm service, 
Park & Loan, things like that. Not all pipelines 
offer those types of services, necessarily. And so 
I think that’s important to consider on a region 
by region basis as we look at this.  
 
From an operational perspective, and I think 
Speaker 2 has tried to allude to this, from the 
point of view of the gas pipeline, power 
generation just doesn’t fit into the gas construct. 
We have demand that fluctuates. We may have 
to call on gas generators at a moment’s notice. 
Going forward, we have steep ramps morning 
and evening, potentially. And we’re intermittent. 
In much the same way that wind is intermittent 
in the power system, we’re intermittent to the 
gas pipeline system. And in fact, there is a 
translation there that as we see more 
intermittency in wind on the power system, 
what’s going to have to make up for that? Gas 
generation, which is going to then trickle down 
back to the gas pipeline system. So all of these 
things are connected--RPS standards and 
everything else translates to more variability on 
the power system, which translates to more 
variability on the gas pipeline system, which 
we’ve got to start thinking about.  
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But it’s not all year round that we have this 
issue. I mean, certainly we have the steep 
morning ramp during the summer periods, as 
you can see on the left. But then you’ve got the 
winter periods, where you’ve got the steep 
morning ramp, and then we have load falling off 
during the day, and then the steep ramp at night, 
when everybody comes home, and it starts 
cooling off when the sun goes down. So winter 
is not only they peak for heating load, so it’s 
going to be the peak for the gas pipeline system, 
but it offers some additional operational 
challenges from a power system perspective as 
we try to coordinate with gas pipelines.  
 
In terms of incentives and market rules, I think 
one of the issues that Speaker 2 has brought up, 
and one of the things that we’ve looked at, is 
whether or not we have the right incentives in 
place for generators to hold firm capacity, or 
make sure that they’re available. Right now we 
don’t have in PJM any market rules or liability 
requirements that generators have firm fuel. Yes, 
coal fired generators often keep a coal pile, as 
the moderator alluded to in his opening remarks. 
But we don’t require it. We don’t require gas 
generators have firm transportation. It’s up to 
the generators to manage that fuel risk. They’re 
better off managing that fuel risk. They know 
what they’re facing. They’re out there operating 
their facilities on a day to day basis, not the 
RTOs. And to speak to a point that I believe was 
brought up earlier in one of the clarifying 
questions, generation does have an incentive to 
be available, to generate power, to earn energy 
market rents. It’s not as if generators have no 
costs that need to be recovered. They have going 
forward costs, whether they’re fixed capital 
costs, the cost of retrofits, fixed O&M costs, 
insurance, staffing costs that don’t vary with 
output of the unit… Those costs have to be 
recovered somehow. One way to do that is 
through energy market rents, and to be available, 
especially when prices are higher.  
 
In our capacity market in RPM, we do have 
incentives, and some may argue they’re not 

enough, but we do still have incentives to 
minimize the forced outage rate for future years. 
If generators are constantly being forced out 
because of interruptible transportation, that’s 
going to be reflected in their forced outage rate. 
In future years they’ll be able to offer less 
unforced capacity into the capacity market, 
making it harder for them in future years to 
recover costs. There are also penalties for not 
being available during both summer and winter 
peak periods. Notice the EFORp, or forced 
outage rate during peak period penalty. So again, 
generators have an incentive to be available, 
both today and looking forward into the future, 
and so it’s probably best just to let these 
generators manage those risks on their own.  
 
I’ve already talked about the issues with 
combined cycle plants running more, and CTs 
not running as much, even though gas prices are 
low. But I think the one thing that’s really 
important here is that capacity release markets 
have been available and continue to be available. 
I think, unlike the situation that Speaker 1 
discussed in his remarks, we’re looking at a 
situation where released capacity is available 
almost all year round, except during the winter 
on a few pipelines. We’re seeing new merchant 
generators that we’ve talked to, looking at this 
problem, saying, “Why do I want to buy firm 
transportation when I have released capacity 
available?” And even during the winter, they 
argue, it’s available--at a high price, but it’s 
usually available in some way, shape, or form if 
it’s needed.  
 
And then there’s the issue of rate design and gas 
pipeline rates. This is an example of the costs of 
firm and interruptible delivery from one of the 
gas pipelines that runs through PJM. We have 34 
interstate pipelines running through our 
footprint. But in this particular case, let’s 
suppose you’ve got a baseload combined cycle 
unit that could choose between firm 
transportation and interruptible, running at this 
80% capacity factor. Even at an 80% capacity 
factor, financially it makes absolutely no sense 
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under the FERC filed tariff rate to firm. That’s 
the key. Under the FERC filed rate, they have no 
incentive to take firm transportation. It’s always 
going to be cheaper to buy interruptible, and it’s 
the same on other pipelines as well. Now, 
Speaker 1 does point out, and I think correctly 
here, that negotiated rates are possible, and so 
that becomes an issue between the pipeline and 
merchant generation and how they’re going to 
go about negotiating that rate to make it 
beneficial to everybody on the system.  
 
And then, of course, we know that the 
prevalence of interruptible delivery service over 
firm is pretty staggering, even in New England, 
where gas pipeline issues are even more 
problematic than they might be, say, in PJM. So 
we’ve got to look at the incentives, not just on 
the electricity side, but maybe on the rate design 
side for gas pipelines.  
 
So let’s think about some of the operational 
issues going forward. One of these is 
communication. One of the complaints that we 
have heard from the pipelines is that they don’t 
want to talk to us, because they’re worried about 
violating code of conduct rules if they talk to us. 
But this communication and information 
exchange is extremely important in trying to 
coordinate our operations on a daily basis. And a 
lot of these operational issues, these fluctuations 
in demand, firm transportation doesn’t cure. We 
could buy all the firm transportation in the world 
that we want, but that’s not going to solve the 
problem in this case.  
 
What can we do on the electric side? Suppose 
that we have gas that gets interrupted. What can 
we do? Well, we carry synchronized reserves. 
All RTOs do that. We can meet these 
contingencies. We all now have shortage 
pricing, thanks to Order 719 that FERC has put 
out, and that we’ve finally implemented in PJM 
on October 1st. So we have mechanisms in place 
to deal with these short term reliability issues. 
And the question is, do we need any other 
changes? I mean, are these incentives enough? 

Because if generators aren’t running, or they get 
tripped off the system, they could be leaving 
money on the table. In PJM, historically, we’ve 
run 40-45% installed reserve margins in the 
wintertime. Notice how that’s starting to decline, 
so that by 2015/2016, we’re looking at 30% 
installed reserve margins. That’s a function of 
two things. One, it’s a function of coal plant 
retirements. Two, it’s a function of demand 
response actually filling that void. But most of 
that demand response is not available all year 
round and is only available during the summer, 
so that we see these installed reserve margins 
falling. And so the question becomes, do we 
take another look at demand response yet again? 
Do we make it an annual product? Is that going 
to help us during these winter peaks?  
 
The other thing, too, that I also want to point out 
is that the glass is half full. Even at a 30% 
installed reserve margin in 2015/2016, PJM 
could have over 20,000 megawatts of gas fired 
capacity unavailable due to interruptions, and we 
would still be at a 15% installed reserve margin. 
So is this really a problem? Something to 
consider.  
 
Some of the other things that gas pipelines can 
do, is clarify issues like how do we deal with 
operational flow orders? Are there other options 
that may exist to do this financially, rather than 
just doing this by command and control?  
 
Question: You talked about data and data 
sharing as being a key in the solution here. And I 
just wanted to ask you a question. What prevents 
the ISOs from, say, trying to clear the market in 
like 15 minutes instead of taking four hours? 
Why not just put the data out there as quickly as 
possible? 
 
Speaker 3: Well, one of the things that we are 
thinking about doing, and we haven’t gotten as 
far as New England has on this, is actually 
thinking about moving the electric day as well a 
little bit, so that we get timely gas noms in place 
to match what the day-ahead commitments are. 
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But I think ultimately it’s going to take 
movement on both the gas and electric side to 
start moving their operational and market days, 
so that they’re better coordinated. We can move 
a little bit. We’re hoping that the gas industry 
can move a little bit as well on some of this. But 
given the past history…we’ve been talking 
about this since we started RTO markets. I’m 
not sure how far we’re going to get. But we’re 
willing to move a little bit, I think.  
 
Question: In PJM, do you have a problem with 
either quick start units or other units not being 
able to respond when you have an outage, and 
that resulting in either reliability issues or higher 
prices or just problems on the system? 
 
Speaker 3: It is an extremely, extremely rare 
event that we have a unit not start up because it 
does not have fuel. So it’s something that just 
doesn’t happen very often in PJM. We do have 
one problem area. Actually, it’s one pipeline, 
where there is a set of issues, but other than that, 
effectively, we really don’t have the same kind 
of problems that New England has.  
 
Question: And can I just follow up, with Speaker 
2 on this? You said it happens, but you didn’t 
indicate whether it was common or rare. 
 
Speaker 2: More than rare, less than common.  
 
Moderator: All right, we’ve heard specifically 
from the challenges from the gas perspective or 
the pipeline perspective in the New England 
region, PJM, and as we go into the break, and 
you start thinking about the questions or the 
topics you want to address, we’ll probably have 
a little more emphasis now on not only a global 
overview, but also potentially some solutions.  
 
Speaker 4: Thank you. I’ve been thinking a lot 
about these issues, particularly over the last six 
to ten months, and so it’s actually a great 
opportunity to follow what some of the pipeline 
resources are thinking, what some of the RTOs 
are thinking, and to try and frame up these 

issues, and hopefully we’ll have a good 
discussion afterwards.  
 
A lot of my work is informed by what has been 
going on in ISO New England, but a lot of my 
comments are trying to take a step back and to 
more generally look at the problem and break it 
down in a way where hopefully we can identify 
at least what the potential solutions are, 
categorize them, and then think about a way 
forward.  
 
So one initial starting point is, what is the 
problem? Why are we here? And I see there 
being really two driving factors. One is, the 
actual system performance at moments has been 
worrying. In New England, this has been most 
prevalent going back to the 2004 cold snap. But 
more recently, there have been a number of 
potential incidents that may have resulted in loss 
of load. I don’t think it ever has, other than even 
in 2004, but these kinds of incidents have 
created reliability risks due to a variety of 
factors--supply disruptions in Sable Island, some 
of the instances where generators aren’t 
responding as desired, coordination problems on 
pipelines, between schedules, leading to 
unexpected outages by units. And so there have 
been a number of reasons why operationally this 
has been under discussion for nearly ten years, 
and yet the problems keep popping up. So that’s 
clearly one driving factor.  
 
As a side note, having worked in some other 
industries, and particularly in the light of some 
work I’ve done in the refinery and the petroleum 
industry, the one thing I was surprised at is that 
in terms of indicators that would provide a real 
metric of looking at the system, whether it be the 
pipeline system or the electricity system that 
would really be kind of leading indicators of, 
“Oh, we might have an emerging problem here,” 
I was surprised that there’s not as much 
systematic quantification and reporting of those 
metrics as I might have thought. And some of 
this information’s coming out now, and the 
slides Speaker 1 provided showing days that the 
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pipelines were full is in and of itself a great 
metric, and you can look at particular nodes 
where you look at curtailments, another great 
metric. And those are starting to come out as 
we’ve identified, “Oh, we have a problem.” But 
we’re not kind of keeping an eye on the system 
in the way we might otherwise be doing.  
 
The other reason we’re here is that looking 
forward with, as our moderator identified, this 
kind of boom in low cost supplies, we anticipate 
using a lot more gas in the coming decades. And 
as Speaker 1 pointed out, and as this slide 
illustrates, what we’re finding is that what used 
to be constraints or stressed periods in the 
market that we were only finding during the 
winter months in New England—now we’re 
finding them all year round. And this is my 
understanding, consistent with what the ISO is 
observing in terms of the performance of units. 
It’s not only a concern during the winter. It’s a 
year-round concern, and here at least its’ 
showing up in that we’re seeing price spikes not 
just during the winter, but year round and during 
unanticipated periods.  
 
Having said that, the issues around the country 
are clearly going to depend upon the particular 
nature of the systems, and as Speaker 3 said, part 
of it is how much your system uses gas. But the 
bigger issue seems to me is the extent to which 
your system and the gas resources you’re relying 
on have access to pipeline resources that they 
can deliver and kind of what the headroom on 
that capacity is. Typically, the pipeline resources 
have been built on the backs of LDC loads, and 
the power sector has kind of been able to live off 
of that capacity from a reliability standpoint. 
And I’m going to come back to this in my last 
slide. And the question is, as we anticipate a lot 
more gas getting built out, is that framework 
working? And some of the measures that we’ll 
talk about potentially resolve this problem 
perfectly fine. And so that may be well and 
good. But that’s kind of one question, taking a 
step back.  
 

So having been preceded very nicely by the 
other speakers to kind of lay out some of the 
operational issues and reasons why we’re here, 
what I’d like to do is quickly identify five 
different buckets of solutions that are being 
talked about in different venues. The first one, 
which actually is very important, is the 
information and the communications between 
the gas and the electric pipeline systems. I’m not 
going to go into great detail about them, because 
frankly, as an economist and someone who isn’t 
in the industry, I think people like Speaker 1 are 
going to do a better job at that. And so I’m just 
going to move onto the other ones.  
 
The second issue is this issue about 
coordination, and both Speaker 3 and the 
enhancements to the ISO New England market 
that Speaker 2 talked about, really address these 
kinds of issues about making tweaks to the way 
the markets clear in a way such that we can try 
and iron out some of these reliability issues.  
 
The deeper issue, really, and Speaker 2 and 
Speaker 3 both alluded to this, is the question of 
what the obligations of generators are, when 
they offer a capacity product, for example, into 
the market, and how are we ensuring that they 
maintain and fulfill those obligations? How is 
their performance measured? And that, in some 
sense, is going to be the heart of the issue about 
whether not more is needed on this front. That’s 
going to be the most challenging issue.  
 
Another potential solution is enhanced pipeline 
services, Speaker 1 touched on that.  
 
And finally we’ll loop back to this question of, 
is all this stuff potentially enough? Or is there a 
role for planning?  
 
I want to make a couple of points about 
coordination between the markets. To a large 
extent, the coordination issues that Speaker 2 
and Speaker 3 talked about depend somewhat 
upon the particular processes under which that 
each RTO is working. One goal of this is 
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basically to have the generator in a position, 
when they go to deliver in the real time market, 
when they get a request, that the offer they are 
giving for selling their power in the electric 
market is consistent with the price they’re 
paying for gas. And if the offer and the gas price 
are inconsistent, it can either give them incentive 
to sell out their gas supply, or it can give them 
an incentive to say, “Well, you know 
something? I’m actually not available.” And so 
that’s one goal, to basically make this self-
reinforcing and make behavior consistent with 
what the system operator is asking for in terms 
of dispatch requests.  
 
Operationally there are a number of issues in 
terms of whether I have the opportunity to go to 
the pipeline and tell them I need gas, and 
Spectra allows that kind of flexibility hourly. 
That’s not true of all the pipelines and one of the 
proposals Speaker 2 mentioned in terms of what 
the ISO is moving towards, is to basically shift 
the entire timing of when generators know how 
much they think they’ll have to produce in the 
next day, and what their commitment is. They’ll 
then have an opportunity to go to the gas 
markets in a timely way and say, “Hey, I need 
this much gas. I want to be scheduled.” That 
does a couple of things. One is, it gives them an 
opportunity, if the pipeline is full, and they don’t 
have supply, they can then say, “Oh, system 
operator, I’m not going to be there,” and the 
system operator can then plan accordingly in 
terms of units.  
 
Now, in the backdrop of all these opportunities, 
in terms of things the RTOs can do, at least from 
ISO New England’s standpoint, and certainly in 
terms of PJM, part of this gets down to a timing 
issue and the ability of resources to rapidly 
respond. As Speaker 2 mentioned, part of the 
problem is that on days when demand is high, 
and suddenly you realize you don’t have gas, 
you wish you were 24 hours before, when you 
could flip on those oil units, which take a while 
to generate, and honestly the reliability isn’t 
always 100%. And so part of this is just a timing 

issue in getting the system operators the 
information they need to perform better.  
 
This basically is a slide that demonstrates what I 
just told you, how with respect to the timing of 
the final commitment, New England is moving 
up, consistent with what New York is already 
operating at, giving generators an opportunity to 
tell the pipelines what gas they need when they 
know, and they’re committed.  
 
Another issue is the timing of the gas day and 
the electric day. I understand there are a lot of 
reasons why the gas markets have the same gas 
day across the entire country. RTO days vary by 
RTO. And so there is a kind of desire to keep 
that gas day consistent. To the extent it 
potentially improves reliability, it would sure 
seem that moving that gas day forward before 
the morning am ramp in the electric market 
would certainly improve things for one of their 
customers. That seems like one issue. And I’d 
actually be interested in Speaker 1’s view of 
what the downside of that is from their 
perspective.  
 
So having gone through that, the issue I want to 
spend a little bit of time on is this issue about 
performance obligations. I see this to some 
extent largely as a contractual issue, which spans 
both bilateral markets and RTO markets. In 
RTO markets, we’ve standardized a lot of these 
obligations and products in a very convenient 
way that makes it easy to ensure reliability. But 
basically it’s a question of, if you’ve provided 
forward operating reserves in New England’s 
capacity market, what is your obligation, then, to 
actually deliver on the offers you make, and to 
make offers? And so there are a couple of 
different ways that one can come at this from the 
gas standpoint. One is, we’ve talked about a 
technology requirement, and one of those could 
be basically to say to all the gas generators, “If 
you’re going to operate in the ISO New England 
capacity market, you have to have firm capacity, 
firm contract, end of story.” And just have that 
be the contract you offer. That could be one 
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thing. That seems like an approach that’s getting 
winces of, what an awful idea.  
 
The other approach is a much more market-
based approach, which is basically to say, 
“We’re going to have a contract with you. We’re 
going to see how you perform, and compensate 
you accordingly.” And that’s another approach. 
Now, from a technical standpoint, there are a lot 
of ways of achieving more secure fuel supply if 
you’re a gas generator. One of them is to get a 
firm contract, as Speaker 1 identified. Speaker 2 
mentioned dual fuel, being able to run on oil. 
And that raises its own issues about how many 
days of fuel do you keep in the tank. How 
quickly can you ramp up and down and switch 
fuels? What are the market coordination issues? 
Do I really want to bid in gas versus oil? Who’s 
going to bear that risk? There are also demand 
resources. There’s also LNG storage. All of 
these are possible options. And when looking at 
performance-based obligations, I want to make 
the point now that the great advantage of those is 
clearly that they provide generators the 
opportunity to make that choice in the most cost 
effective fashion, and that is something I’m 
guessing in this crowd that there can be a lot of 
support behind.  
 
When it comes to putting together some kind of 
performance based obligation, in this market, at 
least, to measure performance, the cost of 
monitoring are low. Measurement certainty is 
high. And imposing penalties is fairly 
straightforward. And so a lot of the problems 
you have in monitoring performance are really 
eliminated.  
 
One of the issues, though, is going to be, when 
do you monitor performance, and when do you 
impose penalties, and how large are they? To 
some extent, a capacity performance payment 
potentially affects your ability to deliver when 
you have gas or don’t, but also just because you 
have an operational breakdown. You have a 
maintenance problem, and you can’t operate in 
that day. And a good performance system needs 

to distinguish between those two. One important 
reason you need to distinguish between those 
two is because, when I just have a maintenance 
breakdown, that’s going to be unrelated to 
everyone else in the market’s maintenance 
breakdowns. But with gas supply risk, basically 
you have one contingency that’s common to all 
market participants that’s going to drive 
potentially a consistent reliability risk across the 
system. And so you need to be able to reflect the 
difference in that impact through the penalties or 
rewards you create in the performance system. 
Performance obligations can reflect either 
penalties or rewards, potentially, and the 
magnitude of those penalties can reflect cost of 
lost load in either terms of either what the 
impact was in terms of the actual outage, or it 
can look at that in terms of expected impact, 
what a likely outage is, given all the coincident 
factors that happen.  
 
Let me just wrap up with a couple of points. I’ve 
talked a bit about the advantages of the 
performance-based approach, and we can get 
into that more. There are two points I want to 
make on the pipeline services. I think Speaker 1 
raised the point that a lot of these services are 
not available, potentially, because there just 
simply isn’t demand for them. You need to have 
generators with some sort of obligation, some 
sort of cost, for not developing a more robust 
service.  
 
The other question I have, and this is one we’ve 
put to Speaker 1 beforehand, is to what extent 
are there opportunities to have more efficient 
services, more efficient pricing intraday across 
services, across sources, to eke more efficient 
use of the pipeline? And I think I know Speaker 
1’s answer to this, but that’s something that I 
think has got to be considered generally.  
 
And the last point, just to circle back, is that 
there are a number of potential solutions here 
that have been tossed out--performance 
incentives, tweaks to the market to make it run 
more smoothly. And I think a question that is 
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being raised in some context is, is this enough? 
Is this enough to address the reliability problem? 
I think it certainly does. But the other issue that 
gets thrown out to some extent by comments 
that some of the pipelines are making is that 
there are a lot of benefits from certain 
infrastructures, such as pipelines, that are 
achieved throughout the year in terms of lower 
cost supply that can be used to lower production 
costs throughout the year. And given that there 
are those potential benefits throughout the year, 
and given the way that pipeline transportation 
services are priced now, would the electric 
power sector ever come forward to produce 
those kind of system benefits in terms of lower 
production costs? And I’ll leave it there. 
 
 
General Discussion. 
Moderator: Welcome back. On this issue, I’ve 
tried to emphasize from my perspective, that 
we’ve got short term issues to address, most 
notably going into this heating season on the 
communication side of things. We have medium 
term issues, perhaps pressing New England the 
hardest, but PJM and particularly MISO are 
going to have a lot of challenges in the next 
three to four years, as that timing coincides with 
the MATS implementation. And then we have 
the longer term issues that may not take that 
long to actually solve. They’ve been highlighted 
by the discussion earlier about harmonizing the 
trading days and getting more efficiency out of 
trying to align those days better, so that stated 
bids can be made when more information is 
known, recognizing that there are tradeoffs. The 
earlier you move a bid schedule, the less you 
know about the future. So with that, I look 
forward to a lot of vibrant questions and 
discussion.  
 
Question 1: I don’t know enough about the gas 
pipeline operations to guess at the answer, but 
I’m just puzzled as to, if you have this “park and 
loan” service that you’ll provide to somebody, 
why aren’t there a bunch of smart entrepreneurs 
who are taking advantage of the arbitrage 

opportunity and providing their own market-
based park and loan, so that they park, and they 
loan themselves, and they maybe use some of 
your services. And then they start making a 
whole bunch of money, because people 
desperately need the gas during certain 
particular times? 
 
Speaker 1: Where you have market-based 
storage entities, and those are most prevalent in 
the gulf coast, you see a lot of park and loans. 
That’s primarily their business. In addition to 
storage, they will leverage and arbitrage gas that 
way. When you talk about pipelines, line pack 
becomes an operational ingredient through 
which you provide all your other services, most 
importantly pressure in the transient hourly 
flows that are important to generation, but it’s 
also important to LDCs. A system like 
Algonquin, just to put it in perspective, will on a 
peak day turn over its line pack approximately 
three times during the day. In other words, it will 
deliver out of its system three times its line pack. 
So if it’s not getting it then, it quickly translates 
into operational problems. Other pipelines with 
more assets have more flexibility. But again, on 
peak day conditions, line pack is being used to 
maintain pressure, to provide the transient flows. 
So line pack is available for park and loan most 
likely on pipelines when you don’t need it. 
That’s because the pipeline doesn’t need it, and 
that’s because it’s not full in terms of demand 
requests.  
 
Follow-up: That’s not the only source of storage. 
You could build storage. You could bribe people 
to stop using the natural gas. There are lots of 
other things you could imagine. But if you bribe 
people to stop using it, and you don’t get 
property rights to the stuff they didn’t use, then 
it doesn’t work. So that would be -- 
 
Speaker 1: Yes, you can build storage. The 
pipelines’ “no notice” service in essence it is, 
“I’ll deliver the gas to you when you need it, and 
we’ll work out the details later.” But that takes 
facilities. And if you’re fully subscribed, to 
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provide any more of that service will require 
more facilities. So again, it becomes a cost issue. 
In my mind, it’s not a lack of flexibility in terms 
of the services. The Commission has, through 
both 636 and 637, created a vast menu of 
services which on cold says get fully utilized. 
The most important is capacity release. The 
LDCs, if they hold the capacity, have every 
incentive to release it to somebody who needs it, 
because they’ll pay more than what the pipeline 
is charging the LDC. So they’ll do that if they 
don’t need it for their own purposes. And if they 
do, then it’s a reliability issue, and they’re not 
going to release it. And you know, the pipelines 
are built for peak day needs, whatever they are, 
winter, summer. If you’re serving an LDC up 
here, it’s built to serve an LDC on a coldest day 
norm, because that’s what the state tells the 
LDCs to contract for. So that gives a lot of 
margin of error. Any time it’s warmer than that, 
you get a lot of operational capacity that is sold 
and utilized. So if it doesn’t get cold up here, the 
problem is being masked. And it hasn’t been 
cold like it was in 2004 since 2004. 2004 was a 
prolonged three or four day peak of heavy 
demand on the gas pipeline. We haven’t seen 
anything like that. So to a certain extent, the 
demand is being masked because the LDCs are 
actually releasing a lot of capacity, even during 
the winter.  
 
Moderator: I enjoyed your subtle reference to 
overcompensation of demand response there. 
[LAUGHTER]  But I think we have teed up this 
issue on the gas side, and that people are at least 
starting to think about it a little bit more than 
they were earlier.  
 
Question 2: I’ll resist the urge to get into the 
demand response compensation issue, too. I 
wanted to provide a little bit of a generator 
perspective coming back on this panel, since we 
are talking about electric and gas coordination. 
That certainly impacts the generation sector the 
most on the electric side. And I think primarily 
as we address gas electric coordination, we look 
at it as an electric reliability question, and we try 

to identify the operational needs and necessities 
to make sure that the system fully operates.  
 
I’ve been heartened that at least in New 
England, we’ve been hearing some of the right 
things out of the ISO about needing to address 
this on a fuel and technology neutral basis. If, on 
the other hand, however, this is a question of 
economics on the gas side, I have other 
concerns. If there is the potential for continued 
or increased flows from either the Maritimes, 
LNG, or other sources, are we now getting into 
areas outside of market infrastructure 
development that, from my electricity brain, 
now start raising questions around the minimum 
offer price rule that we’ve been having so many 
fights about over the last several months.  
 
But if we take this as purely an electric 
reliability question, I think we need to focus on 
ensuring that the product definition is done as 
accurately as possible. And part of that is 
certainly ensuring that the performance metrics 
and performance requirements are articulated 
and delineated in such a manner that, if met, 
they will then meet the operational needs of the 
system overall.  
 
Part of what makes me nervous about that is if 
we only talk about that in terms of a downside 
risk. I think to ensure that you’ve got both the 
accurate performance, as well as a cost effective 
performance to meet those needs, there needs to 
be both an upside and a downside there. And if 
we only talk about that downside, I think we run 
the risk of making this a fairly expensive 
proposition for folks and moving to a much 
more planned system overall. Similarly, getting 
that price formation right also requires the dual 
capability of having the correct market design, 
as well as a reasonable and I think accurate 
mitigation mechanism that comes into place. 
And getting those two right, I think, is 
important. We talk a lot about the market design. 
I think a little bit more attention needs to also 
come in on how are some of those bids 
mitigated? What are some of the costs that can 



 
 

49 
 

be baked into there? What are some that aren’t? 
And how do we address those overall?  
 
And then finally, I want to talk a little bit about 
how some of this infrastructure actually could 
get built and financed. I feel like I’ve heard 
Speaker 1’s presentation enough times to give it, 
but it’s helpful that some of this coordination 
and communication has begun now in a way that 
I don’t think it really has to date. And part of 
that is certainly, given the FERC technical 
conferences and the docket that started up from 
that, I think here in New England we’ve started 
having a process in which we’ve got a cross 
industry communication occurring, with the gas 
and electric industry bringing in the ISO, 
bringing in the states and end users. I’m hopeful 
and optimistic that that will increase our ability 
to address some of the coordination and 
communication issues, and then let us get into 
some of the recommended solutions, if there is 
some fundamental problem there.  
 
But if there is a need for new pipe, how do we 
get that financed? Are there mechanisms beyond 
just some of these outright firm transmission 
contracts that become a little bit more difficult, 
or do we start aligning the time horizons on the 
gas end, versus the time horizons on the electric 
market end? Are there other ways to get some of 
the producers who don’t have access into the 
New England markets, seeing that basis 
differential, and being willing to push pipe on 
with a combination of the LDCs, with the 
growth in home heating that we’re certainly 
seeing on the natural gas side in New England, 
and then some of the gas marketers who see a 
profit opportunity, to be able to resell some of 
the capacity. I’d be interested in reactions for 
folks. I know there a few different concepts in 
there. 
 
Speaker 3: Since no one else seems to be 
jumping at it, let me address the last question 
very quickly. How does the infrastructure get 
built and financed? I think you’ve already 
answered the question. It’s producers. I mean, 

historically it’s been a demand-pull type system 
where we have LDC heating load that needs to 
get gas. They go out. They pay for pipeline 
capacity in open seasons. They get the firm 
transportation. And we go forward. But what 
we’ve seen happening over the last four or five 
years, starting with Rockies Express Pipeline 
that Kinder Morgan built, was exactly the 
problem looking at the negative basis in the 
Rockies trying to export that gas out into the 
East with that pipeline ending in Eastern Ohio. 
We’re starting to see that also with Tennessee in 
the Marcellus shale region, with all the 
bottlenecks there. So there’s a lot of 
infrastructure plans going in, and it’s all being 
driven by producers to get their product out to 
market. Now, the question becomes, once that’s 
done, who’s actually going to sell both the 
combined transportation and gas? Probably 
marketers, as you suggest. But the market is 
clearly working right now. I don’t see any 
reason to force the situation where we have to 
mandate building gas pipeline capacity. That 
seems to be the antithesis of the market-based 
mechanism that’s been set up under 636. 
 
Speaker 1: In terms of who will sign up, I think 
certainly the producers will. If they need 
pipeline capacity to get gas to a market, they’ll 
sign up for it. So it would be nice to think that 
you could expect that the supply push will make 
sure it gets into New England. It may not. The 
market pull from the LDCs may pull some 
additional capacity in. The LDC markets are 
growing. There are market expansion projects 
out there right now by both Algonquin and 
Tennessee. The Algonquin is in an open season 
asking for people to make commitments. And 
that will be closing around November. So we’ll 
see who signs up for it. Anecdotally, I think gas 
fired electric generators would have a hard time 
currently signing up for it, because they don’t 
see the cost recovery mechanism. But we’ll see. 
In terms of timing to the market, if we go with 
this, we’re looking at 2016 at the earliest as an in 
service day. So when we talk about changing the 
electric price signals to get the right signals for 
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pipeline infrastructure, you can add essentially 
three years on to whatever date you get those 
rules the way you think they should be, and then 
the market will respond and build pipeline 
capacity three years from now. 
 
Speaker 2: I’m optimistic that we can get the 
market design right, and as we do that, I think 
we’ll work through and make sure that the 
market mitigation that accompanies it will make 
that work, not impede its working, and I think 
the forward nature of the capacity market 
actually is helpful in terms of signing up for an 
open season and waiting for it. That timing 
would work well. They’re both forward 
commitments that could be made. So as we 
move forward on this, I think there are some 
solutions out there.  
 
But I think the interesting question is the one we 
were talking about. The LDCs only need the full 
amount of the pipeline during very few hours of 
the year. It’s a hard justification for a generator 
to sign up for something that’s going to cost 
them 365 days a year. So to what extent are 
generators better off just buying dual fuel, 
signing up for a limited arrangement with 
somebody like Repsol putting LNG in the tank 
for a limited number of hours? I don’t know, 
those are decisions that I think the generators 
have to make. And who knows? There was a 
press release that Repsol has to sell their facility. 
Foreign buyers were talking about buying it, 
building a pipeline, liquefying the gas and 
sending it overseas. Now, say a project like that 
goes in. Does that create extra surplus that could 
also be used to support generator operations on 
many days? I don’t know. It’s complicated.  
 
Speaker 4: I was actually struck as you were 
talking by the fact that what you were framing 
up was, as the generator perspective, actually 
pretty consistent with what people were saying 
in terms of how there needs to be an obligation, 
and hopefully they’ll be in capacity markets and 
recovered and provide an opportunity to recover, 
if there were incremental costs to recover them. 

And the question then becomes, what resources 
make sense? I mean, there’s been discussion 
about pipeline, but less discussion about 
whether, if I’m a generator, buying firm capacity 
365 days a year to be reliable for ten days is 
really sensible. Or is dual fuel a better option? 
What about the existing LNG resources in the 
region? 
 
But whether or not storage becomes a less cost 
effective option than firm capacity, particularly 
as demand goes up for capacity, the question 
becomes, is there also an advantage for a 
generator signing for firm transportation in 
terms of earning some kind of lower cost gas 
relative to the basis differentials? And from a 
market perspective, is that ever going to come to 
happen? That’s one question.  
 
The other issue I wanted to get at was that the 
other thing that needs to happen in order for this 
to work is that there needs to be a willingness on 
the part of the RTOs and ISOs to actually 
impose and enforce penalties in a really 
consistent and transparent way. And I’m not 
aware of there being a lot of RTOs where there 
is an obligation and a penalty structure where 
there’s been a real need to enforce it consistently 
in order for it to work. Because if there’s not a 
viable penalty there, the incentive for the 
generators to take action won’t be there. And so 
I think that’s a little bit of an open question. 
 
Question 3: What I found striking is the lack of 
very obvious data in the discussion. Last time 
we looked, almost all the new gas generation 
built in the last five years and projected to be 
built or planned in New England and eastern 
PJM was built with dual fuel capability. About 
50% of all the New England gas generation fleet 
has dual fuel capability. About 90% of the New 
York gas fleet has dual fuel capabilities, 50% for 
MISO, and we’ve done some work for 
Connecticut. If you add up all the non-gas 
generation, some of the demand response, and 
all the gas that either has a firm pipeline 
contract, has LNG backup, or has dual fuel 
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capability, there would be enough capacity to 
meet the 90/10 peak load for the next ten years 
or so. Even if none of the other gas capacity 
would be operational. So my question is, why 
aren’t we talking more about dual fuel, its 
capabilities, and its limitations, and maybe 
Speaker 2 would have something to say about 
that, because I think New York actually has 
some standards for dual capability, and isn’t that 
addressing most of our reliability question? 
 
Speaker 2: I think there’s a significant difference 
between New York and New England in that 
regard. I believe that in New York City, it’s 
required that generators have oil backup by state 
law. So New England doesn’t have one state 
making laws for all of it, for better or worse. So 
we don’t have that requirement. We’ve been 
keeping in pretty close touch with the generators 
about their dual fuel capability, and we’ve seen 
many generators that have it let it lapse--they 
either haven’t renewed permits, they don’t keep 
the fuel on site, they haven’t kept the equipment 
up. So the capability is there, and I think what 
we need to do is put in the market signals so that 
people have an incentive to keep it up.  
 
Speaker 3: I think Speaker 2 has just hit on a 
really important point here, and that is that the 
Title V air permit issue is a big one, because for 
a lot of generators, especially new generators 
coming on line, getting that Title V air permit 
from their state DEP is much more difficult if 
they try to ask for dual fuel capability. And then 
the question is, how many hours they want to 
run. Do they want to actually take a heat rate hit 
if they’re actually running on that dual fuel, 
fouling some of their equipment up? Whereas 
with gas, they don’t have to worry about a lot of 
those other issues. But to the extent of having 
market signals, we already have that in PJM. 
The cost of new entry already takes into account 
(but for one part of the footprint, and that’s out 
near Chicago) dual fuel capability. So that’s 
already being factored into the parameters that 
go into defining the demand for capacity in 

RPM, which is a little bit different than FCM. 
But that’s already being accounted for. 
 
Speaker 4: One other thing I wanted to add is, in 
addition to a lot of units that have dual fuel 
capability, at least in New England’s fleet, and I 
don’t know about the rest of the country, there 
are a large number of units that had dual fuel 
capability, and just because of the economics of 
gas to oil, have either let it lapse, and it is not 
now operational, their permits aren’t up to date, 
but they could be brought up to date fairly 
quickly. Or they were implemented, or they 
were installed, but simply never really run. And 
so there’s a potential resource out there that’s 
fairly low cost that could be potentially firmed 
up. But they’re not going to do it if there’s not 
some sort of perceived risk or cost to them, 
because from their perspective, this may only be 
a couple of million dollars, but that’s right out of 
the margin. And so they’re not going to do it 
unless they have a reason.  
 
Follow-up: So does that mean we may not have 
reliability problems? Or it might be a problem 
that’s very inexpensive because of all the latent 
dual fuel capability? And why aren’t we looking 
a lot harder at that, because the reports I have 
seen barely mention it? 
 
Speaker 2: I think what I’ve been trying to say 
consistently is, we’re trying to come up with 
requirements that will allow us to operate 
reliably and allow the market to price them. And 
if I knew what the cost of the solution would be, 
I would be on the other side of the table 
investing and making money off of it. So I think 
our goal is to really get that stuff out there and 
price it and see what happens. I think if we don’t 
do that, then we’ll have a problem. But I think 
our goal is to get it out there. It could be a cheap 
solution. Or it could be an expensive solution. I 
don’t know. 
 
Speaker 1: Just one comment from a pipeline 
standpoint. The reason we talk about pipelines is 
because that’s all we can do to help. And if you 
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have an electric reliability problem, that’s a 
choice that you need to make as to whether you 
want to solve that problem through pipeline 
capacity, through dual fuel capability, through 
some other way. All we can share is the data that 
if you’re looking to use more and more gas, 
right now you’re becoming facility constrained. 
The amount of gas that you can burn for 
generation is going to be constrained by the 
infrastructure. So if you want to burn more, and 
that’s a choice, we’re going to have to build. 
And from an electric perspective, it’s a choice 
you need to make.  
 
Follow-up: But isn’t that also true for the LDCs? 
Because their peak loads, in New England at 
least, are supplied by LNG, not firm pipeline 
capacity. So it’s probably not cost effective to 
build pipeline capacity for the New England 
peak, is it? 
 
Speaker 1: Well, LNG at the LDC level comes 
in many different forms. A lot of it is LNG of 
domestic gas that has been liquefied for storage 
purposes, not necessarily imports. There are two 
major importers into New England. One is the 
Repsol, coming out of Canada. And the other 
one is the Distrigas facility. And they play a 
significant role in meeting the east end on 
Algonquin. So they play a critical role. But a lot 
of the LDC-specific LNG is not necessarily 
imported LNG. So it comes from the West. It 
has to get there and be liquefied.  
 
Speaker 4: I’ll just add one quick thing, that a lot 
of the LNG on the LDC system is pretty slow 
moving. It’s very slow to recharge. And so that’s 
not a real flexible resource in terms of what the 
power system is going to rely on. 
 
Question 4: We’ve heard a lot about the electric 
reliability issue associated with the increased 
dependence on natural gas fired generation, and 
Speaker 2 has mentioned a number of things that 
the ISO is doing to get out ahead of that-- 
communication, and operational and 
performance incentives. But I understand that 

the problem is not just on the electric side. I 
mean, there are also gas reliability issues that are 
created by this. This is what we’ve heard from 
pipelines, in terms of the variable pressures 
created from gas generators not having 
nominated gas and needing to use gas to operate, 
and that creates a variable pressure. So I’d like 
to hear a little bit more about the gas reliability 
problems associated with this and also about 
what actions the gas pipelines are talking. 
 
I mean, we obviously have a lot of things going 
on on the electric side, and it takes two to tango. 
So I’m just curious, is the gas pipeline, for 
example, considering a 24x7 work week? Are 
they considering maybe some pricing innovation 
that assumes that the users don’t take gas on a 
one by 24 basis, this constant stream of gas? 
Because there’s been a fundamental change in 
the users of the pipeline. And so I’m wondering 
to what extent we’re seeing the pipelines 
adjusting their practices and pricing practices to 
adjust to the new reality as well. 
 
Moderator: As a prelude to how Speaker 1 
answers that, most of the people that I know in 
this room are primarily electric people, although 
a few gas people. And a great analogy earlier 
was that what the wind industry is asking us to 
do on the electric side, dealing with wind as an 
intermittent resource that comes on and goes off, 
that’s what the electric side is basically doing to 
the pipelines, becoming an intermittent resource 
that pulls off a massive amount of gas that the 
system really wasn’t designed for initially. So 
now, your reaction. 
 
Speaker 1: Well, there was a lot in that question. 
First, the pipelines operate 24 hours, seven days 
a week. I think the comments about the market 
were really alluding to the merchants, the 
suppliers of gas. They operate during business 
hours. It’s hard to find one, apparently, on the 
weekends. When it comes to the pipelines 
themselves, we have people there. They’ll take 
your call any time you want to talk to them and 
try to schedule gas if you’ve got it coming in.  
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In terms of the interdependency, that can vary 
from pipeline to pipeline. Algonquin, if it had to, 
it could run on its own without any electric 
power from outside. We have emergency 
generators running off the gas that we’re moving 
that could supply all the electricity that we need. 
And our compressors are gas fired. Other 
pipelines have electric driven compressors. 
Texas Eastern, which serves the Pennsylvania 
PJM, has some. And there, in order to make sure 
we’re reliable, we’ve signed up for firm electric 
service. Back in ’93 when it got cold, we had 
electricity turned off, and we asked our people 
why. And they said, “Well, it was too expensive 
to buy firm, so we bought interruptible.” And we 
switched over to firm the next day, and have 
been on firm ever since them. So that’s an issue.  
 
There is a lot of concern in the gas community 
that power generators will come on quickly and 
pull down line pack, causing pressure drops, 
which will impact customers. And I have to say 
that different pipelines operate differently. We 
try to operate in a manner where that doesn’t 
happen. We will, on Algonquin, tell a power 
generator that we’re going to shut them in. He’s 
not bringing his gas on. You’re causing 
problems. We’ll shut you in. That’s something 
you hesitate to do, because you never know what 
the ripple effect is on the electric side. But the 
concern is, at least for power generation, I mean, 
they’re like a small city in terms of gas loads. 
When they come on, it’s just like a small city. 
So all of a sudden you’ve got a new town you’re 
serving. The town downstream that you have 
historically served is now worried that its gas is 
being diverted. And that means that the 
operators have to be very attentive to what is 
coming in and going out.  
 
In terms of pricing, there are pipelines that are 
pricing hourly services and pricing that as a 
separate product. Spectra Energy doesn’t price it 
separately. It’s always been a flexibility option 
that our LDCs use, our generators use. We 
couldn’t see a reason to differentiate between 

electric generation and our LDCs, as I’ve shown 
in our charts. We see them as basically the same 
hourly flexibility issue. So we just assume that’s 
all included. That’s an integral part of the market 
that we serve. We have firm swing services that 
we’ll commit to. It’s a contractual infrastructure 
issue, and I think that’s probably true across all 
the pipelines. The pipelines can be built to serve 
whatever the need is, if someone’s willing to pay 
the cost. So it’s not an inability of the gas 
industry to be there for electric generators. It’s a 
question of infrastructure.  
 
Question 5: To the moderator, you alluded to the 
electricity system being between the gas and the 
wind. And some of the discussion today has 
been about moving electricity markets earlier 
into the day to help with coordination with gas. 
But my observation would be that that will 
potentially worsen the ability to forecast the 
wind. So since the gas is perhaps the principal 
means by which we’re going to balance the wind 
variation, I’d like to ask the panel, what are the 
tradeoffs between coordinating with the forecast 
of wind, maybe getting somehow a better ability 
to coordinate with gas, but having worse 
information about how much gas you’re actually 
wanting? 
 
Moderator: I’ll jump into that. Your point was 
one I said earlier, that the earlier you move it up, 
the less information you have. I think the guys 
who operate the market will tell you more about 
this, but the concern, I think, is less about wind 
than it is about temperature and what you know 
about load the next day in terms of demand. But 
I suppose they’re both an element. So I’ll open it 
up to the panel. 
 
Speaker 2: Actually, the time changes we’re 
talking about won’t really increase our load 
forecast error much at all. We looked into that. 
That’s not really an issue. And in New England, 
the wind generation is a much, much smaller 
portion of the generation than the natural gas. So 
dealing with the natural gas is a much higher 
priority. 
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Speaker 3: I would say the same thing is true in 
PJM. The only thing that would make the wind 
forecast applicable to the day-ahead market 
worse is the fact that we’ve moved it out from 
the actual operating day a little bit further. But 
really, again, wind in PJM as a percentage of 
total energy and output is really small, and those 
are fluctuations that could be relatively easily 
absorbed. It’s very different in Texas, I 
understand, so I understand the concern that 
you’re voicing. But again, I think this is a region 
by region issue more than anything else.  
 
Question 6: I wanted to follow up what we’ve 
been discussing here a little bit more explicitly. 
Is the problem that we can coordinate a little bit 
better and make some minor changes here in the 
scheduling to make the electricity and gas work 
better together, which is sort of what I hear from 
Speaker 2 and some of the others? Or is the 
problem that we have a real market failure in 
that we’re not able to build enough gas into New 
England, and we need to do something different 
about how we build the gas pipeline 
infrastructure?  
 
I heard loud and clear from Speaker 3 that the 
market is working. And in fact, Speaker 1, you 
alluded to the fact that you have a project that’s 
in open season--but not so fast. We’ll see if 
people sign up for it or not. It is a significant 
expansion. I think Tennessee also has an 
expansion. And the moderator seems to be 
alluding to the fact that maybe there is a real 
problem here with how we pay for pipeline 
expansion. So I’m wondering if you guys could 
more explicitly address the question of whether 
you feel there’s market failure here such that we 
need to change how pipelines get built because 
of electricity demand. 
 
Speaker 1: Well, I think that the natural gas 
marketing side works very well from a 
permitting and construction standpoint. We have 
a fairly predictable permitting processing 
timeline construction. Most pipelines can give 

you a quote of, “You want capacity, sign a 
commitment today, and I’ll have it for you X 
day.” So from that standpoint, it works very 
well.  
 
The pipeline marketing framework, though, is 
customer choice driven. We can see in our mind 
a need for pipeline infrastructure. But if the 
market doesn’t value it, doesn’t see it, or doesn’t 
want to pay the price, then we won’t have a 
project. And it’s that simple. So the question, to 
me, is not so much whether the natural gas 
market is not working, because I think it is. The 
question is, are the players that need pipeline 
capacity getting the right signals that they should 
go get pipeline capacity? So, to me, that comes 
back in this context to the electric market. If 
there was an LDC, the question would be, what 
are the policies at the state level that are driving 
the LDC to make those decisions?  
 
So the interstate pipeline market is building a lot 
of pipeline capacity. We’re building it for 
producers. We’re building it for power 
generators in some parts of the country. Not all 
regions are having the same problem in terms of 
building new capacity for generation. And the 
key variable, I would say, is how those plants 
look at cost recovery. How do they recover their 
costs? And the more assurance they have they 
can recover their costs, the more likely they are 
to sign up for firm capacity. 
 
Speaker 3: I think the questioner is exactly right. 
And my take on it is, the markets are working, at 
least the market designed in PJM, the way it’s 
set up. If generators want to buy interruptible 
transportation or buy very short term released 
capacity, they can reflect that in their energy 
offers and their cost based energy offers. Of 
course, they could reflect anything like that in 
their market based energy offers in PJM. In 
terms of buying long term firm transportation, 
there’s nothing in the RPM market rules that 
precludes a generation owner from placing the 
cost of firm transportation in its avoidable cost 
rate and its cost based offer into RPM. There 
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may be some out there who disagree with that 
assertion. But you know, our tariff does not 
preclude it, and it would fall into one of those 
categories of being a cost that you would avoid 
but for going forward.  
 
Speaker 4: I guess I’d agree largely with what 
Speaker 3 was saying. In terms of a reliability 
standpoint, I don’t see a clear market failure here 
unless there is not a good obligation to deliver 
on your offer. I think at the moment in markets 
like PJM, if that obligation is not fully there, 
there’s sufficient resources to provide backup 
fuel such that empirically it’s not becoming a 
real material risk. And so I think that’s one 
question, whether or not as a system, you’ve 
gotten to the point where the reliability risk is 
really there. New England seems to be at or on 
the verge, where they’re kind of wondering, 
“Oh, well, actually we’re at the point where if 
that obligation isn’t in place, we’re going to start 
to see a lack of response when we need it, and 
we’re going to be short.”  
 
The other question I’ve kind of alluded to is, if 
dual fuel is the cheapest way of meeting that 
kind of peak reliability load, which is really 
what it is, basically saying, we have this system, 
and we’re going to meet it with gas as kind of a 
base load, but at peak loads we’re going to end 
up meeting it with dual fuel. At some point you 
wonder, well, in terms of system production 
costs, are we better off building more pipe? And 
at that point, the question becomes, well, is the 
way pipeline tariffs are set up, is the way that 
generators are able to recover the cost of a firm 
contract, versus the carrying costs of oil in the 
tanks and building dual fuels, is that going to be 
enough to actually incentivize the new pipe? 
And I think in principle, the markets could work 
at that. I mean, if you got to the point where 
really you were running oil a lot, because its 
basis essentials on gas were so high, in principle 
at some point it becomes cost effective to sign 
that firm contract, and you’ll be earning a 
margin on the difference between what your 
tariff rate is and what that basis differential is. 

And at some point, that firm contract becomes 
worth it. And so by signing that contract and 
adding that capacity, do you undermine that 
basis differential and kind of erode away the 
investment that you’re making? That’s the only 
market failure I potentially see there. But that’s 
another issue to kind of think about.  
 
Question 7: I’m scratching my head over here. 
FERC has had jurisdiction over gas pipelines for 
longer than they’ve had interest in electric 
transmission. Gas markets have been around a 
lot longer than electric markets. Gas storage, gas 
pricing capabilities and gas load controls, in my 
view, may actually make market manipulation a 
lot more prevalent or a lot easier, and certainly 
in the 888 days, when FERC decided to separate 
generation and transmission in the electric 
industry, I guess I don’t see a distinction with 
gas, because with our last gas boom, we had gas 
interests investing in electric gas generation.  
 
So I scratched my head back when Order 888 
came out, and Speaker 3 had his likenesses and 
differences charts up. So I’m scratching my head 
again. How the hell did the gas industry get so 
lucky as to not have to turn over the operation of 
their assets to someone else? And given 
transparency issues in gas, given the 
coordination of outage issues, would that be 
something worth considering in the gas 
industry?  
 
Speaker 1: I think we went through our own 
888. We went through it before, which was 636. 
Prior to 636, we had a bundled merchant 
function. The pipelines bought gas, transported 
it in their own pipeline, and then resold it. And 
we sold it only at certain points if you had 
contracts. It was a very structured market. With 
636, we gave up the merchant business. That 
was transferred over. Most pipelines are not 
even in the merchant business anymore. Spectra 
is not. It merely transports gas for third parties. 
And as such, we respond to the market in terms 
of, we take it where they want and how they 
want it delivered. We don’t worry about the 
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price of the gas. We don’t worry about basis 
differential. We just move it.  
 
In terms of why an RTO or an ISO is not a good 
alternative, it has to do with the fact that we’re 
not regional entities. Texas Eastern is a pipeline 
that runs from the Mexican border to New York 
City, and technically, with Algonquin, extends 
into Boston. It competes with another entity that 
runs from Texas to New York, which is Transco. 
It also competes with a different pipeline, 
Tennessee that runs into the New England area. 
What you would do is, you would be giving up 
the competition between pipelines that currently 
exists, and I think you’d be getting into Order 
1000 type issues--OK, who are the rate payers 
that are going to pay for these pipelines? 
Because right now the pipelines are very focused 
on finding customers to fill up their pipeline to 
move the gas. So there is a choice there, again. 
It’s all about choices. You could do it 
differently, but I think you’d lose a lot if you did 
it.  
 
There are those differences between the market 
structures. We do not have a reliability 
forecasting obligation on the pipeline side. That 
is something that our customers do. They tell us 
what they want us to build, and we build it. So 
there are differences, and there are pros and 
cons. I think the cons outweigh the pros in terms 
of an ISO. But in reality, from the gas market 
standpoint, the pipeline is independent of the 
merchant. We do not have a vested interest in 
gas prices. We just move it.  
 
Speaker 2: Just a follow up on that. Do you 
think that the throughput on the pipelines could 
be increased if the pipelines coordinated 
operations? 
 
Speaker 1: Not this winter, not on Algonquin. I 
mean, we were full. Tennessee, for that matter, 
was full. You’re in a market area that wants to 
burn a lot of gas, and all the cheap gas is to the 
west. And we’re pulling as much gas from the 
west as we can, both pipelines. You know, the 

pipelines, again, look to the market to identify 
those coordination-type opportunities. If a 
shipper wants to take gas up Texas Eastern, drop 
it off at Tennessee, move it around…I mean, gas 
moves that way. People deliver to other 
pipelines to move it on and on. It would be a 
mistake to think that all the gas is just shipped 
on one pipeline to the market. It changes hands. 
It goes through different pipelines to get there. 
And there are very sophisticated market players 
out there that will find the cheapest path to bring 
you the gas, if there’s capacity.  
 
Speaker 3: Let me just follow up real quickly on 
that. I think Speaker 1 brought up two really 
important points here. One is the issue about 
competition between pipelines. I can tell you 
that during our annual meeting, there was one 
representative of one pipeline who opined that 
while it is possible to interrupt generators that 
are IT customers, reality says, if we start doing 
that too often, I’m going to lose that generator to 
another pipeline. So I’m going to lose 
customers. And so heretofore, they’ve been 
loath to do that. So here’s where competition is 
actually helping out. Competition within the gas 
pipeline industry is helping out gas generation, 
because they can take that interruptible service, 
and because of that competition, they don’t want 
to necessarily cut them, unless they absolutely, 
positively have to for reliability reasons.  
 
But I think the other thing that Speaker 1 just 
mentioned here, which is very interesting, is that 
there are marketers out there that are taking that 
market function, but it’s not transparent like it is 
in an RTO, where you see transparent prices and 
transparent actions being taken in the 
marketplace. This is sort of behind the scenes. 
And maybe there needs to be some way to make 
this market activity much more transparent 
across the pipelines in some way. Because they 
do carry out a very important function, and I 
think a valuable function, as Speaker 1 has 
pointed out. 
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Question 8: We’ve had a good discussion that I 
think has come a long way towards identifying 
some elements of the solution, but not quite all 
the way there. So let me explain what I mean.  
 
We’ve noticed that there are situations where 
generators are not delivering, because they don’t 
have gas, and that may be causing us reliability 
problems. We know there are solutions to this. 
We’ve talked about several: storage, firm 
contracts, greater pipeline capacity, dual fuel. 
These solutions exist. They’re not necessarily all 
that costly. But they’re too costly for the 
generators to actually engage in what’s 
necessary for the RTO to get what it wants, 
when it wants it. We’ve identified that there may 
be penalties associated with non-performance. 
Maybe they’re adequate. Maybe they’re not. We 
don’t have a problem in PJM, where there’s a 
reliability concern that we need to do anything 
to change.  
 
I guess the question remains, then, do we have a 
problem in a place like New England, and is it 
because there isn’t an adequate incentive for the 
generators to engage in any of the solutions that 
we’ve found? And it seems like there’s a couple 
of possibilities. One possible answer is that no, 
it’s not really worth it. The reliability problem 
that we’re talking about isn’t sufficiently severe 
that it’s worth the investment in the generators 
to deal with it. Another possible answer is that 
we don’t have an adequate price signal to get the 
generators to do it, or maybe we don’t have an 
adequate penalty structure for non-performance.  
 
And there I think the real challenge that we 
haven’t talked about at all is that generators 
don’t perform for multiple reasons. One may be 
not having enough access to gas, because they 
weren’t willing to pay for it. Others may be 
forced outages that they have much less control 
over in terms of the ability to spend a little 
money to change. So the question then becomes, 
how do we put in place an incentive or penalty 
structure that isn’t so onerous that it adds 
excessive cost to the market, but if it is 

necessary to get generators to go out and acquire 
a firm gas supply by some means or other, that 
we get there? And that may be the crux of what 
we need to do to solve the problem. I haven’t 
heard anything about it. Does anybody have any 
thoughts? 
 
Speaker 2: Well, that’s actually what I was 
describing when I said that we were going to 
work on the performance incentives in the 
capacity market in New England. So we’ll be 
actually working through the details on that over 
the next several months. So there’ll be some 
fairly detailed proposals on the table that will 
address that. And I think the goal of it is to allow 
the generators to price that risk into their 
capacity market offers so that we’ll get what we 
need, and the generators will get the money to 
be able to make the investments. But they’ll only 
be able to keep that money if they in fact 
perform. Personally, I don’t believe that there’s 
a need to take into account the reason for non-
performance. If a generator isn’t performing, it 
isn’t performing. And it should be penalized 
regardless of the reason that it doesn’t perform. 
Otherwise I think you’re in a bit of a mess.  
 
Speaker 4: To follow on that, I just have two 
points. One is, something I said gave Speaker 2 
the impression that I thought a good approach to 
this was to kind of ask the generator, “Were you 
out because it was a force outage, or because 
you couldn’t get fuel supply?” And I agree with 
Speaker 2 that that’s probably not the right way 
to go. What’s important in what Speaker 2 said 
is that when the outage happens, the question is, 
what is the cost to load? That’s one way to look 
at it. And that’s probably in terms of the value of 
expected loss of load. And that’s going to vary 
depending upon what time of year it is, but it’s 
also going to depend on the nature of the outage. 
And so if this is just a forced outage, chances are 
it’s only happening to you, and there’s a very 
minimal risk. On the other hand, if it’s because 
of the gas contingency, or because of tight 
supplies that are leading to many generators 
finding it difficult to find supply, then that’s 
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going to be something that’s going to be 
correlated amongst all of those, and it’s going to 
be a larger effect to load. And so you need some 
metric that identifies when there’s a significant 
value of the expected loss of load. And then 
scale the penalties accordingly. And on some 
level, this needs to just be done in a crude 
enough fashion that we’re sending a strong 
signal to take meaningful action.  
 
And so I realize that looking at the value of the 
expected loss of load can open up a whole can of 
worms, but at the end of the day, there needs to 
be a signal that when there’s an outage, when 
you don’t deliver in times when it’s meaningful 
and needed, there’s going to be a penalty, and 
that should cause you to try and avoid that 
penalty and take meaningful action. 
 
Question 9: We heard from Speaker 1 that 
pipeline utilization has been increasing 
dramatically over the last two years. And we 
know also that production in the Marcellus is up 
60% year to date. The Marcellus was producing 
nine BCF a day, more than twice the Gulf of 
Mexico. So the issues that we’re discussing are 
being lent an element of immediacy by way of 
that dramatic, unprecedented ramping up of 
production that I can’t say that I’ve ever seen in 
my career following the natural gas and the 
power markets.  
 
So, when the pipelines are full, and it’s cold in 
the winter, the pipelines are serving more than 
electricity generation. The pipelines are serving 
space heating demand. And we know in the past 
there have been some fairly visible collisions 
between those two sources of demand. And 
you’re dealing with different regulatory 
frameworks and a mix of public sector and 
private sector interests that affect the balancing 
of those two interests. And as we see generation 
increase on the natural gas side in markets like 
ISO New England, the issue of how you allocate 
the scarce good with limited pipeline capacity 
and limited LNG by way of the current price 
differential against Europe, it does bring into 

focus those issues of how to engage in the 
discussions in a structured way that lead to a 
considered decision-making path when you’re in 
an extreme event. And the question is for the 
ISOs. Has that been approached in terms of 
recognizing that you’re balancing competing 
interests? 
 
Speaker 3: I think all the RTOs understand that 
we’re competing, especially during the winter 
peak, with heating load. And that’s really what 
we’re talking about here, is winter heating load. 
We’re not talking about summer peaks. I don’t 
think anybody sees that as the big issue. It’s 
really about the winter time. Take the slide that I 
showed in my presentation looking at historical 
winter installed reserve margins, and the fact 
that even if we drop off to a 30% installed 
reserve margin in the winter, we could have over 
20,000 megawatts out and still meet our 15.4% 
installed reserve margin that we target in our 
reliability studies. It says a lot, that there is the 
ability for the system, at least in a larger sense, 
to be resilient to those types of interruptions.  
 
But I think we have to be careful here, and if I’m 
giving the impression that we think there’s 
absolutely no reliability problem in PJM, I want 
to make sure that we’re cautious about that. One 
that that we haven’t really tried to get into as yet, 
because we’re just starting to look at the 
problem, are the locational issues. Because we 
have so much of the load in the eastern part of 
the system, and the eastern part of the system is 
where we have pipelines that are often very 
constrained in the winter time. But we also know 
we have considerable dual fuel capability in 
those regions as well. Now, whether the new 
capacity has that dual fuel capability is an open 
question. But I just think that we need to be 
careful with that.  
 
But in terms of demand response, which is 
where I think you’re going with this, I think it’s 
something that we need to investigate more, and 
I know LDCs have their own interruptible and 
demand response-type programs. And the 
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question that I’ve had for them, and 
unfortunately the answer is not what I wanted to 
hear, was that it doesn’t translate to the interstate 
pipeline. How do we get that at the retail level, 
where we have demand response and 
interruptible customers at the LDC level, 
translate that into some sort of price that could 
then be translated up to the interstate pipeline? 
So that we would see in closer to real time 
operations somebody who says, “I’m willing on 
that cold day to be a little bit colder than I 
normally would be, to release that bundled 
capacity in gas to the market and have a gas 
generator buy that.” And then we could 
somehow reflect that in the energy marketplace. 
 
Speaker 4: Well, there is no smart grid for the 
natural gas interstate pipeline network. But there 
is such a tight relationship that it does argue for 
building as much intelligence into the integrated 
grid as possible.  
 
Speaker 2: I just have a simple answer, which is 
that what we’re trying to do at the RTOs is to get 
the prices right and let the prices allocate the 
resource. I don’t know that we really want to get 
in the middle of any of those decisions. All we 

can do is get the prices right and assume that the 
actors will be able to allocate the resource 
properly. 
 
Speaker 4: And just one point that people in this 
venue may not be aware of, that the cost to the 
pipeline system in the local distribution 
companies, of losing their load in effect is 
incredibly costly, because in effect it requires to 
go door to door to relight pilot lights at every 
single household, which is what happened in the 
Southwest. So having worked with a couple of 
state regulators, they’ve told me that the LDCs 
are the first priority, from a policy standpoint, in 
terms of maintaining that load, above and 
beyond what electricity producers will ever be. 
 
Moderator: Well, I think in the last year we’ve 
seen increased urgency from every region, some 
more than others, but every region has 
contended that this is suddenly an issue that they 
have to grapple with, in some cases quite 
urgently. But I think the reality is, this is an 
issue that’s going to be relatively challenging to 
deal with, but as long as we get started now, we 
can hopefully avoid some crises in the future.  
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Session Three. 
Distributed Generation: Mandates and Markets 
 
The policies on distributed generation are in a process of evolution across the states. The process has 
reinforced old controversies and raised new ones that are driving the debate. The technologies differ and 
this can lead to discrimination between forms of distributed generation (e.g. preferences for renewables). 
Compensation issues such as net metering vs. energy only pricing, avoided cost calculations, and energy 
cost calculations continue to complicate the interaction between mandates and markets. Feed-in tariffs 
are effective at underwriting the economics but create unintended consequences through interaction with 
the larger market. New products may imply new values (e.g. flexibility) that are hard to quantify and can 
only be imputed from other system requirements. Overlapping (e.g., portfolio standards and cap-and-
trade policies) can sometimes reinforce and sometimes inhibit deployment of technologies. How have the 
policies for distributed generation, providing mandates and markets, developed in the electricity sector 
and what lessons have been learned? 

Speaker 1. 
Good morning, everybody. I’m going to start by 
giving you a little bit about what’s new and 
newsworthy in New England in terms of DG. 
And then I will start with a few observations and 
end with a few questions that will hopefully help 
with the discussion in the afternoon, after the 
break.  
 
What I’d like to do is talk about Massachusetts’ 
SREC market, net metering, the Interconnection 
Working Group Report, and then something that 
Massachusetts is just about to start on, a grid 
modernization working group process. And then 
I want to talk about something exciting going on 
in Connecticut, which is a new LREC/ZREC 
auction that’s just starting.  
 
In terms of a few observations on DG from our 
experience here in New England, one is that DG, 
which we’re really talking about behind the 
meter, DG is currently dominated by solar. 
That’s been pretty new over the last couple of 
years. There’s also been a real flood of 
applications (many of those applications are 
highly speculative) to reserve a place under net 
metering caps, within acceptable saturation on 
feeders, and in Massachusetts to get SRECs. 
And the utilities, as a result, cannot keep pace 
with the amount of applications, and with the 
amount of interconnection requests. I think the 
same thing is going on in California. So we have 
really backed up queues.  
 

The other thing, which is maybe a little more 
subtle, is that in the downtowns of our cities, 
where we’ve spent a lot of time installing area 
networks to increase reliability, it’s not very DG 
friendly. And we can go into that a little bit more 
later, but it’s very hard to install DG in our 
cities, because of the way we’ve been wiring 
them for reliability.  
 
The last thing, which I think is pretty apparent, 
is that siting wind near where people live has 
become extremely contentious. First, really, for 
aesthetic reasons, and now more because of 
noise and health concerns. I think the more 
interesting thing is that we’re even now seeing 
siting for large PV relays sort of losing their sex 
appeal. Witness in Northampton, which is 
probably the most green town in one of the most 
green states. There’s now a huge opposition to a 
PV installation on a capped landfill. So that’s 
just an example.  
 
So what we’re seeing in Massachusetts is huge 
growth in solar installations in Massachusetts. 
But the thing is that the types of solar are really 
changing from the way we envisioned things 
even a decade ago here in Massachusetts, with 
our DG interconnection standards, net metering, 
etc. So you can see the composition has really 
changed, so that now, if you look on the right, 
almost all of the solar that’s going in is above 
one megawatt, whether it’s private or public. So 
instead of nice solar on the roof that exports 
some of the time, we’re putting in solar farms 
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that are exporting all of the time into the 
distribution system.  
 
Another slide shows the applications in 
Massachusetts, and you can just again see that 
it’s dominated by solar, with just some wind and 
some combined heat and power and natural gas. 
But mainly it’s solar. In terms of the queuing 
issue that I mentioned, the being backed up, 
what this slide shows is that we’ve got 621 
megawatts that have applied for interconnection 
as of a few months ago. The number is larger 
now. This was at the beginning of our 
interconnection process. They are awaiting 
interconnection agreements. And for this, the 
utilities are not meeting the timelines they have 
agreed to, nor are the customers meeting their 
timelines on interconnection power.  
 
So let me talk a little bit about the policy 
landscape in Massachusetts that’s helping to 
spur this investment. One is SRECs. We had an 
RPS in Massachusetts, and probably as most 
states have found, solar’s not very competitive, 
or has not been previously, with wind. So states 
like Massachusetts have carved out a piece of 
their renewable portfolio standard in which just 
solar can compete.  
 
One thing you can see is that the SREC 
requirements grow every year. The second thing, 
just to it point out without going over the 
formula for how SRECs are determined, is that 
it’s a dynamic formula. It changes year to year 
based on how things are going in the solar 
market, so it can ramp up or down, depending on 
what’s happening in the market.  
 
So to give you a sense of some of the new things 
in the SREC market in Massachusetts, in 2011, 
just to give you a sense on how quickly the 
market is changing, about 2/3 of the SREC 
obligation were met through the alternative 
compliance payments (ACPs), which means 

they couldn’t find affordable SRECs, and that 
was at the ACP cost of about $550 per megawatt 
hour. Just kind of keep that dollar figure in mind 
as I go through what we’re seeing through some 
of the auctions. There were some changes to the 
SREC market in Massachusetts. They’re 
inserting a ten year forward ACP rate schedule 
that declines every year, and they’re changing 
the formula for the minimum standard, an 
example of the dynamic change in the SRECs 
from year to year. In July, 2013, Massachusetts 
is going to hold their first SREC auction for 
residual SRECs, for those that were created in 
2012 that could be used for compliance in 2013 
and beyond. The way that that auction is set up 
is, it’s a fixed price auction at $300. You just bid 
in how much you want, how many SRECs you 
want. But the price is fixed at $300. And that 
price of $300 won’t change at any point for 
projects qualified under the program for the first 
400 megawatts of solar installed in 
Massachusetts. Most of the SRECs are currently 
procured bilaterally at prices in the $200s for 
very short terms, one year very few year 
contracts, no long term SREC contracts. This is 
just important to keep in mind when I talk about 
what’s happening in Connecticut, which is a 
quite different framework. And DOER, our 
energy office, is exploring and seeking input on 
how to continue to incentivize solar beyond the 
400 megawatt target, but there’s no definitive 
plans right now.  
 
So the other big piece of the framework in 
Massachusetts, which is also probably more 
common across the country, is in net metering. 
And without going through how metering 
works, we’re just going to talk about the 
changes. New laws in Massachusetts increase 
the net metering cap from 1% for private 
projects and 2% for public, to 3% for each 
project category, for a total of 6% of utility load 
that can be net metered at this point. Note that 
the applications that are already in the 
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interconnection queue potentially exceed the 
6%. There are lots of reasons why the 
applications that are in the interconnection 
queue won’t come to fruition. But what’s in 
there is already more than 6%. Just flag that.  
 
The new law also exempts small projects from 
the cap, and it adds anaerobic digestion as now 
an eligible technology. (And just as a little 
Massachusetts aside, there’s also a separate law, 
that would ban food waste from landfills.) So we 
expect to see a lot more anaerobic digestion 
happening in Massachusetts over the next few 
years.  
 
The other thing that’s happening in net metering 
is that the utilities propose hiring a consulting 
group that would be a Net Metering Assurances 
administrator, to actually set up a formal 
queuing process in net metering, and there 
would be a charge for that. The current proposed 
price is $3.15 a kilowatt. Net metering in 
Massachusetts is limited to two megawatts for a 
private facility and ten megawatts for public 
facilities, as long as no single unit is above two 
megawatts.  
 
I think the other notable thing in net metering in 
Massachusetts, which again, I think some states 
have and others don’t, is we have virtual net 
metering, which means that if you’ve got net 
metering credits, you can give them to your 
friends and sell them to colleagues, as long as 
it’s the same distribution utility and the same 
ISO zone.  
 
The other thing just here is that all net metering 
rules are different. Generally when you have net 
metering credits, you avoid the distribution, 
transmission, and transition charges and the 
basic service for energy supply. But you don’t 
avoid the system benefit charges for energy 
efficiency or renewables or the customer charge.  
 

In terms of the interconnection issues, again, the 
other really important ingredient to having DG 
happen is a reasonable and timely 
interconnection process. Ours was really bogged 
down. I mediated this ten years ago. It held 
fairly well for ten years until this really huge 
increase in solar farms, if you will, has really 
bogged down the process. So the DPU 
established a working group, and we met for 
four months over the summer. We just filed, on 
September 14, a consensus package report with 
recommendations. All the recommendations, 
when taking as a package were in agreement, 
except for one part of one recommendation. We 
added something we didn’t have before, which 
was a minimum load requirement that we 
borrowed from California. But the debate was 
whether the minimum load should be based on 
67% or 100%. And that issue is being litigated at 
FERC right now as well, that same debate about 
those numbers. So they weren’t really willing to 
settle it here, because our parties were also 
leading this debate at FERC. So that was the one 
issue that we didn’t settle.  
 
In terms of what we did to change 
interconnection standards, we’re allowing more 
projects go through the quicker simplified and 
expedited process. We added more time to give 
the utilities more time, actually, for the more 
complex big solar farms. And we’re trying to 
work through a clustering option, where multiple 
applications could be done through one set of 
studies. We’re putting in place an accurate chess 
clock-like process to track the time. Again, 
neither the customers nor the utilities have been 
fulfilling their timeframes. We added stale 
project management protocols so that the 
utilities can just boot people out if they’re not 
keeping their timeframes. And we’re doing 
something that I don’t think that any other state 
has done, where we’re now going to be 
assessing penalties for the utilities if they don’t 
comply with the timeframes, including adding it 
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to their service quality metrics. That’s the 
recommendation. We recommend a uniform 
technical standards manual, which would be 
regularly updated with DG input, and a required 
preapplication report process for large projects, 
in order to try and avoid speculative projects.  
 
And the other thing I just want to mention 
quickly is that Massachusetts is just opening up 
a grid modernization process. This will deal with 
things like AMI and dynamic pricing, and that 
will affect DG as well. And that will be a seven 
month process here in Massachusetts.  
 
Connecticut’s using a different approach. 
They’re using an auction for all their LRECs and 
SRECs greater than 100 kilowatts. It’s not a 
residual auction like Massachusetts. It will be 
for all of the RECs, open to customers and 
developers, and they will be entering into long 
term contracts, so the two things is for all RECs, 
and it’s long term contracts of 15 years. They’re 
committing a billion dollars over the next 15 
years to this program. For a small state, that’s a 
pretty big sum of money.  
 
I don’t have time to go through all the details, 
but I just want to touch on the price differences 
between the LRECs and the ZRECs. The way 
they’re setting up the auctions, they’d have a 
maximum price of $200 for LRECs, $350 for the 
ZRECs. And they’ve held their first auction. All 
the results are not totally public, all the details, 
but the rumor on the street is that the price is 
around $150 for the RECs. So, remember, the 
ACP payments in Massachusetts in 2011 were 
$550; these are at $150 for 15 year contracts. 
And if you want to hear more about all the net 
metering, the interconnection standards, and the 
actual auction results in Connecticut, the New 
England Electric Restructuring Roundtable on 
the 26th is open to anybody, and the chairman 
will be there and Connecticut will be there to 
talk about all of these programs.  

 
So my concluding questions: what’s going to 
happen to solar PV prices over time? Obviously 
we’ve got the US putting tariffs on solar right 
now. How’s that going to affect things? Will 
other DG technologies take off? Combined heat 
and power? Is that going to start happening in a 
much grander scale? Shrouded wind, different 
wind technologies that may be able to be sited 
closer to where people live? And then how’s the 
landscape going to be transformed for DG as we 
look at batteries, storage devices, vehicle-to-grid 
with electric vehicles? What’s going to happen 
when we start introducing AMI and the time 
varying rates? And then, of course, at what point 
do we need to stop subsidizing this and let it just 
be a market technology?  
 
Question: On page 12, where you were 
discussing the Massachusetts net metering 
credits, you noted that there isn’t a credit for the 
system benefits charges, energy efficiency and 
renewables. And these are normally charged in 
cents per kilowatt hour. So how do you know 
what kilowatt hours to apply these charges to, 
when there’s net metering? Is there separate 
metering for the generation required? 
 
Speaker 1: No, there’s no separate metering for 
the generation. This is just on the credit part. So 
the charge is on whatever is net long or short at 
the end of the month.  
 
Question: OK, so the system benefits charges 
only the net amount. 
 
Speaker 1: Yes.  
 
 
Speaker 2. 
Distributed generation has been a topic that has 
a certain degree of controversy in California, 
particularly with Governor Brown’s goal of 
12,000 megawatts of distributed generation as 
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part of our goal of expanding not only solar but 
other emerging clean technologies. In California, 
DG is generally considered one kilowatt to 20 
megawatts. The advantages are basically 
considered to be that it creates a wider footprint 
and supports transmission voltage. It can be 
customer owned. It could be utility owned. 
We’ve approved a number of PPAs that have 
been utility owned as well, as well as owned by 
third parties. The types of technologies that are 
probably the most dominant right now are solar 
PV, solar, thermal, wind, and combined heat and 
power. And that includes internal combustion 
engines or micro turbines and gas turbines, fuel 
cells, and distributed storage, if coupled with 
generation. And the fuel types are actually 
determined by our California Energy 
Commission, and are all sun, wind, natural gas, 
bio gas, biomass. Now, natural gas does not fall 
under the Governor’s 12,000 megawatt 
definition. That is more consistent with our RPS 
program.  
 
So we’re looking at what’s on the system side 
and what’s on the customer meter side. In terms 
of the system side, we’ve had, since 2008, a 
feed-in tariff. The investor-owned utilities have 
a voluntary program involved there. We have 
our RAM, which is our renewable auction 
mechanism. We also have a bilateral process, so 
we’re not limited to our auctions. We have our 
utility solar PV programs, and PV has been, 
again, the dominant player in our market, largely 
due to price.  
 
As I mentioned, we have our competitive 
processes. We have our combined heat and 
power programs, which includes our QFs, as 
well as the feed-in tariffs that were approved in 
2007 and went into effect in 2008. And we have 
our California Solar Initiative, which is probably 
the largest driver of our solar programs in 
California. And we’ve exceeded New Jersey in 
installed solar. I’ll be mentioning that more in 

detail later. And our new solar homes programs, 
which is run by the California Energy 
Commission. And then one of my favorites is 
our self-generation incentive program, which I’ll 
talk about in more detail. And something that is 
being either eliminated or restructured is our 
emerging renewables program (ERP).  
 
On the customer side, the California Solar 
Initiative supports up to five megawatt 
programs, but only one megawatt of the five 
megawatts is actually eligible for incentives 
through the California Solar Initiative (CSI). If 
you go over five megawatts, then you don’t 
qualify for the CSI incentives. On the small 
generating facilities side, there’s no generation 
limits, but only three megawatts are actually 
eligible under that specific program.  
 
We also have net energy metering in California 
and just opened up a pilot project on virtual net 
metering. In terms of exporting into the grid 
from our net energy metering program, I’m sure 
it’s no different than New England, I think part 
of the issue is, as we deal with the load shift, the 
system cost, and who’s going to pick up that 
cost, that’s a very contested area between the 
utilities and the distributed generation 
community. And we have two studies out that 
are going to address that. And then, of course, 
we have a recently approved Rule 21, which is 
simplifying the interconnection for distributed 
generation.  
 
On the wholesale side, we have our RPS 
program. We have I think probably the most 
aggressive RPS, when you consider our load 
size, in the country. That’s our 33%, with the 
Governor’s established aspirational goal of 40%. 
The last time I was here, one presenter stated 
that we would not meet that goal because of our 
in state/out of state bucket system, as well as 
transmission and siting problems in California. 
I’ll say on the record again that we will make 
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our goals. I think the issue more now is what 
will the costs be to ratepayers? Our feed-in tariff 
program is still, I feel, somewhat robust. But like 
the EU, I think it’s something that will 
constantly be in evaluation in terms of the 
subsidies and other impacts that are required to 
keep it robust.  
 
Moving down to net energy metering, our 
wholesale projects do not qualify, with the 
exception of some of our biomass projects, 
which are grandfathered. Biofuels are an issue in 
California, because we have what’s called the 
Hayden Amendment, by the famous Tom 
Hayden, Jane Fonda’s husband, which prohibits 
our use of vinyl chloride, which really 
stimulated our out of state biofuel market in 
terms of imports. And then through our RPFs, 
we placed restrictions on out of state biofuels, 
which has resulted in a lawsuit based on the 
interstate commerce clause. As we recall, for 
those of us who took constitutional law, the 
interstate commerce clause is one of those things 
you never saw in the exam, but every now and 
then it still pops up in real life.  
 
And then we do have the interconnection rules, 
and included in that is the FERC’s self-
generation interconnection, and then also the 
wholesale distributed access tariff, or WEDAT. 
And this applies specifically to those that are 
selling into the Cal ISO. We are an independent 
ISO market. We do not have an RTO in 
California to speak of.  
 
As I stated before, we lead the nation in solar, 
and we recently surpassed New Jersey. We are a 
hybrid market. We are vertically integrated, but 
we do our best to try to support independent and 
merchant projects. I would say that that 
community probably does not feel that way, that 
we’re doing our best, but you know, the utilities 
have the obligation to provide service, and that 

has a tendency, I think, to influence many of our 
decisions.  
 
As I mentioned, solar has been largely the 
dominant player in distributed generation, and 
we have our Go Solar California program, or 
Senate Bill 1, which set a goal of 3,000 
megawatts, with the desire to establish a self-
sustaining solar energy industry. I think, again, 
with the declining prices of PV, that’s becoming 
more evident. I think we are nearing a stage 
where we can hopefully minimize the subsidies, 
but at the same time try to support those projects 
that are largely dependent on the tax incentives, 
which are also about to expire.  
 
In terms of our statewide budget, we’re looking 
at approximately $3.5 billion between 2007 and 
2016. And you can see here from the table that’s 
below, the portion that is actually managed by 
the Energy Commission and the cost. And 
recently CPUC President Michael Pevey has 
addressed his concern about what could be the 
rate bomb in California. I do believe that the 
sliding cost of PV, as well as natural gas prices, 
has been a heaven send for California, and I 
think it could help us reduce the overall cost of 
the delivery of renewable energy, and 
particularly a solar from a blended standpoint.  
 
So to go over some key aspects of our California 
Solar Initiative, it was actually a product of the 
Schwarzenegger Administration. It launched in 
2007. It’s a ten step process. The rebates are on 
a declining scale. We’ve gone from $2.50 a watt 
in 2007, down to 20 cents a watt in 2012. I think 
for the most part, it has been a successful 
process for California.  
 
Two of the programs that I’m big a fan of are the 
single family affordable solar homes, or SASH, 
and then our MASH, which is our multiple 
affordable housing solar program. These are 
programs that focus on low income housing and 
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our ability to promote solar amongst all income 
classes in California.  
 
This grid basically lays out the budgets, and this 
is all on the website, of our various programs in 
solar. What we’re seeing in California, as well 
as what we’re seeing in other states, is an 
increasing number of American families that are 
moving into the 200% above federal poverty 
guidelines. And this is going to be rate base 
issue in terms of how we are able to manage the 
growing populations that fall into our public 
purpose programs.  
 
This slide basically gives us the wattage totals 
under our CSI program and our installations by 
year. We currently have about 63,000 projects 
that have been installed, and we’re at about $1.2 
billion in incentives. This chart gives us the total 
cost of our projects, which includes the federal 
investment tax credits and the average cost over 
the system. We are seeing a declining cost 
structure over the last five years, where we’re 
now at, for less than ten kilowatts, $7.3/watt, 
and then $6.47 on the larger above ten kilowatt 
side. This is on the website, and you can track 
the progress of our various solar programs in 
California.  
 
On net energy metering, as I mentioned before, 
this has been an area of intense debate. We’re 
weighing two studies, one from the legislature, 
one that’s coming out of the CPUC, to look at 
the load shift and the system cost of net energy 
metering. The utilities have stated that basically 
poor people are those who do not have solar, 
that we’re subsidizing the wealthier solar 
customers. I challenge that, because in my 
barbershop, which is in a low income 
community, most of the customers there had 
solar on their homes. (I live in San Francisco. 
San Francisco is a pretty progressive city.) Also, 
much of our wealth is on the coast, and inland is 
where you find most of the more rich renewable 

energy zones. So I think that the jury’s out on 
how the cost of solar is being apportioned in 
California, and I don’t like class warfare, so I try 
to avoid references that immediately make it 
seem like our effort to reduce our carbon 
emissions has a strong class component to it.  
 
This next slide lays out how our surplus 
generators feed-into the system. We do pay a 
retail rate to those who export into the system. I 
think that is something that is under a certain 
degree of challenge. It keeps it under the 
CPUC’s jurisdiction, as opposed to the FERC’s. 
I think it has merits there. And there are 
renewable energy credits that the IOUs received 
from that.  
 
I mentioned the SGF program, which many of 
you are, I’m sure, aware of. But this is what 
promotes self-generation. One of the stars of that 
has been our fuel cells. I’m a heavy supporter of 
fuel cells, because I do believe that fuel cells, 
while needing to reach scale, still have the 
potential of, I think having a great impact on 
finding an environmentally friendly way to deal 
with new developments like shale gas. 
 
Question: On slide three you covered the 
renewable portfolio standard, the feed-in tariffs 
and the renewable auction mechanism. And I 
was just trying, struggling to understand how the 
three of them fit together. Can you clarify how 
the renewable auction mechanism, the feed-in 
tariffs and the renewable portfolio standards 
kind of interact or intersect with each other? 
 
Speaker 2: Well, I don’t know how much they 
intersect with each other, but they’re all critical 
parts of our RPS in terms of our auction 
mechanism, which is more market based, and an 
opportunity for those projects to bid in at their 
price as opposed to our bilateral process, which 
is by way of power purchase agreement that 
actually comes before the commission per 
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recommendation of an independent evaluator, 
and typically our energy division. So I would 
describe them as different mechanisms that we 
have that are designed to achieve our RPS goals, 
and that attempt to create avenues for various 
sized systems and technologies, based on our 
least, best fit, least cost process. 
 
Question: On slide six, it mentions that SB 1 sets 
a goal of 3,000 megawatts of new customer-
owned solar DG. You also mentioned that 
Governor Brown has a goal for DG. Do either of 
those goals have any legal effect? Or are they 
just simply aspirational, feel-good sort of goals? 
 
Speaker 2: Well, SB1 does have a legal effect. 
It’s passed legislation.  
 
Question: Right. But I mean, does that impose 
on the PUC or anyone else, or on your 
municipals, any legal obligation to put that into 
effect? 
 
Speaker 2: I don’t believe there’s a penalty 
component to it. I think it’s more incentive 
based. I think it’s more to stimulate the market. 
 
 
Speaker 3. 
I guess I come at this question as a bit of a 
skeptic, actually. So I’ll start off with why I 
think there’s so little legitimate place for 
distributed generation in the marketplace. 
Obviously, because where you’ve got steam host 
or CHP applications, or other kinds of products 
that could produce, or steam products, 
essentially, that would produce electricity, or 
you can combine electricity with other things, 
there’s some real benefits associated with it. 
Obviously, in organized markets, where you’ve 
got LMP, there could be locational benefits such 
as relieving congestion that could certainly 
facilitate demand response, although that’s a 
question I’ll get into a little more in a couple of 

minutes. But in any event, it’s certainly a 
legitimate function, and there are benefits to it.  
 
The two other rationales for DG that I didn’t put 
on the slide that I should have, one is for micro 
grid applications, and also, obviously, there is 
the most traditional use of DG, which is for 
increased reliability, whether it’s backup 
generators that could be run in emergencies or in 
other circumstances, or just simply you need a 
level of reliability that the utility can’t provide. 
So there clearly are legitimate reasons, economic 
reasons for DG.  
 
There are also externality reasons why you’d 
want certain kinds of DG. And those would 
obviously include solar, perhaps shrouded wind, 
or other kinds of applications.  
 
But the question I guess I have about distributed 
generation starts with the observation that those 
kinds of externality benefits are also present in, 
of course, any sort of renewable energy. And the 
question is, why would we emphasize DG, 
necessarily, or give it advantages over other 
kinds of renewable technology that aren’t in the 
form of distributed generation, but that reflect 
the more traditional sort of central generation. 
And it’s not clear to me that there is a policy 
reason why you would distinguish DG from 
other forms of renewables. And in fact, if you 
have an RPS, the question is, why do you need a 
sub-RPS? And I’ve never heard articulated a 
very persuasive reason why you needed sort of a 
sub-RPS for purposes of distributed generation.  
 
Speaker 2 actually did a good job, I think, of 
offering those in California, with the definitions 
of the generating entity or in terms of size, 
which is number four in this slide, which said 
they were one kilowatt to 20 megawatts in 
California. Those definitions may vary. It’s 
obviously important that in either the law or the 
regulations, you are explicit about what qualifies 
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and what doesn’t, otherwise you end up in an 
endless fight about what qualifies and what 
doesn’t as DG. But there are also other issues 
related to that, and states’ policies are all over 
the map on that. Some would limit, would define 
the DG entity as single location, location by 
location only. Period. However you’re treated, 
you’re only treated for that location. Another 
way of doing it, which other states do, is virtual 
location, which is, if you have, for example, a 
school system that has multiple schools in the 
same utility service area, you could simply 
allocate the credits as if they were a single 
location, as opposed to one. So it’s a virtual 
location. Another approach, which is somewhat 
related to that, but a little different, is 
aggregating multiple locations, which really sort 
of takes on the characteristics of a kind of retail 
transaction, where, for example, I may have a 
solar PV that generates in excess of what I need, 
and Speaker 2 and I have some kind of 
arrangement where he gets some of that excess, 
and so it’s kind of retail transaction. But for 
purposes of the DG treatment, that’s recognized.  
 
And of course, how you define DG changes the 
economics. The single location probably gives 
you the least amount of flexibility, as the solar 
PV owner, for example, or any kind of DG 
owner, whereas virtual gives you a little more 
flexibility. Aggregation gives you even more 
flexibility in terms of what you can do.  
 
Now, how does the compensation work? The 
states really are all over the place on exactly 
how that works. Some states, as we heard, use 
feed-in tariffs. Feed-in tariffs work like this: you 
have a published purchase price. What’s 
interesting about that, as you see in California 
and you see in Massachusetts, is, and I describe 
this in a somewhat cynical version, which is, 
there’s always usually associated with that a cap 
on how much you’re going to buy. My 
interpretation of that, which I consider to be 

generous, is, “We’re about to do something 
really dumb. So I’m going to limit my exposure 
to it.” [LAUGHTER]  Otherwise, why would 
you have a cap? And then you get into all these 
issues. There are equity issues about the first 
come first served, and who gets the benefit, who 
gets under the cap? And do you do caps by 
customer--excuse me for the class warfare--but 
do you do the cap by customer classes? I mean, 
how do you do it? And in my view, the 
imposition of a cap says up front, “We’re doing 
something uneconomic. Doesn’t have a lot of 
rationale, but we think it’s a nice thing to do, so 
we’re going to do it, and we’re going to 
basically limit our losses associated with it.” 
And actually, in California, every time they’ve 
come to the cap, the legislature has stepped in 
and said, “No, raise the cap.” So in some ways, 
the cap’s a bit illusory, at least at a political 
level, and certainly in California, maybe 
elsewhere as well.  
 
Then the next question is, well, how do you deal 
with the question of the excess? If you’re 
generating for your own consumption, that’s one 
thing. If you’re then inputting into the system 
excess generation, that is, the generation you’re 
not consuming on the premises, or the virtual 
locations, or however you want to do it, how do 
you do this? And in some ways, historically, the 
way we’ve done this has been driven by dumb 
meters. The only way we can do it is run the 
meter backwards, which means we’re now 
compensating DG facilities not only for the 
energy they generate, but for distributions 
services they don’t provide. So essentially 
they’re being reimbursed at the retail rate, when 
what they’re providing is a wholesale service. 
It’s a great business. It also goes to explain why 
there’s a cap. And with smart meters, now you 
have other options. You can look at much more 
sophisticated pricing of excess DG generation, 
and by excess I mean more than what you 
consume on the premises. And that becomes an 
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interesting question, too, because in my home 
town some of the solar PV owners came in as 
we were implementing our smart meter program, 
and said, “Well, we should never have smart 
meters.” And I said, “No, no. You will be the 
first to have smart meters, because we’re going 
to price you at the wholesale energy price.” And 
you get into this debate, because once you bring 
in smart meters, you really have the ability to 
fundamentally change the economics of DG, 
because now you can price it as if it’s an energy 
product, which in my personal view is what it is. 
Now, if you want to add some renewable benefit 
to it, that’s another thing. But the point is, it’s 
still an energy product. At no point does it 
become a distribution product. So they have this 
question about whether you should use net 
metering, or whether we should take advantage 
of what smart meters can do and price DG in a 
much more sophisticated way.  
 
Other ways that you could price it, obviously, 
are the old standard of avoided costs. You could 
do that either through the way commissions 
historically had done it, which is by doing some 
sort of administrative calculation, or you could 
do it in a more sophisticated way, through an 
auction, but it would be some kind of avoided 
cost calculation. As I understand it, the Ohio 
Supreme Court said it has to be tied to the 
unbundled generation price of the host utility. 
And so that’s another way you could do it, 
although that’s somewhat the equivalent of 
looking at what the energy price is, but not 
exactly equivalent to it.  
 
Now, when we talk about pricing, we’re really 
talking about not only what do we price, but 
when do we price it, and on what basis? 
Obviously if it’s self-consumption, that’s self-
defining. When you’re consuming what you 
produce, you’re not buying from the utility, and 
that’s all self-defining, and it is what it is. It does 
cause some concern for distribution utilities, 

because that means they’re not getting revenue 
for distribution services that they are in fact 
providing, and in some cases, they’re actually 
not only not getting that revenue, they’re 
actually paying out that revenue, if you’re using 
net metering. But self-consumption is self-
defining. There’s some controversy about 
whether you ought to put more emphasis on the 
fixed cost so that the utility doesn’t have 
stranded assets on its distribution costs, but it’s 
still fairly discrete.  
 
Now, another way of doing this is to say, “OK, 
look, when are you actually producing the 
energy?” and tie the payments to when the 
excess energy is put into the system. Do those 
payments reflect what the real time energy price 
is in that particular location, which is the 
regional market price? Or do we simply do a sort 
of averaging, or carryover credits? And this is an 
interesting subject, because in some 
jurisdictions, it doesn’t really matter when you 
produce it. You get a carryover credit as if 
you’ve produced it whenever. So if you’re doing 
monthly aggregation, you put X amount of 
energy into the system, and you’re going to be 
compensated for that, regardless of when.  
 
Now, the experience in my town is particularly 
interesting, because the peak for solar is not 
coincident with the system peak. In fact, the 
distribution system’s peak is not coincident with 
the New England system peak. So in that 
circumstance, the solar producers are actually 
producing off peak and want to be compensated 
as if they were producing on peak, without 
providing storage. If you provide storage, that’s 
a whole different animal. But they’re not 
providing storage. So there’s a whole question 
about when do you time this, and the extent to 
which you use some kind of dynamic pricing 
mechanism. And it’s interesting, because it 
raises a whole lot of issues about whether or not, 
whether we carry that level of sophistication 
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available in a smart meter or smart grid over, 
because if you are compensating at the real time 
energy price, that’s a much lower incentive to, 
say, the solar PV panel owner, than it is if you’re 
just giving average price, such that regardless of 
when you produce electricity, you’re going to be 
paid whatever the retail rate is. 
 
Now, to be honest with you, if in fact you do use 
some kind of peak, with the real time energy 
price, you’re also providing an incentive to 
develop more efficient storage technology, 
because that would enable solar PV owners and 
other DG owners to do things that are more 
sophisticated.  
 
Now, another implication, too, has to do with 
your distribution utilities having fears about 
stranded assets, because they’re not recovering 
the distribution costs, and in some cases they’re 
actually compensating other entities--the PV 
owners, the DG owners--they’re compensating 
them for distribution services they don’t provide. 
So what that does is a very interesting thing. It 
creates a real contradiction, because what do 
utilities do to defend themselves against that? 
They tend to allocate costs more towards fixed 
and away from variable. So what does that 
mean? In order to promote a green product, say 
solar PV, we’re now going to develop basically 
anti-green pricing by putting less emphasis on 
the variable costs and more on the fixed cost in 
order to promote green technology. There’s a 
real contradiction in policy. If you’re pro green, 
do you favor renewable PV? Or do you favor 
price signals based on usage? And if you favor 
the PV, you’re essentially creating incentives for 
utilities to develop pricing mechanisms that do 
not put a penalty on more consumption. So it’s 
an interesting contradiction in the policies.  
 
There are also some mixed signals about 
technology advances. I mean, as our previous 
speakers indicted with respect to California and 

Massachusetts, and as is true elsewhere as well, 
there are some implicit technology preferences 
for solar renewables over other distributed 
generation technologies like, well, for example, 
small scale gas generators and so forth. So there 
are some technology preferences that are built 
in. And if you don’t discriminate between the 
different technologies, then there’s a real 
question of whether you get the sort of 
environmental benefit you’re trying to get to.  
 
Obviously, if you’ve got distributed generation, 
it facilitates demand response. But there are 
many utilities that argue, and I don’t know 
whether this is correct or not, but there are 
certainly utilities that have made the argument 
that actually distributed generation that’s not of 
a renewable source actually does more harm to 
the air quality than perhaps central generation. I 
don’t know if that’s literally true or not, but 
that’s the argument you hear made in various 
places. But, you know, one could study that 
empirically.  
 
The other question that I think needs to be 
looked at is whether we’re providing rather 
inefficient and unneeded subsidies to promote 
DG over other forms of, say, renewable energy. 
It’s not surprising, but it is curious that you’ve 
got, in some instances, the most aggressive DG 
promotion policies in those states that also have 
carbon controls and things like an RPS-- 
California and Massachusetts being examples, 
and there’s a real question, which is, do we 
really need carbon controls and RPS? Or are we 
fighting with ourselves over these two issues? 
And I don’t think that issue’s been explored, 
because I think at a policy level, everybody 
wants to be green and doesn’t think through the 
implications of exactly what that means. And I’ll 
stop there. 
 
Question: You said that in your town, the 
distribution system is not peaking at the same 
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time as the New England system. Is it a winter 
peaking distribution system? And then the 
second clarifying question would be, during the 
summer peak, whatever that turns out to be, how 
coincident is solar output on your town’s system 
with the summer peak? 
 
Speaker 3: No, actually, it is a summer peaking 
system, but the hours are different. New England 
system peak is midafternoon, as I recall. My 
town’s peak is actually early evening. So the 
problem is that if they’re producing, it may be 
coincident with New England system peak, in 
which case, we’ll pay them the higher energy 
price, but we don’t necessarily need that power 
at that point. New England may need it, so they 
can develop a way to respond to the New 
England market, aggregated into some kind of 
demand response. But for us to pay them for 
that, it’s not something we do in general.  
 
Question: It wasn’t clear to me from your 
presentation whether net energy metering, 
because it results in avoiding the customer’s fair 
share of distribution and transmission charges, it 
wasn’t clear to me if that ends up being a cost 
shift to the rest of the customers that don’t have 
DG? Or is it a stranded cost to the utility? 
 
Speaker 3: Actually, let me distinguish for a 
second, between transmission and distribution in 
answering your question. Maybe I didn’t do this 
in the presentation. Transmission and 
distribution are actually two different issues. 
Actually, there could be a net benefit in regard 
to transmission congestion from having 
distributed generation. Because if you’ve got 
congestion, and you can avoid paying some of 
those congestion rents, because you can generate 
locally within the distribution system, that’s 
something that arguably, and I think reasonably, 
the DG generator should be compensated for, 
because that’s actually a positive benefit. 
Distribution is really what I was talking about. 

And in terms of distribution, I think that the real 
question is, do you compensate the DG owner 
for the full retail rate, which is what happens 
when you run the meter backwards? Or do you 
do it just for the energy price, or just for the 
excess energy produced? And from my point of 
view, what’s the product that they’re producing? 
They’re providing energy. They’re not providing 
any distribution services. So why would you 
compensate them as if they were?  
 
This is actually a true story. One of the solar PV 
owners came to me, and he said, “Well, if you 
don’t compensate me for that, I can’t make 
money with my PV plant on my roof.” And I 
said, “Well, I’ve got a solution for that 
problem.” He goes, “What’s that?” I said, 
“Don’t do it.” [LAUGHTER]  And obviously a 
lot of solar PV owners aren’t motivated by 
profit. They’re motivated by other things as 
well. But the point is that in a rational world, 
where I’m looking purely at the economics, all 
they’re producing is energy. And if that’s all 
they’re producing, why should they be 
compensated for something they’re not 
providing? And in fact, for the distribution 
utility, it’s a double whammy, because they’re 
not only not getting the revenue for the energy 
that’s self-produced, they’re now actually 
having to pay the DG owner for services that the 
utility itself provides, and now the DG owner is 
being compensated for it.  
 
 
Speaker 4. 
Good morning. This is such a rich issue, and 
important issue, because it touches on so many 
elements of the industry, and I think it’s very 
important for the utility industry to really 
understand the issue, understand the economics, 
and all of you can help towards that end.  
 
So just to give you a sense of the solar market in 
New Jersey, a lot of this really got started for us 
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when we had deregulation in 1999 with a law we 
call EDECA (the Electric Discount and Energy 
Competition Act). And through that we 
established a renewable portfolio standard, 
which at that time was pretty aggressive. It’s not 
up to the 30% goals of California, but it did seek 
to attain 22.5% renewables by 2021. And over 
the years, things have been adjusted through 
different legislation or different boards of utility 
regulations. And there have been different times 
when the solar carve out was increased, and then 
just this year our legislature increased that again.  
 
And one of the things that happened, which I 
think is a very interesting economic issue, was 
that the solar alternative compliance payments, 
which is what serving entities can pay if they 
can’t get access to SRECs, was reduced 
significantly, and many of our consumer 
advocates said this was great. This was going to 
reduce the cost of solar. And I’ve not really seen 
how that necessarily works, because I don’t 
think it’s a constraint right now. But it’s an 
interesting issue, and it played very well 
politically.  
 
And then also, the issue of net metering came up 
in that bill, too, and I’ll get to that in a moment.  
 
So with our renewable portfolio standard, we 
have two classes of renewables. We have Class 
1, which is derived from solar, wind, wave, tidal, 
geothermal, landfill gas, anaerobic, and fuel 
cells. And that’s most of it. That’s supposed to 
make up 20% of electricity under the RPS. And 
within that, there has been a much smaller solar 
carve out. And the solar carve out is required to 
be produced in New Jersey. So this has always 
been an initiative that’s also been about 
developing solar, not necessarily distributed, 
within our state for economic development and 
other reasons. And then Class 2 was really what 
we started out with, honestly, which was hydro 

power and resource recovery. But that’s a very 
small portion of our RPS.  
 
What happens with the SREC system is that for 
every thousand kilowatt hours, an SREC is 
created. These have to be purchased by our load 
serving entities to meet an annual RPS 
requirement. The program is managed by our 
BPU, and the SRECs are traded on several 
exchanges. And I think it’s a very well 
established program and has been under some 
challenge, as you’ll see when I get to this chart 
here in a minute. 
 
The prices of the SRECs have really declined in 
this past year. The reason they’ve declined is 
that, as you can see, there has been this really 
significant increase in installed capacity over the 
past two years. The RPS requirement prior to the 
legislation that just passed was pretty low. It was 
lower than 300 megawatts installed capacity, 
which we just about reached in 2010. That was 
the requirement for energy year 2012. So 
between 2011 and 2012, we had a very large 
increase in solar activity in the state, and I think 
there are a couple of factors here. One is, we had 
our own successful solar programs, which I’ll 
talk about in a moment, PSE&G, our utility, has 
been very active as a solar investor. But also, the 
federal tax credit under the federal stimulus, that 
we all heard a little bit about last night, gave an 
option of a cash grant versus the ITC, and that 
really opened up the door to a number of solar 
developments that didn’t have tax appetite. So 
we saw a great deal of interest by solar 
developers, and it shows in lots of solar 
development in New Jersey in the last two years.  
 
So as a consequence, when you develop solar 
and it goes online, it creates kilowatt hours, 
which then create SRECs, then the SREC price 
declines dramatically. We have more SRECs 
and a lower price. This was fine, except for all 
of those folks who had put the solar on the back 
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of their houses with an expectation that they 
were going to have a stream of revenue from 
ongoing creation of SRECs. And it was also an 
issue as new developers were trying to figure out 
how they were going to sell their systems going 
forward. And that was the impetus for the 
legislation that we had this year. What were we 
going to do to save the solar industry, which has 
become a very important constituency in our 
state? We’ve had new industries developed. I 
don’t think we have any solar panel 
manufacturers, but we certainly have assembly 
companies and lots of distributors and lots of 
service companies. So a very important industry 
in our state right now. So this was what 
happened in the bill. And basically what the 
legislature did was to say, “OK, well, we have 
this RPS of 22 ½%. We’re not going to increase 
that. We’re not going to go to 30% or 
something, but we’re going to move it forward. 
We know we have all this pent up supply. So 
we’re going to move it forward so that we can 
hopefully prop up this price.” And so that’s 
essentially what this chart is supposed to show. 
The red line is the new trajectory for how our 
RPS is to work. The law was just signed in July, 
but I think there is some concern about even 
pulling this forward. There was just so much 
pent up supply that the price is low, and that’s 
where it’s going to be.  
 
So I just want to take a moment, as I said, then, 
to tell you where PSE&G fits in. In 2008, 
PSE&G was given authority by the legislature to 
invest directly in solar. Now, mind you, as I 
said, in 1999, through EDECA, we separated our 
generation from our utility. So we have a very 
competitive generator. But this is an exception. 
And this allows a regulated utility to be a direct 
investor in renewable energy. And we had sort 
of gotten into solar before that through a loan 
program, where we were not the direct investor, 
but we were enabling investment. And we 
continue to do those loan programs. But this 

2008 law was an opportunity where we could go 
in and actually invest and treat this just like a 
regulated investment, in fact, better, because we 
were also able to receive contemporaneous cost 
recovery and really have much more certainty as 
we were going forward. And we started out 
doing some projects. And the name of it goes 
really well with some of the comments that were 
brought up earlier, which goes to this equity 
issue. We called it Solar 4 All, because it is the 
utility investing in solar generation, where it’s 
sent directly to the utility, so that everybody 
benefits from it. It also gets capacity payments. 
It takes advantage of the tax credit and shares 
that back to all of the ratepayers. So this issue of 
some have it and some don’t, and where it’s 
located, that goes away, and we have done 
things like put it on our utility poles. If you go 
through New Jersey, you’ll see our symbol all 
over the territory.  
 
Now we are proposing, as I show here, that we 
would go forward and do solar on landfills. I 
guess in Massachusetts, there was controversy 
about that. Our sense so far is that that’s 
something people will like. We have quite a 
number of landfills in New Jersey, and we’ll 
make productive use of them. We’re also 
looking at opportunities on warehouses. New 
Jersey is a very dense state, so if we can use the 
tops of warehouses... So really, as the utility, 
trying to find places where there is the 
opportunity for solar, where it can be put in 
legally and very cost effectively relative to other 
options, we have the experience now.  
 
And one of the other things that we’ve done is 
that we are working with all of the solar 
developers. That whole stream of folks who 
have built their businesses over the last five 
years are essentially subcontractors to us. So we 
believe that by doing this, we’re supporting the 
solar industry. We’re also creating more SRECs, 
but we’re doing it in a way that we think is 
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going to support a vibrant industry in the state. 
In addition, we have extended our solar loan 
program, which are essentially loans which can 
support net metering.  
 
I’m hoping we really will have a discussion on 
net metering, because in the legislation that just 
passed, the issue of aggregate net metering came 
up, and there were certainly advocates saying 
that they wanted for new solar developments to 
be able to sell that energy. And what came out of 
it was a compromise where the legislation 
allows for it on a government basis. So 
municipalities can do it, or maybe allied school 
systems can do it. So it is going to allow this. It 
puts some constraints on it, but it recognizes this 
concept and this interest of sort of micro grants, 
and where is that going? And we can start with 
the idea that there’s a public benefit with these 
public entities. But a very significant concern 
that we have as the utility, is what does this 
mean for the distribution network? What does it 
mean for the rest of the ratepayers, etc? So our 
BPU is going to be doing a study on that. I think 
there are studies of this going on in a number of 
states at this point.  
 
There are also a number of studies coming out 
on what kind of rules we need for net metering 
application, and also what kind of incentives we 
should have in place. And as I’ve started to do 
some reading on this, and actually I’m looking a 
lot at California, because you’ve obviously been 
ahead of the curve, I think, on the controversy 
on this issue for sure, some of the things that 
Speaker 3 brought up are the key issues here. I 
don’t know that I’ve come to any conclusions 
yet, but I think the big issues are around the right 
price to pay is. Is it retail? Is it wholesale? Or 
maybe is it something in between? Is there a 
capacity benefit if you have a number of these 
throughout a community? Does it actually have 
an effect on capacity prices? As Speaker 3 
mentioned, does it affect the need for new 

transmission or the constraints on that side? 
How would you price those kinds of benefits in? 
It may not be the retail price. But it may not just 
be the wholesale price either.  
 
One of the things that I’m hoping some of these 
smart Princeton folks can look at with us in 
terms of trying to figure out what the variation in 
solar energy that you see all the time and at the 
different peaks really means if we think this is 
going to go to a larger level. I think one of the 
issues there goes to, how do you really quantify 
these different benefits that we hear about? 
Some of the things you read from the advocates 
will say that there’s line loss avoidance. So there 
actually is an effect related to distribution, 
because something like 5-10% is lost in line, just 
in the distribution system. So if you’re actually 
creating this and selling to your neighbor, is 
there something there of value? Fuel price hedge 
is another thing that’s been brought up, that we 
find hedging to be very valuable. So is there a 
role in this for that? Some issues on dealing with 
the variability in the distribution system have 
also been brought up. So you’ve got all of these 
ideas. And then of course emissions reduction. 
Unfortunately we don’t have a national price on 
carbon yet. So what is the value of that?  
 
And then I would just say, from the utilities side, 
obviously we have an obligation to make sure 
that we can maintain our distribution network. 
And I think back to my days in telecom, where 
many of these issues were also dealt with, where 
you had unbundling, and you had competition 
coming in, and you still needed to make sure 
you had that underlying infrastructure. I think 
that’s really where we need to make sure that as 
the new competitors come in, and we’re setting 
up a structure for that, and we do it efficiently, 
that we enable the utilities to maintain the grid, 
and do it in such a way that hopefully we can all 
move forward together and have an efficient 
system. Thank you. 



 
 

75 
 

 
Question: I wanted to ask a quick question about 
the quantity of solar installation that PSE&G has 
actually invested in and how much of the market 
PSE&G is in New Jersey, in terms of how much 
of the total solar installations are PSE&G 
installations. 
 
Speaker 4: I know what PSE&G proposed to do, 
but I don’t know where it fits in as a total.  
Comment: I can tell you how much PSE&G has 
invested. I don’t know how much of the market 
it is. But around 80 megawatts, almost 
completely installed. And I don’t know how 
much -- 
 
Question: The total was like 900 or so? Is that 
right? 
 
Speaker 4: It looks like it’s a little over like 850 
on this chart that I have here. And that’s 
installed. It was only 275 two years ago, so there 
was a pretty large explosion of some of these 
very large solar installations, separate and apart 
from what PSE&G is doing. Now, in addition to 
the 80 megawatts mentioned above, of course, 
PSE&G also had its loan program, which did 
support a number of behind the meter smaller 
projects. 
 
Comment: And that is oversubscribed.  
 
Speaker 4: Yeah. And that one PSE&G will be 
expanding as well.  
 
Comment: If it helps, Q2 of this year saw the 
installation of 102 megawatts of solar alone, just 
in the second quarter of this year, putting it first 
in the country in terms of that quarter. Just that 
quarter, not cumulative installations. So pretty 
significant. But, just to be clear, that’s not just 
DG. That includes utility and commercial 
installations. 
 

Speaker 4: Another thing, I think, that the board 
is looking at and was in this legislation is, do 
you need to have some kind of ability to halt that 
when it goes too far? If the market’s going too 
fast ahead, and crashing the SREC prices, do 
you need some kind of failsafe? That’s 
something which you shouldn’t, I guess, need to 
have in the market, but it clearly was creating a 
lot of disruption in terms of folks who had gone 
out and planned based on this SREC market, and 
then things crashed.  
 
Question: It sounds like in the New Jersey 
program and the residential programs, individual 
households are bearing the financial risk of 
where SREC prices are. Or is that being 
aggregated in some way with the solar 
installers? 
 
Speaker 4: Well, it really depends on what 
programs you’re in. You know, under our loan 
program, I think in the first version of it, we 
actually had a floor that we guaranteed on the 
SREC price. So folks would take a loan from 
PSE&G. They would get the benefit of the tax 
credit, which was pretty a good benefit. And 
then they would be able to pay us back in 
SRECs. And then PSE&G, the utility, would 
take care of selling the SRECs up to some 
serving entity that needed them. So that sort of 
gave those people with that loan a sense of 
security about being able to plan what their 
payback was going to be. And then, of course, 
on top of that, if they were producing more than 
they needed, they got the net metering benefit as 
well. But they had a little more certainty.  
 
I think where we’ve seen other issues, though, 
are where, you know, Joe Solar Developer goes 
out and goes to a company or a residence and 
says, “I’ll put a solar panel on the back of your 
house.” And they do get the tax credit, and they 
can get the net metering, and they can also sell 
the SRECs, but they do bear the risk on that. So 
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to the extent they did this when those SRECs 
were high--they were like $600 here about a 
year and a half ago. Right? It kind of, it wasn’t 
that long ago--so you could see putting in one of 
those prices and doing a payback analysis, and 
saying, “Well, OK, I can do this with a payback 
in like three years or five years of what have 
you.” And now it’s down to 100-ish? 150? I 
don’t know. It’s dramatically -- 
 
Comment: I’m sorry to interrupt, but I think 
another key point there is, it may not be the 
residential homeowner. For example, I have a 
system, but I don’t bear the risk, because I sold 
all that risk to the developer. So the financing 
structure that I have means that I decided not to 
take the risk on it. But the individual homeowner 
doesn’t bear the risk. The developer does. 
 
 
General Discussion. 
Question 1: This is a question which is really 
directed towards the California experience and 
Speaker 2’s presentation. So let me focus on 
Speaker 2. And it’s a question which is about 
how we think about success and what we’re 
trying to accomplish here.  
 
There are many, many different programs trying 
to get at these renewables and so forth. But one 
of them I know a little bit about is the California 
Solar Initiative. And the California Solar 
Initiative is actually a very well-designed 
program, in my view. As a matter of fact, it’s 
one of the best I’ve ever seen in terms of stating 
what it was trying to accomplish, designing the 
incentives to be consistent with what it said it 
was trying to accomplish, and then letting that 
actually work to achieve the objectives that it 
stated. And by that I mean, in particular, it was 
to provide subsidies for distributed solar rooftop 
installations in order to move down the learning 
curve and capture the future benefits of the 
reduced costs associated with that. And there 

was a detailed analysis of the program that was 
done at the time, and the profile of incentives 
that you talked were consistent with that 
analysis, and there was an assumed learning rate, 
which I believe was 10%. Every time you 
doubled the installations, the costs would go 
down by 10%. And they analyzed all of that 
kind of thing and set it up.  
 
And in some sense, it was designed in a way 
such that it couldn’t fail, because if it turned out 
that they were right about the estimate of the 
learning rate, then you would produce these big 
cost reductions, and we would then do a lot of 
solar without further subsidies needed. And if it 
turned out that you didn’t get down that learning 
rate, what you had succeeded in doing and 
demonstrating is that this technology was not 
going to get better and was too expensive to 
compete, and therefore we should stop 
subsidizing it, because it wasn’t going to work.  
 
And when I look at the numbers in the table 
here, it seems to me that the California Solar 
Initiative is on a path that’s consistent with the 
latter interpretation, which is, it’s in the process 
of demonstrating that this is not going to be 
competitive.  
 
So, first (and this is to make sure I’m getting the 
numbers right) it was originally described as the 
Million Solar Rooftop program. I think it may 
even still be called that. The analysis I referred 
to found out that the right number is about 
250,000 solar rooftops. If you believed in the 
learning rate, that’s all you had to do to get 
down the curve in order to get the benefits. And 
I saw in the table here that we’re on track with 
63,000 installations. So the program is not over 
yet, but that sounds to me like it’s well below 
the trajectory to get to the 250,000 installations. 
And the cost numbers look to me like they’re in 
the range ,at the moment of $500 a megawatt 
hour, if I do the back of the envelope calculation 
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about what it’s costing, which is way too 
expensive and is not going to be consistent with 
the benefits that are calculated. So it looks to me 
like this is an extremely well-designed program 
that is in the process of delivering the bad news 
that distributed solar generation is not going to 
be competitive. 
 
Speaker 2: Well, I’ll make sure to tell its author, 
former Senator Kevin Murray, a dear friend of 
mine, your thoughts on it, that it’s well 
designed, maybe for the wrong purposes.  
 
Follow-up: No, I think it’s for the right 
purposes. 
 
Speaker 2: OK. I guess the best way I can 
describe it from my viewpoint is that, and I 
don’t mean to be offensive here, but in 
California, renewable energy is a religion more 
than it is a fuel source. [LAUGHTER]  Now 
when I say that, I can go to other parts of the 
country where I feel like coal is also a faith. And 
we clearly are having the dash to gas.  
 
So I think, in general, the legislature recognized 
that we wanted to do our part in the region to 
address the issue of global warming. And at that 
time, under the Global Solutions Warming Act, I 
think California made the strong commitment to 
move the market towards reducing carbon 
emissions. The energy generation was seen to be 
a large part of that. It was challenged in Prop 23 
in the 2010 election. It was defeated decisively. 
And what Prop 23 wanted to do was basically 
suspend AB32 and the RPS until such time as 
the unemployment rate fell below a certain level. 
Voters voted it down. So I guess my point is that 
the pricing associated with our RPS efforts 
comes under criticism, but in fact it is something 
that I believe the citizens of California, similar 
to New Jersey, have basically endorsed. And 
now it’s my job as a regulator to try to weave 
that, with other diversified fuel sources, into an 

energy bill that will keep California competitive 
in the region. And that’s a tall order. It’s a tall 
order. There have been times I’ve criticized it, 
but I’ve recognized that it’s a legislative 
mandate, and when the legislature instructs us as 
a commission to carry out a mandate, I get on 
board and just do my level best to ensure that it 
minimizes the impact on our rates, our families, 
and our businesses in California. 
 
Question 2: Thank you. I’m from the state of 
Washington, and we have somewhat of a 
religious fervor up there as well, perhaps not as 
much as in California, and not as much for solar 
as perhaps wind. But DG takes on somewhat of 
a religious connotation as well. We, however, do 
not have a feed-in tariff. But when I first came to 
the commission in early 2009, when the big 
issue with the legislature was jobs, the argument 
for a feed-in tariff was not economic, I think we 
recognized it was uneconomic. But the idea was 
that we would do it, and there would be this 
development of a solar manufacturing market, 
and that our companies then would export to 
California, where it might be economic. 
[LAUGHTER]  But the idea was, I think, based 
in part at least on the German experience, where 
at least we were told that Germany had a feed-in 
tariff, and the German solar industry took off, 
and it was exporting its technology and products 
elsewhere. So it was the jobs idea. And the 
legislature didn’t adopt it, because the utilities 
were pretty much opposed to it, and we were not 
supportive.  
 
But I guess my question is, and maybe this is for 
Speaker 2 as well, and others, is there any 
empirical evidence in support of this jobs 
argument, where there’s going to be this 
economic development and creation of an 
industry that ultimately will lead to a rational 
result? I mean, I’m sure there’s anecdotal 
evidence. There’s a company here, a company 
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there. But has anyone ever looked at that 
argument in a systematic way? 
 
Speaker 2:  Well, I’ll take the first shot, and I 
can tell other panelists want to. Clearly clean 
technology has been an economics and job 
driver in California. It’s also been a major 
source of venture capital investments. Now, I 
will say, being on the National Petroleum 
Council, that I think the clean technology 
industry does not do as good of a job as it could 
in looking at the upstream and downstream FTE 
impacts of clean technology investments. So in 
terms of understanding the figures, it’s kind of 
depends on who you talk to. But it’s clear that in 
California, it’s viewed as an economic driver. 
It’s not driving the jobs, clearly, at the level that 
we would like. We still lead the nation in 
unemployment. But I believe the Governor and 
the legislature are making the long term bet that 
globally our development of this technology, 
(and I would say of the demand side 
management of that is part of what really excited 
us in the Silicon Valley) will play out in the long 
run for California and to be consistent with its 
goals.  
 
Now, if you look at the employment figures in 
North Dakota, with the Bakken shale, and in 
Pennsylvania with Marcellus, Texas with the 
Eagleford, clearly in the short term, fossil fuel 
development, particularly on the oil side in those 
shale plays, has been a stronger job driver. We 
do have a Santa Maria and Monterey shale in 
California. The legislature blocked an effort by 
Assemblywoman Butler to have a moratorium 
on that, and to me it was a godsend that they 
blocked that moratorium. So I do believe the 
Governor and the legislature and the 
commission are trying to find a balanced way to 
develop, like fuel cells, our fossil sources, but at 
the same time continue to drive solar and wind 
development. But yes, I think the figures are 

clear that we are seeing job benefits from clean 
technology. 
 
Speaker 1: I wanted to just throw in kind of a 
broader perspective on it, which is that solar PV, 
particularly on rooftops, is pretty labor intensive. 
So if you look at the substitution effect, it does 
create a lot of local jobs, because you’re 
displacing fuels from outside of the region. I 
obviously have manufacturing within the state of 
Massachusetts, which we used to have on PV. 
That’s even better for job creation. If it’s coming 
from China, that’s not a huge help on that side. 
But that’s on the positive side. On the negative 
side, because PV is more expensive than other 
fuel sources, it actually has a negative effect, 
because it’s taking money out of people’s 
pockets. So you have job growth on one side and 
loss on the other side.  
 
Follow up: I was looking for some analysis of 
where that balance tips. It seems to me that not 
every state can be the leader in solar 
development.  
 
Comment: Every governor has the same speech. 
Every single governor. 
 
Speaker 1: Right, but I think it’s also a mistake 
just to look at manufacturing jobs, which is what 
governors tend to look at. You have to look at 
the whole input/output and assessment, and at 
the fact that really the installation is a bigger 
creator of jobs that manufacturing. 
 
Speaker 2: If I could just chime in on that, I 
think that installation factor had a lot to do with 
California lifting the cap on net energy metering. 
We had so many workers on rooftops that it 
seemed to be in the best economic interest of 
California to lift that cap until we could assess a 
system cost associated with it. 
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Speaker 4: As I mentioned earlier, too, the labor 
element was a very big driver for our legislation. 
And we’ve had Rutgers do studies, with our 
transmission projects, of the labor involved, and 
maybe that will be something we consider doing 
in this next round if it becomes an issue on our 
filing that we have before the commission to 
expand our solar programs. There are actually 
quite a number of different elements, even if you 
don’t have the manufacturing. We have a 
company called Petrasolar that really started 
because of our program. So I have a feeling that 
if you did the job analysis, the benefits would 
not be insignificant, and that’s one of the reasons 
there’s political support for these programs. 
 
Moderator: I have to use my prerogative as 
moderator to add a comment. Alfred Kahn, the 
great regulatory economist, once famously said 
that if you pay a utility, they’ll build it, if you 
give a utility a return, they’ll build a pyramid, if 
they can put it in rate base. [LAUGHTER]  If 
the utility that builds the pyramid to put it in rate 
base and get a return, if they hire 100 people to 
build the pyramid, and they hire 20 people to 
maintain the pyramid, and consumers are paying 
for the pyramid, do you have net job growth?  
 
Question 3: First, in terms of jobs, and you 
know, these are Solar Industry Association 
numbers, but they’re well vetted. There’s an 
estimated over 100,000 jobs nationwide in the 
solar industry, manufacturing, installation, etc. 
It’s well documented. I can get you the 
information. By way of comparison, the coal 
industry now says they have 75,000 jobs. So I 
would say that’s apples to apples, because both 
are coming from associations, and you can plus 
or minus those based on just the fact they’re 
coming from associations. But there are surveys 
ever year. The numbers go up every year.  
 
My second comment is, I agree that many states 
always say, “Well, we’ll only do renewables if 

we have a manufacturing plant.” And I usually 
say, “Guess what? Your state hasn’t had 
manufacturing in 50 years. Why would they 
have it for this industry? So if you want to invest 
in renewables, do it for other reasons.” But it is 
true that the jobs in manufacturing are de 
minimus relative to everything else that goes 
into this effort. So we should be really clear 
about that. In fact, I’ve toured a number of 
manufacturing plants. They employ like 50 
people, maybe. They’re all mechanized and 
modern facilities. They’re not employing 
thousands of people. So the jobs are really 
installers, R&D, all those other component parts.  
 
Just in terms of system prices, I can only speak 
to solar, it’s gone from 11 bucks a watt 
installation in 1998, down to four bucks and 
driving down significantly over the next couple 
of years. So one comment that I ask folks to 
think about as they talk about cost is, don’t think 
about it in a static view. Think about it in a 
dynamic way. We’re installing systems that have 
no fuel cost or additional cost once they are 
installed. I mean, there’s some nominal cost, and 
I’ll admit to that, but once you install those 
systems, there’s no additional cost. Unlike fuel 
costs that go into every other generation source.  
 
So then my question has to do with the fact that 
one of the big challenges we’re all facing is the 
framework that’s been put in place around net 
metering. And from a personal perspective, I see 
net metering as kind of a Band-Aid over rate 
design that was built 50, 60, 80 years ago. It 
doesn’t really reflect the financial constructs that 
exist in the modern electricity system, and the 
relationship between customers, utilities and 
other suppliers. I think to solve the questions 
that Speaker 3 posed, we really need to think 
about rate design and start to think about how to 
transform some of these net metering structures 
that are in place that have caps and limits. 
Utilities are concerned because of declining 
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revenues, and rightfully so. What are the rate 
designs that we need to think about in order 
really to move our electricity system into the 
modern era from a financial standpoint?  
 
Speaker 3: Well, actually, I agree with that, 
because the DG is inextricably tied to the retail 
tariff-setting mechanisms and how it’s done. But 
there are a couple of problems. One is the 
incentive that distribution utilities have to move 
more and more costs to the fixed cost in order to 
protect themselves against losing distribution-
related costs, because of increased DG, whether 
it’s solar or whatever it is.  
 
And you could see it happening in a number of 
ways. One is just doing it, purely changing the 
fixed/variable ratio. But another approach is, as 
in California and Massachusetts, to decouple, 
which is essentially doing the same thing. We 
call it something else, but it’s effectively the 
same thing. So if you do those things, then what 
you’re really doing is sending out signals and 
putting on an environmentalist’s hat that is 
actually anti-environment. You’re doing two 
things, actually. You’re penalizing those who 
are more efficient in their consumption. And 
secondly, you are imposing regressive costs, 
because the more cost you allocate to fixed cost, 
the more you’re imposing it on small users who 
often times are also low income people--not 
always, but often they are. And so, in all due 
deference to my friend, Speaker 2’s, concerns 
about the social class warfare, there is a class 
element to it, and in some ways, it forces the 
lower income people to bear more of the brunt 
of the cost.  
 
So I completely agree with your premise, but I 
think we need to really deal with this 
fundamental contradiction. If we’re promoting 
renewable DG for purposes of environmental 
benefit, then we need to link that to the pricing, 
and actually what we’re doing now is exactly the 

opposite. We’re producing anti-green pricing to 
compensate for green technology. And that’s 
just not sustainable. That is where we are. So I 
agree with your premise, that we do need to 
work on that.  
 
Speaker 1: I want to jump in a little bit here. 
Because Massachusetts has just recently also 
decoupled, and I want to just challenge one thing 
you said. My understanding of decoupling is that 
it’s not adding to the fixed cost. It’s changing 
the variable cost, and it’s adjusted annually. 
That’s my understanding. So it’s not changing 
fixed cost, it’s changing variable cost, which 
actually then would be benefiting green pricing, 
because you’d be making the prices more 
expensive.  
 
But that I think it leads me to also another point, 
which is that the main reason we were 
decoupling in California and in Massachusetts 
was for energy efficiency reasons, although 
frankly I think it probably works better at 
incentivizing utilities to be supportive of DG 
than it does at promoting energy efficiency, 
because both Massachusetts and California have 
had the most aggressive energy efficiency 
programs for a decade, and we didn’t really need 
decoupling to get aggressive, at least in 
Massachusetts.  
 
I also want to make the analogy to what we’ve 
done on energy efficiency policy, because we’ve 
spent a lot more time thinking through energy 
efficiency policy, and for energy efficiency, 
we’ve dealt with the issue of the non-
participants, if you will, or low income 
customers, by making sure that we provide 
energy efficiency programs that everybody can 
participate in, and make it easier for low income 
participants to share in the benefits. And there’s 
no reason why we can’t do something similarly 
on the DG side as well, if we’re going to go 
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down this route of very aggressive distributed 
generation.  
 
The last analogy I want to make goes to 
something that you said, Speaker 3, before about 
whether we’re going to be sticking new meters 
in and doing wholesale for everything that’s 
generated on the roof, and then paying retail for 
everything that you use. And in some ways, DG 
on the roof, until you get to the point where 
you’re producing more than you’re using, is not 
really any different than energy efficiency. Is it 
different if I retrofit my house with compact 
florescent lights, or if I put in a small PV system 
on my roof? It’s basically having the same 
impact before I export. I agree with you that 
once we start exporting, we need to think about 
whether that should be at wholesale rate or retail 
rate or something else. 
 
Speaker 3: Let me respond to a couple of points. 
I mean, you’re right, I thought I made the 
distinction between self-consumption and excess 
electricity that you’re putting in the system. 
They are two different issues. I agree with that.  
 
And obviously, if you want to put any kind of 
DG in, and you’re consuming it yourself, that’s 
just the way it is. It is no different than energy 
efficiency, for purposes of the utility system. It 
may have different environmental consequences. 
But it’s no different from the utility system point 
of view.  
 
But the other question about decoupling--it may 
not be precisely the same as changing the 
fixed/variable ratio, but the effect is ultimately 
the same. Basically what you’re doing is, first, 
you’re relieving utilities of risk, which of course 
they like, and secondly, what you’re doing is, 
you’re imposing a tax on everybody for the 
benefit of some people. You’re right, it was 
designed originally for purposes of energy 
efficiency and to remove the disincentives for 

utilities to promote it. But I think with this, it 
really raises the question of whether that’s a 
business utilities ought to be in at all. If we’re so 
worried about trying to change their incentives, 
then maybe we ought to think about opening up 
the whole metering and billing and the ESCO 
market in ways that we haven’t do so far. 
 
Speaker 2: And I wanted to just offer a 
California perspective. One, we decoupled in the 
‘80s, and I think it has been the large driver. On 
the class issue, what we’re really talking about is 
NIMBYism. You know, the California Air 
Resources Board has been sued on our cap and 
trade based on the fact that it doesn’t address the 
smoke stack impact on poor communities. And 
it’s typically the wealthier people that adopt new 
technologies, often by way of the subsidies and 
the tax incentives that are associated therewith.  
 
So if we’re going to talk about class warfare, I 
think you have to look at all fuel sources. You 
have to look at both utility-scale and DG, and in 
most cases you’ll find that poor people are 
getting the short end of the stick. Now, in 
California, we have our Energy Savings 
Assistance Program--that’s 1.8 billion that we 
put over a three year period towards subsidies 
for low income customers. We have the 
California Alternative Rates for Energy, which 
is about $4.8 billion, to provide a 20% discount 
on energy for those who fall below 200% of the 
federal poverty guidelines. We have utilities that 
look at, for example, free lunch programs, in 
order to determine what families fit into that. 
And then when you look at our tiered rate 
structure, which was designed by way of 
insulating the two tiers from a price sensitivity, 
it’s actually had a reverse effect, because most 
of our working class and lower income families 
are inland, and so they’re up in the third and 
fourth tier.  
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My point is that, as regulators, we have ways to 
try to address the class warfare that can come 
about by way of our environmental policies. But 
unfortunately, I think we rarely get it right, 
because you can’t social engineer some of the 
historic realities of our industrial utility energy 
base. But all you can do is try, and I think if you 
can get a B for effort, you’re somewhere in the 
zone. 
 
Question 4: A quick preface, because you may 
be confused by my question and think that 
somehow I’m not supportive of solar 
technology. I heard a physicist from Cal Tech 
not too long back give a speech where he 
basically said that if you look out a couple of 
hundred years from now (obviously really long 
term planning) the only energy source that’s 
going to be capable of sustaining the energy 
needs of the human race is solar. So it’s going to 
be part of our future.  
 
That being said, first I need to correct something 
that the panelists have said, which is just not 
accurate, which is that unless you’re selling back 
to the grid, there’s no difference between the 
impact of energy efficiency and solar PV. That’s 
not just true. A simple example could illustrate 
it. You can have a PV system that, with net 
metering, results in the zero kilowatt hours 
served. You’re still using the distribution system 
substantially, and yet you’re not selling back to 
the system. You’re incurring a distribution cost 
through its use, both coming and going, but you 
have zero net kilowatt hours. We’re talking 
about net metering. Whereas if you could, 
hypothetically (obviously it’s not possible) use 
energy efficiency to get down to zero kilowatt 
hours, you would not be using the distribution 
grid, and you would not be imposing any 
distribution costs on the system.  
 
With that said, we heard from Speaker 4 about a 
lot of positive benefits associated with solar PV-

-GHG reductions, other emissions reductions, 
reductions in distribution losses, potentially 
reductions in transmission or distribution costs 
as well. All very legitimate considerations, many 
of which are not priced into the product. But the 
panel hasn’t talked at all about the other side of 
this coin, which is that a system with a lot of 
distributed photovoltaics has implications for 
reliability, due to the intermittent nature at both 
the micro level and the overall system level. 
There are implications for safety, when we have 
a large level of PV on the system, where power 
is flowing in opposite directions than what was 
originally intended. We have a lack of 
information and control over what that 
generation is, because it’s not metered, 
telemetered, so that the operator or the 
distribution company knows what the level of 
output is from those facilities. We have potential 
for increased distribution costs when the power 
flowing in the opposite direction from the 
distribution system causes upgrades that are 
necessary, and we’ve experienced examples of 
that in Southern California. And there are also 
other locational implications. We’ve had 
development of distributed generation out in the 
middle of the dessert, connected nowhere near 
anything, that imposes transmission as well as 
distribution costs on the system. All these are 
part of the overall picture that I think has to be 
considered. So I’d like the panel to at least 
respond to the big picture of how we look at 
solar PV.  
 
Speaker 4: Well, I was going to say, it actually 
was on my comments, but I got cut off. I only 
got to the one half. So we’ll just be clear. 
Because I’m trying to look at all of the issues. 
And one of the reasons I think it’s so important 
to bring the utilities together with the solar 
community and some of the regulators is that I 
think a lot of those technical issues just are not 
fully understood. Right? Not even by a lot of the 
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academics that are working on solar are working 
on the next great thing.  
 
So when it comes to the power electronics of 
what really happens when we go from having a 
system that really is a one way system that’s had 
little bits going back in to one that might go up 
to 20% reverse flow or something, that’s very 
significant. It’s a real change from the way our 
entire network was set up. And so there certainly 
will be some impacts. But what does that mean? 
And there could be some cool opportunities. 
Right? From a jobs perspective, there are 
probably technological aspects to that that could 
be very interesting for us all to be working on.  
 
So I think that part of what we really need to do 
is to actually identify what these risks are and 
put a price on them. I have a whole folder now 
of all the articles that have been written on this, 
and you very quickly see the utilities on one side 
saying, “This is a problem.” The utilities say that 
there’s absolutely no benefit to the distribution 
system (which is a little hard to imagine, 
because there could be some. I don’t know.) 
And the utilities say that it’s going to put all 
these costs on the system and safety and all 
those other things you hear. And you just feel 
like it’s very defensive.  
 
And then you have the other side that’s just 
talking about all of these benefits that are not 
quantified. And with smart meters and the like, I 
think we should have the opportunity in the 
future to really be able to come up with a value 
for what the costs and benefits are when 
someone is using DG. And somebody at dinner 
last night, who’s still here, was even suggesting 
to me that people who are selling back to the 
grid should pay. They shouldn’t sell, they should 
pay to go in the grid, because the grid is 
essentially a storage device, which was unusual. 
But, I mean, interesting. And you know, those 
kind of issues I think are really not being 

explored in depth, and so instead you’re starting 
to see people just come advocate almost without 
data.  
 
Speaker 3: And you’re absolutely right. I don’t 
think we ever approached this issue, or a lot of 
issues. And I think some of the sexiness appeal 
of renewable DG and renewables in general has 
sort of obviated that. But ultimately, and this 
kind of reflects back to the conversation we had 
in Los Angeles, maybe two years ago, about the 
likely effects of the electric car or the plug in 
car. It’s the same issue. The issues of the grid 
are about to be visited on the distribution 
system, because in some senses, you’ve got the 
exact same issues, and it does raise a lot of 
interesting issues. I think what it ultimately 
comes down to, actually, is kind of a civics 
problem in the US, but we don’t do well on civic 
dialog. And I think as Speaker 4 pointed, out, 
you know, utilities are defensive, and their views 
are cynical, and the green advocates, I think, are 
focused on particular technologies and not on 
the implications for the system as a whole. And 
so the discussion doesn’t take place. But you’re 
absolutely right. All those issues are there. 
 
Speaker 1: I wanted to just add one thing. First 
of all, thanks for correcting my 
oversimplification of the energy efficiency 
analogy. But, obviously, if you’re still below 
minimum load all the time, and you’re not ever 
exporting, then what I said was true. You’re not 
using the distribution system. But I did want to 
point out that at least for now, when there are 
costs that the utilities feel are needed for a safe 
and reliable interconnection, those are borne by 
the applicant. And of course, someone might 
argue that the utilities are asking for too much 
protection, so they could debate about what the 
right level is. But those costs are being borne by 
the application. So I should just point that out. 
They’re not externalities. 
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Speaker 2: I think in California, photovoltaics 
are getting an undue concentration of our energy 
mix, as well as our discussion. You know? They 
clearly have benefits, particularly in peak-
shaving scenarios. But there are other 
technologies out there that I think need a shot at 
the distributed generation market as well. And 
it’s important to note, I think DG in California 
picked up a very heavy political tone during our 
Sunrise Power Link proceeding, because the 
anti-transmission folks, which was another form 
of NIMBYism, kind of embraced it as a way to 
oppose large-scale infrastructure that does go 
through communities, whether it’s Tehachapi or 
Sunrise or any of the other transmission facilities 
that we’ve operated.  
 
But I think something that doesn’t come into the 
discussion, when I look at gigantic projects like 
Ivanpah, is the potential that DG has to reduce 
the amount of land grab that’s involved in 
utility-scale renewable generation. And that’s 
something I’d like to see in some type of 
comparative study on a pro forma basis, because 
I think when we’re looking at what we’re up 
against on things like these five PPAs for Bright 
Source, for example, are some major impacts—
biodiversity and environmental issues that are 
now coming about in both large scale wind and 
solar. So I think that has to be kept in mind.  
 
In terms of system safety, if DG (and I’ll go 
back to PV and EVs) if DG is making us visit 
the grid, the distribution grid as well as the 
transmission grid, to “smart” it, I think the time 
is right. And we should be doing that anyway. 
And if it’s these technologies that are forcing 
regulators and consumers and utilities to finally 
address these needed upgrades to get us beyond 
the system that Edison looked at, then I don’t 
want to be sounding like someone that is 
insensitive to the consumer impact, but I feel 
that from a national security standpoint, this is 
the time to advance that. 

 
Follow up: Just one final comment related to 
that is that one of the things that we lack, at least 
for our development in California, and I believe 
probably in the US, is the level of telemetry 
associated with these installations, that they have 
for instance in Germany or Spain, so that they 
can see what’s happening on the grid as a result 
of their PV systems. We generally don’t have 
that here, and the reason why is because the 
system wasn’t originally built that way, and it’s 
expensive to put it in. 
 
Question 5: Listening to the panel, I’m struck by 
the almost Rube Goldbergish way in which these 
policies have been put together. Seeing these 
presentations, we’ve created these overly 
complex mechanisms to try to get renewable DG 
put into place. And so then my question 
becomes, why are we doing this? Have we 
stepped back to ask ourselves, for what purpose?  
 
And I’ve heard multiple explanations. I’ve heard 
climate change policy, general environmental 
policy. I’ve heard line loss reduction, reducing 
the need for distribution infrastructure 
development. Of course, there’s also the 
comment about, “Well, maybe I’m actually 
creating the need for upgrades.”  
 
What this makes me ask, given the complexity 
of the mechanisms that we’ve set up, is would 
we be better off spending our time thinking 
about rate design and pricing that will send the 
right incentives that we want? So for example, 
LMP down at the distribution level, megawatt 
mile-type cost recovery and rate design for 
distribution infrastructure itself. Wouldn’t that 
be better? And that’s far less complex than the 
mechanisms that we set up.  
 
And I’m struck especially by Speaker 4’s 
presentation. And we’ve created this wonderful 
market [in SRECs], and then on my God, the 
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price crashed, because we have so much supply. 
So now we have to actually save the market 
from itself and prop up the prices. And it just 
boggles the mind that we feel the need to prop 
up these prices because of our irrational 
exuberance over a technology that, as one of the 
previous questioners pointed out, is probably not 
very cost competitive at this point.  
 
Moderator: Let’s focus on the question about 
rate design. If efficiency is the policy goal, or if 
DG is the goal, can you get there with rate 
design in a more economically rational manner?  
 
Speaker 1: Not without a very high price on 
carbon. 
 
Speaker 2: What I was going to say is, if you 
want to go purely on rate design, let’s just get a 
pile of coal or wood and get back to basics. I 
mean, yes, we’re trying to create incentives in 
the marketplace for technologies that we feel are 
going to have a long term health benefit, a long 
time environmental benefit. There’s a cost 
associated with those benefits. You know, both 
on us and the other living inhabitants of this 
planet. And I think that generally I know what 
I’m trying to do. But if I wanted to get it purely 
into rate design, we probably would go back to 
your basic cost of service, rate of return, 
centralized power structure utility market.  
 
Speaker 1: I mean, I was a little flip. I think 
that’s a big part of it. If you don’t have a price 
on carbon, you’re never going to get a lot of the 
renewables to compete. That said, I think that 
we are Rube Goldberg-like. I think all the states 
have found three or four different ways to 
provide money for these technologies. Net 
metering, SRECs, the whole thing are all 
different revenue streams. And there’s probably 
a much cleaner single way to do it, whether it’s a 
REC auction only, or some kind of pricing that 
could get the same amount of money without 

having it look like a Rube Goldberg. But I think 
you’re still going to have to get them the money 
over the next few years if you want those 
technologies, without carbon pricing. 
 
Follow-up: I happen to agree with you. If that’s 
the goal of this, then let’s put a price on 
emissions, CO2 emissions and criteria pollutant 
emissions, as a much cleaner way of getting 
there, rather than what we’re doing today. 
 
Speaker 2: Well California has it. We have a cap 
and trade system. So we have it. 
 
Speaker 1: So does New England, but of course, 
the cap’s not binding enough, so that the prices 
are not high enough to make any difference.  
 
Question 6: I’m going to pick up on this 
discussion a little bit, because I do think we’ve 
created a set of second best solutions in terms of 
renewable portfolio standards, solar set asides, 
net metering, that is trying to get at a number of 
different policy goals. And I guess my basic 
question is, would we be better off and more 
efficient trying to get at the underlying policy 
goals more directly? And I’ll just briefly touch 
on three of them. One of the previous 
questioners already talked a little bit about doing 
dynamic pricing and doing it at a nodal 
distribution level, and putting in a carbon price 
which either could be an external carbon price, 
as you’re about to do in California, or could be 
some form of carbon output incentive in an 
incentive based rate making mechanism. So you 
can do that level.  
 
One of the things I’m struck about in solar 
technology is, I do talk to some of the 
technology companies, both on the PV side and 
on the power electronic side, and it really does 
appear that there are potentially really 
significant developments in the technology. But 
my question is, do we have the timing right? 
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And maybe we should be figuring out how to 
put regulatory dollars into our D&D rather into 
let’s do installations now, if the ultimate 
objective is to get a technology that’s going to 
be cost effective, not only here, but globally, to 
address the carbon problem. And should we be 
looking more directly at that technology 
development problem?  
 
And finally, as someone mentioned here, well, 
there’s also a reliability aspect to distributed 
generation, and I’m wondering, should we be 
much more explicit about how we deal with 
reliability in the distribution grid, recognizing 
that different consumers place significantly 
different values on outage costs? And should we 
try to be explicit about that and say, this is the 
quality of service that we expect our utilities to 
deliver to different types of customers as ways 
of addressing these different kinds of policy 
objectives much more directly than through 
these kinds of add on policies, like DG and 
RPSes and set asides, etc?  
 
Speaker 4: I just want to say a couple of things. 
On that last issue on the reliability effects of the 
DG, as I’ve been reading about this, I’m not sure 
that that’s ever the leading argument. I think it’s 
really more the response to the argument about 
how this is going to be terrible for the 
distribution. Well, how do you know it’s going 
to be terrible? It could actually have an 
offsetting effect. But I think you’re right, that if 
you were to picture something ten or 15 years 
from now, where you had more of a distributed 
network, you could see that there could be 
benefits to that. And I think it is really important 
that we at least put some resources, which I 
think DOE probably is doing anyway, hopefully, 
into thinking about what those implications are. 
And the second question there was?  
 
Follow-up: So the three points were first, pricing 
and nodal impacts, secondly on should we be 

doing more technology development rather than 
trying to do the deployment, and third, 
reliability.  
 
Speaker 4: Right. And I think that on the whole 
technology issue, one of the things that I know 
DOE is working on, I think it’s called Sun Shot 
or something (they have a clever name for it), 
which is really trying to go after the costs that 
are not the technology costs. And there’s been 
some analysis that says there’s actually quite a 
lot that’s been built into the price of this in terms 
of installation, legal, permitting, all of those 
steps along the way, just like we faced with 
transmission projects and the like. There are a 
lot of costs that are not the actual facility, and 
there is some sense of optimism that if they 
could get more efficient on that, then we could 
actually take quite a bit out. But you’re right, 
you know, you can talk to other scientists, and 
there is this sense that maybe we’re not really 
quite on the precipice of coming up with a 
solution, and is this a little bit wasteful that 
we’re subsidizing all these second best 
technologies?  
 
My sense, politically, as sort of the major hat I 
wear, is it’s really important to continue to build 
public support and understanding for solar 
energy. And one of the best things we did was 
with this pole-top solar program that I’ve 
mentioned, and for that I think it’s pretty much 
public, the economics of that are worse of all of 
our solar programs. Right? They’re distributed 
one panel per pole. And it was a new 
technology. But it has really done wonders, I 
think, in terms of people in the state feeling 
ownership in this overall effort. You can’t drive 
down the road without seeing one, and it really 
is something that school kids talk about. And I 
think it’s kind of changing the perception of 
what it means to have our energy system. So 
there are other benefits, I guess is what I’m 
trying to say, to some of this that would be good 
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to quantify, and that are real, even if not 
quantified. 
 
Speaker 2: We’re criticized on the amount of 
rate dollars that we put into research and 
development, early stage and applied. We had 
our Silicon Valley Technology Center case that 
was going to put rate dollars, along with venture 
dollars, into a program in the Silicon Valley to 
look at newer emerging solar technologies. And 
we had really negotiated to what I thought was a 
reasonable cost for consumers. But it got voted 
down.  
 
So I think when you’re talking about this rate 
design that could put more money into R&D, we 
have to look at that ratepayer advocate factor 
there, particularly in tough economic times. But 
I clearly believe in investing in those 
technologies, as well as other DG technologies 
that I feel over the long run could reduce cost to 
consumers. But it’s also up to the stakeholders 
by way of the proceeding, which you’re very 
familiar with, to give the appropriate cost benefit 
analysis and other evidentiary items that puts a 
commission in the position to justly and 
reasonably fund these types of effort. 
 
Speaker 1: I just was going to add one thing. On 
the dynamic pricing part of your question, I 
think that’s a really interesting issue about what 
it would do to DG if we move to time varying 
rates. I think as Speaker 3 pointed out, solar’s 
not always coincident with peak, but with 
storage, I mean, it could be enough to really get 
solar, because it changes the price significantly. 
Of course, we have no state that has yet agreed 
to take on the political issue of moving to time 
varying rates, except Oklahoma and a few places 
on a voluntary basis, so that there’s a big 
political issue there. But I can’t help but think 
that if we had the rates right, that would be 
better for DG and everything else in the long 
run. 

 
Speaker 3: I think the example you gave about 
PV and whether it’s coincident with system peak 
is a good example of that. I mean, legislators (or 
regulators) were able to hold the line and say, 
“Look, we’re going to price this based on the 
energy price,” that provides a huge incentive for 
battery folks and other storage mechanisms to 
show up. But we don’t. When I say “we,” it’s 
either the regulators, and it more often may be 
the legislators, but anyway, at some level the 
policymaker proceeds to cave in to the glamour 
of “Let’s do the PV, and we’ll do whatever it 
does.” And that’s what you can’t do. It sort of 
ultimately comes down to there being two kinds 
of subsidies. The good ones and the bad ones. 
The good ones give me money. The bad ones 
give you money. [LAUGHTER]   
 
Question 7: Speaker 3, from my perspective, the 
energy policy of my state is, “We want you to 
sell less,” either through DG or energy 
efficiency, and then the energy policy of the 
federal government and others is, “We want you 
to spend more capital so that you can ultimately 
sell less widgets.” That’s essentially what’s 
happening. And you pointed out that through 
distributed generation, if we have net metering, 
I’m actually going to pay more. And if you want 
to call it aggregated net metering or whatever, I 
might call it retail wheeling, you’re going to use 
the system further, exasperating the cost a little 
bit more.  
 
So my question to you is, why is treating the 
utility as an infrastructure company a bad thing? 
Why is that bad for green pricing? Because, to 
me, I’m providing backup generation and 
support. And if I don’t separate those fixed costs 
(and I understand your argument about it may 
reduce the risk of recovery. But you can fix that 
through rate design. You can tier what the fixed 
charges, what the monthly charges might be for 
a low income household or other folks. You can 
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reduce ROE. There are tools in the toolbox.) but 
if you don’t do something about the fixed costs 
of the system, then I do think you get into class 
warfare, not the class warfare we were talking 
about between low income and high income, but 
those who have DG and those who don’t, 
because if you’re going to recover the fixed cost 
of the system through a variable charge, 
inevitably that’s what’s going to happen. So why 
is treating those infrastructure costs truly as 
infrastructure costs, and treating the green 
energy costs as comparing to PPAs, wholesale 
power and/or fuel costs a bad thing?  
 
Speaker 3: Actually, the interesting part of that 
question is really much broader than the subject 
of this panel, which is, you’re right, you should 
treat is as infrastructure. The question is defining 
what it is that’s infrastructure. What exactly is 
the role that we want from the utility? And in 
some ways, what we ask of electric utilities is to 
be an energy provider, a social welfare agency, a 
technology innovator. And you could, 
theoretically, be all those things, but it’s grossly 
inefficient.  
 
So I think one of the problems is, we don’t 
define very well what it is we want from the 
utility. In my own personal view, we ought to be 
redefining infrastructure in a more of a de 
minimus way. So that the utility role is clearly 
defined in everything else we do, and we 
provide some financial incentives or market 
mechanisms for people to get into the business. 
And I think the problem with regulated utilities 
is that every policymaker with an agenda sees 
you guys as its vehicle. And that’s part of the 
problem. And you’re describing it quite well.  
 
Cybersecurity is an inherent part of your agenda. 
I don’t know how you avoid that. But some of 
them are not. Promoting particular resource 
preferences is not necessarily what you want to 
do. But on the other hand, if we want to promote 

those, how do we promote those in ways that 
lead to economic efficiency? There was a point 
earlier about let’s do more R&D. Well, that’s 
fine. But it doesn’t usually work that way, 
because subsidies, no matter how well designed 
initially, they don’t go away. So it’s a problem. 
But I think the question, maybe it’s the subject 
of a future panel here, is what ought to be the 
role of an electric utility in our society? And 
that’s really the question you’re asking. 
 
Question 8: It’s hard to follow “what is the role 
of a utility in society?” I don’t have the answer 
to that one. [LAUGHTER]   
 
This has been a very interesting debate, and I 
know these policies are very politically popular. 
But I think everybody agrees they’re not 
sustainable. I think there’s some sort of 
consensus in the room on that. Don’t forget tax 
incentives. We didn’t really talk about that, but 
there are heavy tax incentives as well. So if 
policies are politically popular but not 
sustainable, I think we’re at a collision course 
somewhere here, and there’s going to be some 
backlash. We’re going to have some more 
Solyndra type stories coming up in the states, 
and depending on the outcome of elections and 
things, we’re going to see some backlash, and 
that’s concerning.  
 
And so I guess the question is, how do we move 
the needle? How do we go from here politically? 
How do we change the dialog a little bit and 
become proactive and rationalize these policies 
and move forward so we get ahead of the curve 
and we’re not stuck being defensive, or with 
people taking sides defending positions, but 
moving forward on policies that are rational? 
 
Speaker 4: That’s what I’m interested in, too, 
that question. You know, one of the things that 
has seemed to work at PSE&G is deciding to 
have the utility be the investor in the solar. It has 
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some controversy, because it kind of goes a little 
big against this idea that Speaker 3 is talking 
about, where you might just have the utility as 
the infrastructure provider, sort of enabling lots 
of competitive providers to come in (which 
PSE&G did do as well through the loan 
program). But when PSE&G started to do the 
direct investment through the Solar 4 All 
program, it worked, and we’ll see if it gets the 
political support to be expanded, but it worked 
because it found a way to bring in all those other 
parties to have a role in it. So it wasn’t like the 
utility was trying to keep everybody out. The 
utility was going to be the investor. It was going 
to have a benefit of participating. The benefits 
were then also going to be shared, to pare some 
of those equity issues.  
 
In New Jersey we have some extremely poor 
communities and very wealthy communities. We 
had a concern that the traditional ways of doing 
this, even with rebates, were really, really 
regressive in the sense that they were very much 
going to some of the wealthier areas and 
bypassing others. So I think that that’s one of the 
possible solutions. And I know a lot of utilities 
haven’t gone that road yet. But PSE&G was 
very happy to see our governor is supporting 
this. The legislature is supporting it now. Our 
commission’s supporting it. And you know, 
because PSE&G has done it now for a few 
years, it’s getting better at it. The costs are 
coming down. There’s some scale. And so 
PSE&G is going to continue to work with the 
other market participants through the loan 
program. But it’s a nice path to sort of keep solar 
going in a way that hopefully can reduce some 
of the political friction that we’re hearing about 
in other parts of the country. 
 
Speaker 1: I have just one thought, having 
observed Massachusetts and Connecticut in 
about the middle of the puzzle, but not 
necessarily the two end points. I think that 

what’s been typically started as more subsidy 
programs, where we pay a certain number of 
cents per kilowatt hour to bring costs down, or 
feed-in tariffs in the case of Europe, is now 
moving more to a market type mechanism, like 
REC auctions, which at least, again, they’re still 
RECs, and they’re not competing against other 
things, but at least they are trying to create a 
market. You’re not setting a fixed price. You’re 
allowing for some competition to try and get the 
cost down.  
 
I think this seems to be the trend and is probably 
a more sustainable way to go. Again, those are 
still within the context of having renewable 
portfolio standards. Whether renewable portfolio 
standards are sustainable in the long term, that’s 
a different issue. But there are probably different 
ways to meet the RPSes. I think net metering is a 
different animal, and I’m not sure, again, 
whether dynamic pricing would allow us to 
move out from under net metering to a more 
pricing based approach. But I think those are the 
things we want to think about and explore. 
 
Question 9: So when I originally got the 
program, and I saw that this section was about 
distributed generation, I was thinking, “Oh, it’s 
going to be a lot about CHP and technologies 
with backup generators.” And what unfolded 
was really what’s always struck me as much 
more of a discussion about carbon policy. And I 
hadn’t fully appreciated that most of the 
incentives in this area really are driving a 
particular technology.  
 
And I just want to echo something Speaker 3 
said. It’s connected to something we’ve been 
saying in California, which is, in the context of a 
fixed cap, you’re not increasing emission 
reductions. You’re just shifting the reductions 
from one type of technology, rooftop solar, to 
another sector, which is then going to have the 
cap relaxed. And so you’re kind of picking your 
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religions a little bit and likely raising the cost to 
the state in the process.  It’s a little bit of irony 
that on this panel we have California and we 
have Massachusetts, which is part of RGGI, but 
it’s not clear if the cap’s binding at all. And we 
have New Jersey, which used to be part of the 
cap, but now isn’t. So there is that part of it.  
 
But I’m actually interested in the other question, 
which has been a lot of the focus in the 
discussion. I’m still trying to get an 
understanding of, in terms of distributed 
generation, whether there is a real market failure 
here beyond getting the pricing right. And I’m 
looking at some of the policies, and they seem to 
be getting at, do you want to be charged at the 
wholesale rate? Or do you get the average rate? 
Is it the average net? And are we going to 
account for different capacity and reliability 
impacts? How are we going to account for that? 
And I think I understand that now.  
 
But I just want to ask the panelists, is there any 
other market failure here that is a reason for 
pushing forward distributed generation? And 
both Massachusetts and California have 
elements that suggest that there’s something 
going on. So there is the CHP program in 
California, and presumably there are no, you 
know, climate benefits for that, though I realize 
they’re part of the AB32 scoping plan, so they 
kind of count it there. And in Massachusetts, we 
have a cap on net metering. And as Speaker 3 
said, that kind of suggests that something’s 
going on. So I just wanted to better understand 
what’s driving the need for a cap there, and if 
there’s some other market failure that I’m 
missing here. 
 
Speaker 3: I think that some of the market 
failures exist in the retail pricing, which I think 
has been a lot of the discussion. So for example, 
the point earlier about how some customers 
value reliability than others. We’ve done nothing 

to try to fix that issue, for the most part. And 
actually, what we’re doing now in some of the 
discussion we’ve had today, you can see, is 
we’re basically providing subsidies to those that 
value reliability more, and everybody else is 
going to pay for their enhanced reliability, even 
though they may not need it. So that’s one 
market failure.  
 
Another is that in those organized markets where 
we do have locational prices, we put as much 
effort into making sure customers never see 
those price signals as we did to create the price 
signals in the first place. I mean, it’s bizarre, the 
circular thing that goes on. So we clearly have 
market failures. But a lot of them aren’t so much 
market failures as they are failures of retail 
pricing, and that’s caused a lot of these issues to 
go on. 
 
Speaker 2: I did have, actually, some slides and 
discussions on combined heat and power, and I 
just kind of ran out of time. You know, I’m not 
an engineer, but I do believe there’s clearly a 
carbon benefit to the heat capture technologies 
that are out there, and redirecting that heat either 
in chillers or other types of generation function. 
So I didn’t understand that comment in your 
question.  
 
Follow-up: Well, I guess my question is, in 
theory, if the market prices are set right, and if 
they can generate electricity along with their 
surplus heat, then they should be able to get a 
price for it that reflects the value of it. And so it 
suggests to me that there’s some other market, 
and their ability to sell that product. 
 
Speaker 2: And I think our QF proceeding in 
California at least attempts to price that. So now, 
where I do agree with Speaker 3 is that we do 
seem to be taxing reliable sources of generation 
to cover for variable sources of generation (or 
“intermittent” is probably the better term).  
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Getting back to DG, Secretary Chu I think 
brought out a good point, that the wider the 
footprint you have in solar, the less the level of 
variability. And so I think when we’re looking at 
the variability of renewable sources, for  
investment in technologies, whether it’s tracking 
or thermal storage or other components, I do see 
a benefit down the road. But until that time, 
natural gas is going to be the workhorse for the 
firming of renewable sources. And that’s why in 
California I have no shame in being an advocate 
for natural gas, because I recognize that, whether 
it’s DG or central, it’s going to be a critical 
component in us meeting our reliability needs in 
the system. 
 
Speaker 1: Just one quick thing on CHP. I mean, 
CHP has a big GHG benefit generally. And not a 
market barrier, but a technical barrier that I 
mentioned before--you can’t put CHP on 
downtown networks if there’s a possibility of 
exporting. Utilities can’t handle that on networks 
where they have multiple feeders coming into a 
building. So that’s a big technical barrier. 
 
Question 10: I actually first wanted to just 
provide a couple of responses to comments that 
were made towards the beginning of the session. 
So first just addressing Speaker 3’s kind of 
foundational question, “Why DG?” Some of this 
has been alluded to, but I think in California, 
most of the RPS capacity is being procured from 
larger facilities and larger projects. But then 
we’ve also seen that some of those larger 
projects, multiple hundreds of megawatts, when 
they fail, that’s a significant portion of the 
utility’s portfolio, so it also presents a certain 
amount or risk to the utility to put so many eggs 
in one basket. And that’s just one reason to have 
a diversified approach.  
 
There are general RPS solicitations that don’t 
necessarily exclude smaller projects, but because 

in those solicitations, the utilities end up 
selecting only a limited number of projects to 
engage in the lengthy, expensive process of 
further individual contract negotiations, it tends 
to push smaller project developers out of that 
system, and the utilities, just to reduce their 
transaction costs, want to focus on larger 
projects because there are fewer counterparties 
to negotiate with. So in response to that, we 
created the renewable auction mechanism, 
which is limited to projects of 20 megawatts or 
smaller. And it’s not only the fact that it’s 
limited to smaller projects, but also there are 
only two, or I think possibly three standardized 
contracts. So there is no individual negotiation 
of terms or conditions or prices. You submit 
your bid. You know what you’re going to be 
paid. And there’s a very simplified contract 
process.  
 
And we’ve actually seen the turnaround from the 
submission of the closing of the first auction in 
November of last year, to PUC approval of 
contracts, took six months, compared to 
something like two years or more from the close 
of a solicitation for these large scale projects to 
PUC approval. So it’s faster. It’s more 
simplified, with lower transaction costs.  
 
And then there is this land use issue. Now, DG 
isn’t necessarily always rooftop. It isn’t 
necessarily always brownfield. But a couple of 
the projects that Speaker 2 mentioned, like 
Bright Source, these are power tower projects, 
and the field for the heliostats covers an 
enormous amount of area. And in the one project 
that is now under construction, Ivanpah, I 
remember discussing this with some of the folks 
from Bright Source, and I think they spent 
something like $56 million on environmental 
monitoring and mitigation, and literally millions 
of dollars finding and moving desert tortoises 
out of the project footprint. So those are reasons 
for DG. 
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In response to something that an earlier 
questioner said about the California Solar 
Initiative demonstrating the failure of solar PV 
technology as a cost competitive, cost effective 
technology, and that the program doesn’t seem 
to be meeting its targets, if you go back to slide 
ten of Speaker 2’s presentation, keep in mind 
that the program goal for the general market is 
1,900 megawatts. You can see on slide ten that 
as of 2011, about 700 megawatts were installed, 
with 260 installed in 2011. (I think that’s 
actually a little outdated. I think by the close of 
the year, we found it was closer to 300.) That 
leaves 1,200 megawatts spread over another five 
years of the program, from 2012 through the end 
of 2016. If you installed 240 megawatts 
annually, which was less than was installed in 
2011, you’ve reached the program goal. So I 
think we’ll actually reach the program goal 
sooner than is expected under the program. And 
as far as the cost of the program, there are ten 
declining steps. As more and more capacity is 
installed or just claimed in the incentive claim 
process, the application process, the level of the 
incentive declines. There were ten steps. We’re 
now in step eight to ten for all of the utilities. 
The incentives in the presentation are only 
described as being in terms of dollars per watt. 
But actually, all projects over ten kilowatts 
receive a cents per kilowatt hour incentive, and 
the cents per kilowatt hour incentive at the eight 
to ten level was either 4 ½ to 2 ½ cents per 
kilowatt hour. So the costs have come down 
significantly. The program is well on its way to 
reaching the goal. We’ll probably reach the goal 
well before 2016. 
 
Question 11: Yeah, I will say that I agree with 
many of the comments that have been made 
about what could be described as the 
irrationality of using net energy metering as an 
incentive approach to incentivizing behind the 
meter. Renewable installations are distributed. 

And I think that overall, just having one unitary 
approach that depends on competitive 
solicitations for long term contracts might be the 
solution. So I would encourage parties here who 
are interesting in this topic and those who are 
actually working in the policy arena in other 
states to just think about how you could use 
competitive solicitations, which could be 
segmented at various levels of capacity. But that 
way you’re staying fresh with the market. The 
prices should reflect the latest technology prices 
and installation prices, and you’re going to get 
the most value for the least cost.  
 
Moderator: We’re out of time. But I do want to 
give each panelist a chance, if you’ve got one 
more point you want to make that hadn’t been 
made, and you want to get a last shot in, this is 
your opportunity.  
 
Speaker 3: Just one quick comment in regard to 
the comments about the larger rationale for why 
DG that were made in Question 10. The 
interesting thing about the rationale you’re 
talking about is, it all has to do with sort of 
contrived problems that arise from either 
regulation or legal requirements, like fear of the 
failure of large scale renewable projects, so you 
can’t meet RPS, which doesn’t amount to a 
broad policy reason to do something. It’s a 
practical reason, but not a broad policy reason. 
And things like the transaction costs for DG, 
multiple DGs, as opposed to the renewable 
projects, which you’re absolutely right about 
that. But part of the reason why you’ve got all 
those problems is because of the way we do 
retail pricing. So it seems to me on a larger 
scheme of things, those are sort of contrived 
problems--not that you’re contriving them, but 
they’re contrived by the nature of the system 
we’re in. So if you fix that, you wouldn’t have 
the broader policy rationale. 
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Speaker 2: I just want to say that I think what 
price signals, and competition, everything we’ve 
discussed takes on a new and more efficient 
dimension. So I’m in full agreement with 
Speaker 3 in that area. Again, I think there’s a 
lot of politics behind DG in California. It really 
picked up that ramp rate in terms of becoming a 
level of agitation in our public participation 
hearings and other effects, based on people not 
wanting to see certain large scale infrastructure 
impacting their communities. At the same time, 
we just approved our next step in home area 
networks, for our smart grid proceeding.  
 
And Speaker 3 referenced the smart meter. I 
think what we’re looking at is a dynamic design 
on a forward looking basis, that more and more 
consumers want to be a part of. Maybe some for 
economic reasons, but I think some for other 
reasons. They love technology. They want to be 
a part of it. They want to be able to effectuate 
and manage their consumption in a multitude of 
areas, not just energy. And I think overall this is 
a good thing. But there’s a cost associated with 
it, and we’re going to be criticized for it. There 
are those that are going to really attack us, 
because they feel that we’re being Buck Rogers 
when we probably should stay focused on a 
more central, less risky approach. And I think 
these are the decisions we make as regulators, 
policymakers and as a nation. Sometimes we get 
it right. Sometimes we don’t. 
 
Speaker 1: I think the only thing that I wanted to 
add is a recognition that in addition to having 
RGGI in the Northeast, all the New England 
states have aggressive all sector climate plans. 
And all the climate targets cannot be met by 
energy efficiency alone. They all assume a 
certain amount of DG. So we need to figure out 
what the best way to do it is, because we can’t 
get to where we need to go on climate by energy 
efficiency alone. 
 

Speaker 4: I think there was a question earlier 
about what drove all of this. And certainly in 
New Jersey, it really was the climate issue. We 
were a member of RGGI. We had a Global 
Warming Response Act. And you know, there 
was just a recognition that we need to continue 
to find solutions, and the politics kind of go up 
and down on climate, but until we really have a 
price on carbon, I think we’re going to need to 
have these other constructs. And I would agree 
with Speaker 2 that I do think there’s something 
else going on here, where people today want to 
have a little more control of their personal 
environment, and this fits with it. A distributed 
generation system--not everybody can have it on 
their rooftop, but the utility industry really needs 
to look outside a little bit and understand where 
society is going and make sure that we can be 
relevant in it, and I see an opportunity for using 
our economic knowledge. 
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